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Abstract:

The Longyearbyen CO, Lab of Svalbard, Norway was established to estimate the
potential for geological carbon sequestration at Spitsbergen. Several monitoring wells
were drilled in and around the planned CO. injection site. These revealed a Triassic
to Cretaceous stratigraphy consisting of (from top to bottom) a zone of permafrost,
the aquifer, the caprock shale, and the upper, middle and lower reservoir. This paper
uses two tools to investigate fluid communication within and between these entities:
87Sr/%°sr of formation waters extracted from cores using the residual salt analysis
(RSA) method, and the 8*3C of gases, principally methane and CO,, degassed from

core samples.

The Sr RSA data reveal that the upper reservoir rocks have very constant formation
water ¥’Sr/®°Sr (0.7130) in wells several kilometres apart, suggesting good lateral
communication on a geological timescale. However, there is a distinct barrier to
vertical communication within the middle reservoir, indicated by a step change in
87Sr/%®sr (0.7130 to 0.7112), corresponding to thin but presumably laterally extensive
(>1.5 km) lagoonal mudrocks. The aquifer, which shows a gradient in 8'Sr/%®Sr, is
also interpreted to have some degree of vertical internal communication on a
geological time scale. The caprock shale shows large-scale (over 350 m) smooth
vertical gradient in 8'Sr/%®Sr (0.7200-0.7130). This is indicative of an ongoing mixing
process between high- 8’Sr/®°Sr waters within the caprock and lower- 8'Sr/%®Sr
waters in the underlying reservoir. Diffusion and flow modelling of the Sr data suggest
that at some time in the past, shale fluid transport properties were enhanced by the
formation of temporary pressure escape features (fractures or chimneys) during deep
burial and uplift, or cycles of glaciation. Nevertheless, the smooth compositional

gradient in the caprock indicates that fluid mixing has subsequently taken place
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slowly, dominated by diffusion. This interpretation is supported by the gas isotope
data, where systematic variations in gas 3°C (-50%o to -32%o) values also indicate
slow and incomplete diffusional fluid mixing. These are positive indicators for caprock

effectiveness during a CO;, injection project.

Keywords: CO, storage, Sr isotope, C isotope, site characterization, fluid flow, cap-

rock, large-scale CCS
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1. Introduction

As a mitigation technique to climate change caused by anthropogenic CO;
emissions, geological storage of captured CO, from large point sources (e.g. coal
fired power plants, industrial emissions) is identified as a promising option (Holloway,
1997; Bachu and Adams 2003; IPCC, 2005). Possible geological storage sites are
depleted oil and gas reservoirs, large sedimentary basins or coal beds (Benson and
Cole, 2008). Before injecting CO; in a targeted reservoir, certain criteria have to be
met in terms of geological conditions (Bachu, 2003), economic feasibility and public
acceptance (Schakley et al., 2009; Waldhober et al., 2009). Reservoirs being
considered for potential CO, storage must have the required capacity, injectivity, and
lateral and vertical confinement (Bachu, 2008). Thus, proper site selection and
characterization is a prerequisite for successful implementation of every Carbon
Capture and Storage (CCS) demonstration project. It is even more important for
large-scale (>10 Mt/yr) CCS, where high injection rates could bring significant
geomechanical effects, such as induced seismicity and pressure-activated flow paths

(Raess et al., 2014; Verdon et al., 2013).

Traditional site characterization techniqgues may involve geological mapping, well
logging, core analyses, and hydraulic well testing that provide information on
compartmentalization, porosity, permeability as well as extent, continuity and
variability of the different layers present (Doughty et al., 2008). Identifying
compartments or barriers is especially important, for two reasons. Firstly, overall CO,
leakage risk is dependent on the overall performance of the primary and secondary
containment of the targeted reservoir (Oldenburg, 2008); in other words, containment
requires the presence of barriers to vertical fluid flow. Secondly, more localized flow

barriers within the reservoir may help with the optimal placement and management of
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injected CO,. For example, Woods (2015) contains an extensive discussion of the

effect of shale baffles on the dispersal of injected buoyant plumes.

Reservoir compartmentalization has been investigated and assessed intensively in
the oil and gas industries as it impacts the complexity of an oil or gas development,
and the amount of ultimate production that will be achieved from a given type and
guantity of wells (Jolley et al., 2010; Fokker et al.,, 2012; Smalley et al., 1994).
Reservoir geochemistry, involving the use of natural chemical and isotope tracers, is
frequently used in hydrocarbon reservoir appraisal to identify potential barriers and
baffles that may affect fluid communication within the hydrocarbon reservoir during
production (e.g., Smalley et al. 1995; Mearns and McBride, 1999; Schoell et al.,
1993). These methods are based on the idea that heterogeneities in fluid properties
will gradually mix through time, and evidence of a lack of mixing is an indicator of lack
of communication. In this study we apply some of these reservoir appraisal methods

to the characterization of a potential CCS site.

In this study, Sr and C isotopes were used as natural tracers to investigate the fluid
communication at a potential CO, storage site in Norway. The Longyearbyen CO,
Lab, located on Svalbard’s main island of Spitzbergen at the northwestern margin of
the Barents Sea Shelf, is a “green showcase” project, which aimed to demonstrate
the full value chain of power generation, CO, capture and storage with a net zero
carbon footprint. The storage site, 5 km east from Longyearbyen, was chosen as a
test site for CO; injection due to its coal-based closed energy system and good
infrastructure for research, education and monitoring (Sand et al., 2014). During the
project, several wells were drilled to perform injection and fracture monitoring tests in
order to identify the storability of potential sandstone layers where CO, could be

injected (Sand et al.,, 2014, Braathen et al., 2012). The targeted reservoir is a
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sandstone layer of the De Geerdalen formation located at ~700-1000 m depth. A
thick shale layer, just above the reservoir, was identified as a potential caprock. Near
the surface, a thick permafrost layer provided another potential seal (Braathen et al.
2012). Mechanical laboratory testing (Bohloli et al. 2014) suggested that pre-existing
vertical fractures in the reservoir could re-open in some stress regimes; however, the
role of fracturing in the caprock was uncertain. One of the conclusions of these
studies is that the geological history of the sedimentary basin, especially the fluid
communication beneath the potential storage site is important for understanding and
predicting the behaviour of reservoir and caprock (Braathen et al., 2012 and Bohloli

et al., 2014) during CO; injection and storage.

Therefore, the key objective of this study is to assess the local geological conditions
for CO, storage by constraining the seal stratigraphy above and within the reservoir

from subsurface fluid data.

2. Study location

Anell et al. (2014), Ogata et al. (2014), and Braathen et al. (2012) described the local
geological setting of the Longyearbyen CO, Lab. The stratigraphic succession
includes a permafrost layer, which extends from the surface to approximately 120-
170 m, a thin upper aquifer (170-200 m), a thick cap rock layer (approximately 200-
680 m) and the targeted reservoir section (680-1000 m), divided into lower, middle
and upper units. The permafrost layer consists mostly of the Carolinefjellet Formation
(Fm), which is a succession of intercalated sand and mud. The cap rock consists of
Rurikfjellet Fm shales with minor sandstone underlain by the Agardfjellet Fm, dark
laminated shales with local silty layers. At about 400 m depth, there is a decollement
fault zone between the Agardfjellet Fm and the Rurikfjellet Fm. The targeted reservoir

is mostly in the De Geerdalen Fm which is shallow marine sandstone with some
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shale horizons. Well testing by water injection revealed a zone of underpressure at
about 870 m depth where the pressure was 40 bar, which is 47 bar below the

hydrostatic pressure of 87 bar (Braathen et al., 2012; Wangen et al., 2015).

In total, eight wells (DH1 to DH8) were drilled at two sites during the project period
(Braathen et al., 2012; Sand et al., 2014) to collect core material and gas samples at
various depths. The first two drilled wells were located on the western shore of
Adventfjorden (Fig. 1) and the rest of the wells were drilled 7.5 km to the southeast,
in Adventdalen (Braathen et al., 2012). This paper presents gas and fluid data from 5
(DH2, DH4, DH6, DH7A and DH8) out of the 8 wells drilled in the Longyearbyen CO,

Lab project as shown in Figure 1.

(15.55,78.24)

DH2

(15.83, 78.20)

DH8
(15.83,7820) DH4 DH7A

DH6 (15.83,78.20)
(15.83,78.20)

Fig. 1: Positions of wells (left) DH2, DH4, DH6, DH7A and DH8 at the Longyearbyen
CO, Lab used in this study (modified after Braathen et al., 2012; Sand et al., 2014).
On the right, the location of Svalbard, which is about 2000 km North of mainland

Norway
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Wells DH4, DH6, DH7A and DH8 are within a distance of 200 m of each other, and
can be considered to represent the same site; whereas, DH2 is located 7.5 km away

from the others.
3. Samples, analytical methods and data treatment

The core materials collected from wells DH2, DH4, DH6, DH7A and DH8 represent
the aquifer, the caprock and the targeted reservoir. Sr isotope data (®’Sr/®°Sr) from
residual salts extracted from core material were used to investigate fluid
communication. Gas composition (C1s, CO,) and stable isotope (5'°C) analyses
were performed on gas samples extracted from core materials. In addition,
mineralogical analysis using X-Ray Diffraction (XRD; BRUKER D8 Advance) was

performed on 58 dry core samples of reservoir and caprock from well DH4.
3.1 Strontium residual salt analysis (Sr RSA)

In total, strontium residual salt analysis (Sr RSA) was performed on 105 samples,
which were taken from the central part of the drilled cores in order to avoid
contamination from mud infiltration during drilling (Mearns and McBride, 1999;
Smalley et al., 1995) and immediately placed into marked plastic bags. Each 2-3 cm?®
sample was gently disaggregated in a mortar and 10 ml of de-ionized water was
added. After 20 minutes, the water with the dissolved salts was passed through a
0.22 ul filter and transferred to acid-cleaned plastic containers. The length of this
pore salt dissolution step was optimized to avoid the dissolution of more slowly
reacting detrital and diagenetic minerals. The samples were evaporated and the
residues were measured utilizing a Finnigan MAT 261 thermal-ionization mass
spectrometer (Munz et al. 2010). Repeated measurements of the SRM 987 standard
at the time of analysis yielded an average ®’Sr/®°Sr of 0.710260 with the reference

value being 0.710254.
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3.2 Gas sampling and analysis

Gas sampling and analysis were performed on 80 core samples from wells DH6 and
DH7A. The cores (5-10 cm long) were placed inside custom-made cylindrical
polyethylene sample containers closed at both ends with valves, as shown in Fig. 2,
immediately after drilling. Each sample container was flushed with helium three times
in order to expel trapped air. After that the containers were evacuated to 1-2 mbar
and the cores were allowed to degas. A port was connected at one end for gas
sampling. The gas was collected at 5, 12, and 26 months after core retrieval for well
DH6 and at 7, 16, and 28 months for well DH7A. After the first sampling, the
remaining gas in the containers was flushed out with He followed by an evacuation to
approximately 1-2 mbar. As before, the cores were then allowed to degas until the
next sampling period. After the second gas sampling, any further gas evolution was
expected to be minimal, and the previous procedure of flushing and evacuating was
not repeated and the remaining part of the desorbed gas, after sampling, was left in
the container. However, further gas was evolved, and this means the final gas
sampling step contained a gas mixture of previous and newly desorbed gas. Some

cores did not yield measurable amounts of gas in the later sampling steps.

Gas compositions (C; to Cs and CO,) were measured using gas chromatography
(GC; Agilent 7890 RGA) and stable isotopes (5'3C) were measured using gas

chromatography isotope ratio mass spectrometry (Nu Horizon GC IRMS).



202

203

204

205

206

207

208

209

210

211

212

213

214

215

216

217

218

Fig. 2: Drilled cores from the wells on the right and custom-built cylindrical

polyethylene containers for core degassing on the left
3.3 Correction of carbon isotopes for fractionation during degassing

During the period of desorption of gas from rock samples, gas carbon isotopes
fractionate in a pattern that can be modelled as a Rayleigh distillation phenomenon
(Ray & Ramesh, 2000). This means that the measured 3'3C in the evolved gas may
not directly reflect the composition of the original bulk gas; rather this has to be

calculated from the measured data by correcting for this fractionation process.

To investigate this potential problem, the method described in Appendix A was used
to reconstruct the original bulk gas composition in each sample. The corrected
methane data and the equivalent raw data for comparison are shown in Appendix A
(Table Al and Figure A3). The corrected value was always close (usually within 2%o)
to the first-released gas composition, so the subsequent interpretations simply use

the first-evolved gases.
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4. Results

4.1 Sr RSA

Strontium isotope data for the sampled wells are presented in Fig. 3 and Table B1 in

Appendix B. The merged data provide a complete depth profile starting from the

permafrost layer down to the reservoir section. The Sr RSA data show significant and

systematic variations.
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Fig. 3: 8Sr/*Sr ratio over depth from residual salt analysis for wells DH2, DH4, DHS6,

DH7A and DH8. The analytical reproducibility is less than the size of the symbol.

Segments A-F are discussed in the text. The reservoir stratigraphy is modified after

Braathen et al. (2012). Note that all wells are within 200 m of each other and have

similar stratigraphy, apart from well DH2, which is 7.5 km away and where the De

Geerdalen Fm is 80 m deeper compared to other wells.
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232 The ®'Sr/®°Sr pattern with depth can be divided into 6 segments (Fig. 3):

233 A. From surface to ~100 m depth, ®'Sr/*®Sr is constant at ~0.7100. This
234 corresponds to the zone of permafrost and is partly within 5-10 ka
235 glaciomarine deposits (top two samples) and partly within the Cretaceous
236 Carolinefjellet Fm.

237 B. From 100 m to 200 m depth, 8'Sr/®®Sr increases gradually with depth from
238 ~0.7100 to ~0.7200. Between the samples from depth 135.42 m and 141.25
239 m, isotopic composition shifts significantly from 0.7116 to 0.7152, but this is
240 interpreted as reflecting a gradient rather than a step. This overall trend is
241 mainly within the Cretaceous Helvetiafjellet Fm (Fig. 3).

242 C. From 200 m to 300 m depth, 8'Sr/%Sr is constant at ~0.7200. This segment is
243 completely within the predominantly shaley Rurikfjellet Fm of Cretaceous age
244 (Fig. 3).

245 D. From 300 m to 650 m depth the ®'Sr/%®Sr ratio decreases gradually from
246 ~0.7200 to 0.7130. This occurs within the predominantly shaley succession in
247 the lower part of the Rurikfjellet Fm and the Jurassic Agardfjellet Fm.

248 E. From 650 m to 820 m ®’Sr/®°Sr is almost constant at 0.7130, with a very slight
249 decrease in ®Sr/®Sr with depth. This occurs in the predominantly sandy
250 Triassic rocks of the Wilhelmgya Supergroup and the De Geerdalen Fm. This
251 segment is about 80 m deeper in well DH2, which is 7.5 km away from the drill
252 site of the other wells.

253 F. From 820 m to 970 m, ®'Sr/®®Sr is almost steady at 0.7112 (26 =0.000026).
254 This represents the lower part of the Triassic De Geerdalen Fm.

255 4.2 Gas compositions and isotope analysis

12



256

257

258

259

260

261

262

263

264

265

266

267

268

269

Gas composition data from the first sample degassing step (7 months) in well DH7A
are plotted against depth in Figure 4. Gas dryness was also plotted against depth in

Fig. 4, where dryness is:
Concentration of methane /3 concentrations of ethane and propane.

Gas samples from the cores of well DH6 were collected after five months of

degassing. Well DH6 showed similar results (Fig. A3 in Appendix A).

Dryness
0 1000 2000 3000 4000 5000 60%0
0 1 T T T T Ll | L
—6— Meth
2 layer
— Upper
= aquifer
200F 1260
E 300F 1300
< Caprock
o
0 400f 1400
500F -1500
600F 1600
¢ ©
700 L > G ; '2 IZOO Reservoir
10 10 10 10

Relative concentration (uL/ml)

Fig. 4: CO, and methane contents, plus gas dryness, over depth after seven months

of degassing from cores of well DH7A. Error of measurement is 3% (2c)

Gas was sampled from 76.8 m in the permafrost down to the bottom of the cap rock
layer at 680 m. Only a few samples from the reservoir section (680-700 m) were
available as the wells were not drilled any deeper. The major gas present in the cores
was methane with minor amounts of ethane, propane and CO,. In some core

samples, butane and ethylene were also observed. In this paper, we focus on the
13
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major components, methane and CO,. The relative concentration of methane varies
between 100 to 850 pL/ml and the maximum relative concentration (850 pL/ml) was
observed at about a depth of 135 m (Fig. 4). The CO, average relative concentration
is an order of magnitude lower than that of methane. The relative concentration of
CO, varies with depth in a similar pattern to methane, within the range 10-130 pL/ml

and with a maximum value at ~155 m depth.

Carbon isotopes of methane and CO, from the first degassing step of cores from
wells DH6 and DH7A are plotted against depth in Fig. 5. Carbon isotope data for

methane degassed at later time steps are presented in Table Al in Appendix A.
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Fig. 5: Carbon isotopes of methane and CO, versus depth in gas samples from
cores of wells DH6 and DH7A for the first degassing time step. Error of measurement

is 0.5%0 VPDB (20)

At the permafrost layer (77 to 95 m), 8"*Cnethane Values are low ranging from -72 to -

68%o increasing downwards in the aquifer to -50%.. In the caprock, the 613Cmethane
14



285 values are constant at just above -50%o for the upper ~100 m before then starting to
286 increase with depth to about -32 %0 at the base of the caprock and the uppermost

287  part of the reservoir (Fig. 5).

288  Except in the upper aquifer, CO, carbon isotopes range from -25 to -10%o.. In the

289  upper aquifer above 200 m, 8"*Cco; is very high and approaches +20%.
290 4.3 XRD analysis

291  XRD analysis was performed on samples from selected depths in well DH4 and then

292 the mineralogy was reconstructed as presented in Fig. 6.

642
665
676 Caprock
688
— 702 \
E
£ 722
s
&
a 752 Reservoir

776

788

804

838
876

0 25 50 75 100

293 Minerals present (%)

294 Fig. 6: XRD analysis of the reservoir rock section from the well DH4. Error of

295 measurement is +3%.

296  The reservoir rock mostly consists of quartz, albite and clays (illite and chlorite).
297  Minor K-feldspar was observed below 752 m. Calcite cement was evident from 676 m
298 down to the bottom of the reservoir. A thin heavily calcite-cemented layer was

299 detected at about 836 m.
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5. Discussions

5.1 Sr RSA
5.1.1 Formation water 8Sr/®®Sr values

The consistency of the #’Sr/®°Sr data within and between wells suggests that the data
quality has not been significantly affected by contamination of Sr from drilling fluid,
which would have led to much more erratic local variations rather than smooth
patterns with depths (see examples in Smalley et al., 1995; Mearns and McBride,
1999). This indicates that the Sr RSA data are a reliable measure of the actual pore

water 8'Sr/%0sr.

The ®'Sr/*®Sr of the formation waters varies between approximately 0.709 and 0.721,
much higher than seawater ®’Sr/®°Sr during the deposition of these sediments
(0.7069-0.7079, Smalley et al., 1994). It is thus likely that the formation water
87Sr/%®sr is heavily influenced by post-depositional water-rock interaction involving K-
bearing silicate minerals. K-rich minerals such as muscovite, mica or K-feldspars
have very high Rb/Sr ratios and thus accumulate high ®’Sr/®°Sr through time. For
example, K-feldspars studied by Siebel et al. (2005) had ®'Rb/*°Sr ratios >1 and
developed ®’Sr/%°Sr >>0.72 after only tens of millions of years. Muscovite studied by
Eberlei et al. (2015) had ®'Rb/®Sr ratios exceeding 1000 and #Sr/*®Sr >5. In the
Svalbard samples, K-feldspar is common, and is sufficiently abundant (>5%) to be
detected by XRD in the lower part of the reservoir section (Fig. 6). Petrographic
studies show that the feldspar has textures indicating partial dissolution. Dissolution
of very small amounts (fractions of a percent) of such minerals would lead to
formation waters with higher ®’Sr/®°Sr than the original seawater in which the

sediments were deposited, in the range observed in the sampled waters. Greater
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degrees of dissolution of K-feldspar or micas in the caprock shale in segment C (Fig.

3) could explain its high 8’Sr/®°Sr values (0.72).

Although water-rock interaction explains the overall range of 8’Sr/®°Sr values, it is
extremely unlikely that in-situ local dissolution of Rb-rich minerals could account for
the detailed patterns, for example the constant water 8'Sr/*®Sr values (segments E,F)
and smooth 8’Sr/%®Sr gradients (segments B, D) (Fig. 3). Local water-rock interaction
would have led to local (sub-metre scale) variations in water 8’Sr/%°Sr due to the type,
Rb/Sr ratio and age of the detrital minerals in each specific location, and the resulting
87Sr/%®sr distribution pattern with depth would be expected to be jagged. If any such
local variations did arise in the past, they must have subsequently been smoothed by

the fluid mixing processes discussed later.

Two outlying data points at about 834 m, with lower ®'Sr/*®Sr, may be influenced by
recent (as yet unsmoothed by mixing) dissolution of a calcite-rich layer identified from
the XRD analysis (Fig. 6). To support this, 8'Sr/*®Sr of calcite in that depth was
measured (See Appendix B, Table- B2) and values were found in the range of
0.7083-0.7095, which is close to the observed formation water data points (0.7089-

0.7109).

The overall pattern of 8'Sr/®®Sr variation with depth in segments B, C and D (Fig. 3),
with values of ~0.72 in segment C, decreasing smoothly upwards and downwards in
segments B and D, is indicative of large scale non-steady-state mixing. In this
interpretation, segment B represents mixing between waters with 8'Sr/*®Sr values of
~0.72 in segment C and ~0.71 in segment A, while segment D represents mixing of
waters between segments C and E (3'Sr/*®Sr = ~0.713). It is not possible to construct
accurate mixing lines as the formation water Sr concentrations were not able to be

measured from the residual salts.
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We interpret segment C, with a high ®’Sr/®®Sr value of ~0.7200, as the surviving
remnant of high 8’Sr/*®Sr values that may have been present throughout the caprock
shale at some time in the past. Subsequently, influx of water with a 8'Sr/*®Sr value of
~0.7100 occurred in segment E, and segment D represents the gradual mixing of
these two water end members. Later, water influx in segment A and the upper part of
the aquifer in segment B (3'Sr/?®Sr =~0.7130) set up a mixing system between this
water and the caprock shale water in segment C. If this incomplete mixing process
went to completion, the resulting steady state ®’Sr/*°Sr pattern with depth (assuming
constant Sr concentration) would be a straight line from a value of ~0.7130 in
segment A to ~0.7100 in segment E, with the transient high 2'Sr/*®Sr values in the
caprock having been completely removed. The questions of exactly which mixing
processes were involved and over what timescales are addressed by diffusion and

flow modelling in the following section.

5.1.2 Formation water ®'Sr/*®Sr gradients

a) Diffusion mixing models

One possible explanation for the Sr isotope compositional water gradients in
segments B and D is that they are the product of diffusional mixing that has not yet
reached steady state, which would be characterised by constant values or linear
gradients as described above. Analytical models for diffusional mixing of formation
waters in general, and Sr isotopes in particular, can be used to place constraints on
the mixing processes that are operating (Go et al., 2014, 2012; Smalley et al., 2004).
Both segments B and D (Fig. 3) are simple curvilinear trends, indicating that only two

mixing end-members are present in each case.

Details of the analytical modelling used here are presented in Appendix B. The

modelling results are presented in Fig. 7.
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Fig. 7: Diffusional mixing models fitted to the Sr RSA data. See text and Appendix B

for model details and explanation

Segment D: The modelling results indicate that the shape of the ®’Sr/®°Sr gradient
(Fig. 7) in segment D is probably a mixture of Sr derived from segments C and E,
where segment E is vastly dominant in size and acts as a fixed end member. The Sr
RSA data for segment E are indistinguishable in the stratigraphically equivalent
samples in wells DH2 and DH4 (Fig. 3), despite these being 7.5 km apart. This
indicates that the sands in the upper part of the De Geerdalen Fm could indeed be a

large regional reservoir of water with a constant ®’Sr/2®Sr composition.

The lateral homogeneity of the segment E water over such a distance cannot,

however, be due to diffusional mixing, as this would take longer than the age of the
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sediments. Rather, the homogeneous composition of the segment E waters must be

related to efficient mixing due to fluid flow at some time in the past.

The diffusion models described in Appendix B generate mixing curves that closely
match the shape of the observed data trends with depth (Fig. 7), which supports the
mixing origin of the ®Sr/*®Sr gradient in segment D. However, the models also
demonstrate that diffusion alone cannot account for this mixing, if the assumptions of
shale diffusion properties (tortuosity and retardation) are correct. The diffusion model
was run to generate the expected %Sr/®°Sr gradient over various timescales. Only
when the mixing time approached 350 my, did the model results begin to achieve a
good visual fit to the shape of the pattern in the Sr data (Fig. 7). As this is longer than
the rocks have existed, this is clearly impossible. Thus, there must be an additional
mechanism accelerating the mixing process. Candidates include pressure driven flow
and modification of shale properties related to the complex loading and unloading
history these rocks have experienced. These will be discussed in subsequent

sections.

The zone of shale fracturing at ~400 m depth (shown on Fig. 3) does not appear to
have inhibited the movement of Sr, as it has no influence on the &’Sr/®Sr gradient.
Thus, there is no indication from the current data that this structural feature either

forms a barrier to fluid/ solute movement or provides a pathway.

Segment B: The Sr/®Sr gradient in segment B (Fig. 7) can be understood in a
similar manner. Diffusional mixing models show that a good fit is achieved from a
model where the rocks above ~120 m depth of the Carolinefjellet Fm (segment A)
has a fixed composition, Segment C in the upper part of the caprock shale is the
other (variable) mixing end member, and segment B is a mixing zone between them.

Note that models in which segment C has a fixed ’Sr/*®Sr have the wrong sense
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curve (concave upwards) and do not fit the data well. The curve shape matches that
of the Sr data using a diffusional mixing time of 30 my. It is possible that the segment
B gradient could have been caused by diffusion alone acting over 30 my, but it is
equally likely that the mixing has again been enhanced by pressure driven water
movement or transient enhancement of shale transport properties as discussed

below.

The overall pattern of Sr/®°Sr variation through segments A-E can thus be
envisioned as two large and homogeneous reservoirs of Sr with relatively low
87Sr/%°sr (segments A and E on Fig. 3), with a gradually diminishing high ’Sr/®°sr
signal in segment C (Fig. 7) that is decreasing through mixing from above and below
via the mixing zones in segments B and D. This pattern is similar to that seen with
natural tracer profiles through other thick shales with adjacent aquifer systems, where

mixing is occurring but has not yet reached equilibrium (Mazurek et al., 2011).
b) Pressure assisted flow modelling

Diffusional mixing on its own would have taken too long to generate the segment D
mixing relation between segments C and E, unless aided by other factors such as
pressure-driven flow and/or modification of shale properties. Here we examine how

pressure-driven flow could have influenced the mixing.

The time scale for Darcy flow between segments C and E can be calculated using

Darcy’s law:

kavg AP
u Az

UD:

Where, vp is the Darcy flow velocity in ms™; kayq is the average permeability of

segment C to E in m? u is the dynamic viscosity of water (1x10° Pa s); AP is the
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pressure difference between the two segments in Pa; Az is the ~500 m vertical
distance between the underpressured (~800 m) and overpressured zone (300 m).
Considering typical permeabilities of analogous North Sea shales to be 10 m?
(Harrington et al., 2009) and the permeability of the De Geerdalen reservoir to be 10
¥ m? (Magnabosco et al., 2014; Wangen et al., 2015), the average permeability Kayg

is assumed to be 1.5x107'° m?.

The hydrostatic pressure from overburden at 300 m would be pgh =2.94x10° Pa
where p is the fluid density, g is the gravitational acceleration and h is the depth of
interest (300 m here). Assuming a 10% overpressure relative to hydrostatic pressure,
P,, in the shale would be 3.2x10° Pa. Pressure in the underpressured zone in the
reservoir at ~800 m is Py = 40 bar = 4x10° Pa (Braathen et al., 2012). Substituting
these values in the above equation: vp = 2.4x10™® ms™, With an average porosity
between the segments of 0.1, the flow velocity, v, is calculated as 2.4x10™"* ms™.

Using the flow velocity, travel time for fluid flow can be calculated as:
t= Az v = 500/2.4x10™* = 2x10% s = ~600 my

This is an extremely long travel time. Even stretching the assumptions of average
shale permeability to higher values does not decrease the pressure-driven mixing
timescale to the extent that it could, on its own, generate the observed compositional
trends in less than the age of the rocks (Upper Triassic to Middle Jurassic=237 my-

163 my).
5.1.3 Interpretation of caprock shale transport properties

The segment D (Fig. 7) mixing gradient cannot be explained by pure diffusion or pure
pressure-driven flow mechanisms on their own with typical shale flow and diffusion

properties, as the mixing timescale for this would be clearly too long, longer than the
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age of the rocks. This points to some kind of enhancement in the shale diffusion

and/or flow properties. Possible explanations are discussed below:

a. Average diffusivity was under-estimated. The mixing timescales for diffusion

b.

and flow-based processes vary linearly with the assumed diffusivity and
permeability respectively. A reasonable mixing timescale would be the time
elapsed since the event/process that led to the initial isotopic
heterogeneities. For Sr, a reasonable estimate would be the time of maximum
burial when the rocks could have experienced the maximum amount of
pressure-related mineral dissolution or temperature-related reactions that
could have added 'Sr to the formation water. Maximum burial took place at
about 36 my ago (Braathen et al., 2012; Wangen et al., 2015; Bohloli et al.,
2014). If this time was assumed as a “reasonable geological time frame” then
diffusivity would need to be increased by a factor of ~10 to create the segment
D gradient by diffusion alone. Although the precise diffusion properties of the
caprock shale are uncertain, the assumptions used in the modelling work
(Appendix B) were, if anything, on the generous side. It is unlikely that the
observed mixing relation could be caused simply by increasing the average
diffusivity of the shale.

Average permeability was under-estimated. For fluid mixing to occur in the
caprock shale over the timescale of 36 my, average permeability would need
to be increased by a factor of 18 over that used in the modelling (1.5x107*°
m?). This is unlikely if the lithology of the caprock has been correctly
interpreted, as the permeability used is, if anything, on the high side for

consolidated shales.

23



481

482

483

484

485

486

487

488

489

490

491

492

493

494

495

496

497

498

499

500

501

502

503

504

505

506

c. Transient increase in diffusivity and/or permeability. In this interpretation, the

average diffusion and flow properties of the shale may be correct, but there
has been a temporary enhancement of these properties at some time in the
past. There are two potential mechanisms for this type of transient event:
fracturing during structural deformation, and the formation of temporary
localized vertical fluid flow chimneys due to pressure fluctuations. There is
some evidence of fracturing generated during early Cenozoic structuration
(Braathen et al., 2012) that could have temporarily enhanced vertical fluid flow
through the shale before the fractures then closed. There is also evidence in
Western Svalbard for the widespread occurrence of active and relict focused
fluid flow chimneys or pipes, clearly visible on seismic data (Roy et al., 2014;
Bunz et al.,, 2012; Plaza-Faverola et al., 2011). These are thought to have
formed during the repeated glaciation/deglaciation and loading/unloading
cycles that have affected the studied area (Wangen et al.,, 2015). Glacial
loading might have caused a significant increase of fluid pressure in the De
Geerdalen Fm reservoir, which was enough to overcome the mechanical
strength of the caprock shale. Pressure-activated flow paths such as fractures
or solitary porosity waves might have formed in response to fluid pressure
increase (Connolly and Podladchikov, 2007; Raess et al., 2014; Rozhko et al.,
2007; Yarushina et al., 2015) generating chimney-like features. These could
serve as fast fluid flow pathways by temporarily increasing vertical
permeability, and enhancing diffusion rates by decreasing tortuosity and
retardation in the vertical direction. Such a mechanism could have enhanced
shale properties sufficiently to be responsible for producing the fluid mixing
relation in segment D on a reasonable timescale. As fluid escaped from

overpressured reservoir and normal fluid pressure was restored, the pressure-
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activated flow-paths would have closed again. Subsequent deglaciation would
reduce fluid pressure in the reservoir even further and efficiently restore the
sealing properties of the caprock. Ongoing diffusional mixing would then have
smoothed out any irregularities with depth inherited from the transient fluid

flow.
Communication between segments E and F

The largest step change in the formation water 8'Sr/*®Sr profile occurs within the De
Geerdalen Fm between 815.2 m and 820.8 m depth (Fig. 3), defining the junction
between segments E and F. Comparison with the detailed lithological description of
the DH4 core in Braathen et al. (2012) indicates that this compositional break occurs
across a package of mudstones of lagoonal origin. The change in formation water
87Sr/%®Sr composition indicates that these lagoonal mudstones form a significant

barrier to water mixing between segments E and F.

Diffusion modelling (using the equation provided in Appendix B) provides some
constraints on the lateral extent of this barrier effect. If there was no barrier, there
would not be a sharp step change in 8’Sr/®°Sr between segments E and F. Even with
incomplete mixing the sharp step would start to evolve into an S-shaped profile after

only a few million years (Fig. 8), and this is clearly not the case.
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Fig. 8. Sr-RSA data for the De Geerdalen Fm in well DH4, showing step in
composition at about 820 m depth. The curve is a diffusion mixing model for an initial

sharp step at 820 m, after 2 my of mixing.

Mixing times to reach homogeneity can be approximated using the equation (Smalley

et al., 1995):
t=0.1L%D

where t and D are as defined previously, and L in this case is the radius of the barrier
assuming the well to be at the centre of a circular barrier. Based on this, the ®’Sr/®°Sr
measurements closest to the step change (at 815.2 m and 820.8 m, Fig. 8) would
have mixed to the point of being indistinguishable from analytical uncertainty after
only about 40,000 years if no barriers were present. The persistence of a sharp step
is indicative of a barrier to mixing. To estimate the lateral extent of this barrier, the

timescale for mixing must be assumed. For example, if 2 my was assumed, the
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barrier length (i.e. diameter) would have to be greater than ~200 m to maintain the

step change in water composition.

Additional constraints can be derived from the pressure data given by Braaten et al.
(2012). This shows that, although segments E and F (Fig. 3) are both
underpressured relative to a normal hydrostatic gradient, segment F is depleted by a
further ~48 bar relative to segment E. The geometry of two bodies of sand separated
by a shale barrier can be modelled using equation 19 in Muggeridge et al. (2004),
explained in Appendix C. Assuming that the two measured pressures for segments E
and F each apply to the whole thickness of the segment (150 m and 100 m
respectively) the initial 48 bar pressure difference would homogenize within ~2000
years in the absence of any barrier. If, as above, the time available for mixing was
assumed as 2 my, then a barrier of 1500 m diameter would be needed to maintain

the observed pressure difference.

There is clearly uncertainty in this modelling due to the poor constraints on the
assumption of available mixing time. However, the combination of step changes in
both Sr isotope composition and pressure strongly indicate a significant barrier to
vertical fluid mixing within the De Geerdalen reservoir interval. This could be
significant for the planning the optimal depth for CO; injection, as injection below this
barrier could reduce the risk of upward migration of the injected fluid (Ogata et al.,

2012) and encourage its dispersion laterally (Woods, 2015).

5.2 Gas compositions and isotope analysis

The modelling (Appendix A) for correction of carbon isotopes for fractionation during
degassing showed that the gas evolved at time step 1 was close to the modelled

original bulk gas (within 5%o, usually within 2%.), much less than the dynamic range of
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the gas dataset. Thus for methane and CO, it may be assumed that the gas from the

first time step is an acceptable proxy for the bulk CO, isotopic composition.

Similar to the Sr isotope data, the effect of gradual fluid mixing was also evident in
the core gas stable isotope data. The d'3C values of methane show a gradual
upwards transition from typical thermogenic values at depth, towards lower values of
probable biogenic origin towards the top of the well. At the permafrost layer, the very
low methane 3**C (<-65%o) indicates a biogenic microbial origin (e.g. Schoell, 1980;
Kotarba et al., 2013) of the degassed methane (Fig. 5). Above 200m in the upper
aquifer, methane 8*3C is -50 to -60%o while CO, 5°C reaches high values of >+10%o,
indicating microbial methanogenesis (Fig. 5) (e.g. Schoell, 1980; Kotarba et al.,
2013). This is also the section in which the gas is very dry, with the C1/(C2+C3) ratio
reaching close to 5000. The much higher concentration of methane relative to ethane
and propane (Fig. 3) supports methanogenesis as being dominant in this section.
The variable gas compositions and isotope ratios in this section indicate that the gas
compositions have not had time to equilibrate between the cap rock and the upper

aquifer.

The 5'3C of methane in the caprock is constant at about -50%o from 200-300 m, and
then has a gradual depth-wise increase from -50 to -33%. from 300 m down to 680 m.
In the latter section, there is no indication of biogenic gas from methane and CO
53C data. The highly variable CH4 concentrations in the extracted gas (Fig. 4) may
reflect extraction efficiency as well as the original gas content. Since we quantified
the possible isotope fractionation during the extraction process (Table Al; Appendix
A), and verified this to be small in this section (<2%.) compared to the variations with

depth (~33%o), the isotope data are interpreted to represent a real depth-wise
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gradient. The gradual change in methane 5C with depth (Fig. 5) could be

interpreted in three ways:

1.

2.

Local generation of methane from organic matter in the caprock shale, with the
depth trend being caused by variation in source material or maturation. In this
scenario, there would probably have been some limited vertical mixing of
methane by diffusion to smooth out any local variations caused by variable
source material

A model that has been invoked in other shales (Lu et al., 2015) is that the
methane is not internally sourced within the shale, but migrates from the
underlying reservoir upwards through the shale due to diffusion, with
S13Crethane being fractionated by the diffusion process itself, due to differential
retardation of *C and *3C. We reject this model because the shape and
direction of the 8*Cpethane CUIVE is completely different to that expected from
this process, as reported by Lu et al. (2015).

The caprock 3 3Crethane trend could be the result of internally —sourced
methane as in model (1) gradually mixing by diffusion with isotopically heavier

methane derived from the reservoir beneath.

Both scenarios 1 and 3 could apply, but scenario 1 involves a coincidental systematic

change in organic matter isotopic composition with depth. Scenario 3 is thus

preferred. Scenario 3 is amenable to diffusion modelling in the same way as was

used for the Sr isotopes. However, there is much uncertainty in such modelling due

to the lack of data on the sorption of dissolved methane and its effect on diffusion

rates. We assume here a Dei of 7.57 x 102 m?y?, after the experimental results of

Jacops et al. (2013), but there is considerable uncertainty about how representative

their shale samples were to the caprock shale in the present study. The results of
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diffusion modelling using the same equation as for Sr (Appendix B) but with the Deg

cited above are shown in Figure 9.

0 T T T

@ DHé (5 Months)
100 ® ° @ DH7A (7 months) |
—— Model:10my

200 L

300~

400

Depth(m)

500

600

700

Boo 1 1 1 1 1
-80 -75 -70 -65 -60 -55 -50 -45 -40 -35 -30

5"%c [%o VPDB]

methane

Fig. 9: Diffusion models for methane mixing with constant methane composition at

the base of the caprock shale.

Two cases were modelled, where the fixed isotopic composition of methane was at
the top and base of the caprock respectively. The sense of curve of the data
indicates that, as with Sr, the base of the caprock has a fixed composition. This
indicates that the underlying reservoir is the source of methane with a constant
isotopic composition (-33%o) that is gradually diffusing upwards through the caprock
shale and modifying its bulk composition. The modelled diffusion curve matches the
data with a timescale of 10 my (Fig. 9). In other words, the data fit with an influx of
isotopically heavier methane of dominantly thermogenic origin (Schoell, 1980;
Kortaba et al., 2013) at about 10 my ago. This is much shorter than the apparent
timescale for Sr diffusion through the caprock (Fig. 7) because methane diffuses

much more rapidly.
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The CO; isotope data (Fig. 5) can be modelled in a similar manner (Fig. 10), although

depth-wise trends in the CO, data are less convincing than with methane.
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Fig. 10: Diffusion models for CO, mixing. The black curve is for caprock-reservoir
mixing with the underlying reservoir composition being constant. The green curves
are for aquifer-caprock mixing, with the thin line relating to the uppermost (aquifer)
composition being held constant, the bold green line to the lowermost value being

held constant.

In the caprock between about 300 m and 430 m depth, the 5°C of CO; is relatively
constant at about -20%.. Below that, the 3*3C s rising to about -10%o at the base of
the caprock close to the reservoir. This was modelled using the same equations as
for methane, but using a Des for CO, of 1.26 x 10 m?y?, after Busch et al. (2008).
The caprock CO, data below 300m depth cannot be matched by models where the
caprock CO, 8'3C is constant, but resembles models where the underlying reservoir
CO, composition is constant, and the CO, diffuses upwards into the caprock,

gradually increasing its 8'3C (solid black curve on Fig. 10).
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The model matches the CO, data with a mixing time of 10 my, as with methane (Fig
9), supporting the scenario of the reservoir becoming active as a supplier of methane

and CO; with a constant composition at about 10 my.

Towards the top of the caprock, the 5*3C of CO, increases towards the higher values
diagnostic of methanogenesis in the aquifer (+20%o0, Fig. 10). A similar diffusion
model was applied also to this section. The noisiness of the 5°C data makes it
difficult to determine which model is the better fit. However, the lack of a clear break
in composition at 300 m is an argument in favour of the upper (aquifer) end of the
mixing curve being constant (thin green curve on Fig. 10), with a mixing time of ~5
my. The favoured interpretation is thus that methanogenesis in the aquifer began
around 5 my ago, and the isotopically heavy CO, has since been diffusing

downwards into the upper part of the caprock.

The methane and CO, isotope data thus suggest that, although there is vertical
mixing of gases over a period of 5-10 my, gas movement within the caprock section
is slow, much slower than the timescale relevant for a CCS project. The overall
variations in gas 8'3C values indicate different processes controlling methane origins
in the permafrost, aquifer, upper and lower caprock and reservoir sections, and
indicate only very slow vertical communication of dissolved gases through the

sequence.
6 Conclusions

This paper shows how oil and gas industry techniques for assessing reservoir
compartmentalization may also be useful for investigating prospective CO, storage
sites, helping to constrain material parameters and the past history of fluid

communication in the reservoir and caprock. The major conclusions are:
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e 8'Sr/%Sr of Sr dissolved in formation water, sampled using residual salt
analysis, and gas isotope geochemistry are effective tools to understand the
fluid communication in reservoirs and caprock shale on a geological timescale,
and thus to help constrain the long-term behaviour of a potential CO, storage
site.

e At the Longyearbyen site, systematic variations of the 8’Sr/®®Sr in formation
water and the 3'3C of methane and CO, with depth in the caprock shale are
consistent with slow diffusive mixing of these species over millions of years.
This is a positive factor for the caprock acting as an effective barrier within the
shorter time scale of potential CCS operations.

e However, the isotope data can only be explained if the vertical diffusivity
and/or permeability have been accelerated at some time in the past. This
could be related to transient changes in rock properties during deep burial and
uplift, or glacial loading and unloading.

e The identified presence of a lagoonal mudstone barrier within the reservoir
could form an additional barrier for the vertical flow of injected CO, and aid the

dispersion of an injected CO, plume.
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Appendix A. Carbon isotope fractionation data processing

Bulk gas, B, at time TO:
uniform distribution 0-100%o

F at time T1: uniform
distribution 0-1

v

R = B - 1000*(a-1)*In(F)
(eql)

F = 0.1826 In(T) + 0.1162
(eq 2)

Monte Carlo

The process for reconstructing the carbon isotope composition of the initial bulk

methane gas contained in each core sample followed the steps shown in Figure Al.

sampling

:

Calculate composition of remaining
gas at T1 using eq 1 and evolved

gas via material balance

:

Reset bulk gas to
remaining gas at T1

:

Estimate F at times T2 &
T2 by analogy with
published degassing data

100,000
iterations

using eq 2

:

Calculate composition of remaining

gas at T2 & T3 using eq 1 and

evolved gas via material balance

:

Compute fit of predicted v

A

actual evolved gas data at
T1, T2 & T3

:

Save B values at TO for

iteration with best fit

Fig. Al: Process for reconstructing carbon isotope compositions of bulk gases from

core. B is the bulk methane &™C at time step TO (prior to any degassing), which is

unknown, and the objective of this process is to estimate this. Times T1, T2 and T3

are the three degassing sampling steps. F is the proportion of gas remaining in the

sample (100% at TO). The equations are described in the text,

The relevant equation for the fractionation of gas isotopes during sample degassing

can be written as:
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R = B — 1000*(a-1)*In(F) (1)

where, R is the 8*3C of gas remaining in the sample, B is the bulk gas 5°C, F is the
proportion of gas remaining in the sample and a is the fractionation factor. A factor of
1.003 was proposed for methane in coal samples by Berner et al. (1992). A trial of
this equation using shale data from Wang et al. (2015) revealed a close fit to their
data using a=1.003. In this study we thus used this same methane fractionation

value.

The estimation of the initial bulk gas composition, B, from the degassed methane
data is not trivial, because 1) the fraction evolved at each stage (F) is unknown, as
pressures were not measured at each stage and 2) the methane was completely
removed after the first sampling step, but gas was allowed to remain after
subsequent steps, as described previously. To overcome these issues a Monte

Carlo modelling method was used, as described below.

In Equation 1 there are two unknowns: the actual bulk methane composition (B), and
the fraction (F) of gas remaining at each time of sampling. The bulk methane §3C
was assigned a uniform probability distribution between 0 and -100%. (most natural
methane would fall within this range), while F at the time of first sampling (T1) was

assigned a uniform probability distribution between and 0 and 1.00.

A Raleigh distillation model was constructed based on equation 1. For each sample
where methane was sampled more than once, a Monte Carlo-style process was used
to run the model 100,000 times and for each iteration, B at time TO and F at first gas
sampling (T1 = 5 or 7 months depending on the well) were sampled at random from
the distributions described above. The model then assumed that the volume of gas

evolved at T1 was lost, such that a new modified bulk composition for subsequent
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time steps would be equal to R at T1. The §**C at subsequent sampling times was

computed using equation 1 but with the modified B value (Figure A2).

The values of F at the times of subsequent sampling (T2,T3) were calculated by
assuming that the shape of the desorption-time relation was similar to that of Strapoc

et al. (2006), that can be approximated by a regression fit to their data:
1-F=0.1826 In (T) + 0.1162 2
Where 1-F is fraction of gas evolved and T is time in days.

The fraction desorbed at T1 (assigned a random value in step 1) was converted to
time using equation 2, and then T2 and T3 times were scaled accordingly. For
example where the fraction evolved (1-F) at T1 = 5 months (150 days) is 0.4, this
equation gives time = 14.1 “days”. The timing of T2 and T3 at 12 and 26 months (365
and 780 days) would be re-scaled as 365*14.1/150 (34 “days”) and 780%14.1/150 (73
“‘days”) respectively. The rescaled T2 and T3 times were then substituted into the

above equation to calculate F at T2 and T3.

For each of the 100,000 model iterations the calculated F and measured §'*C values
were compared with the §*3C values predicted using equation 1, and quality of fit was
calculated as Y (predicted-measured)? for the §°C values at T1 and T2 or T3. The
iteration with the best quality of fit was retained. Repeat runs for each sample

showed a variation at the <1%o level in the calculated bulk §°C values.
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Fig. A2: lllustration of modelling process using sample DH7 688.89m. The curves are
best fits to the data (red triangles). The gas at T1 is fitted to an initial bulk gas
fractionation curve; the latter two samples are fitted to a modified curve rebased to a

new bulk composition after the gas at T1 has been removed.
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data are consistent with an initial bulk composition of -36.1%o.
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951 Table Al: Carbon isotopes of methane degassed from core from wells DH6 and

952  DHT7A at different sampling times, and modelled bulk methane carbon isotopes.

Well DH6

613CM(—:‘thane 613CMethane Fit 1-F
Lith Depth  5months 12 months 26 months Bulk
(m) (%0 VPDB) (%0 VPDB) (%0 VPDB) (%o VPDB)

PF 79.90 -78.071 -68.900 -74.3 8.825 0.31
PF 89.30 -68.715 -66.500 -66.4 0.003 0.61
Sst 15454  -55.325 -49.400 52.9 1.700 0.31
18.20
Sst 165.58 -52.825 -42.700 -48.2 7 0.31
Sst 190.31 -56.277 -48.000 -52.6 8.768 0.31
Sh 214.67 -49.501 -46.100 -47.5 0.003 0.45
Sh 260.49 -50.481 -48.700 -48.0 0.001 0.7
Sh 296.90 -48.614 -44.900 -46.7 0.002 041
Sh 309.58 -48.592 -43.200 -46.8 0.088 0.31
Sh 314.42 -49.443 -46.100 -47.6 0.006 0.44
Sh 352.42 -47.643 -42.452 -42.500 -46.0 0.014 0.31
Sh 363.55 -48.037 -43.300 -46.5 0.003 0.32
Sh 374.42 -48.568 -44.400 -46.9 0.007 0.36
Sh 396.42 -46.445 -43.216 -44.6 0.000 0.4
Sh 411.42 -43.394 -40.760 -41.4 0.002 0.47
Sh 418.43 -44.374 -39.100 -42.6 0.044 0.31
Sh 433.43 -46.394 -43.000 -44.4 0.001 0.45
Well DH7
513CMethane 613CMethane Fit 1-F

Lith Depth 7 months 16 months 28 months Bulk
(m) (%0 VPDB) (%0 VPDB) (%0 VPDB) (%o VPDB)

Sh 401.840 -45.3 -41.7 -38.5 -42.6 2.562 0.310
Sst  676.100 -33.2 -29.7 -31.4 0.005 0.400
Sst  688.890 -37.9 -35.6 -34.2 -36.1 0.000 0.390
Sst  696.820 -33.1 -28.0 -31.2 0.130 0.310
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Fig. A3: Methane and CO, contents of gas degassed from well DH6 cores after five

months.
Appendix B. Sr isotope mixing modelling

When modelling the generation of the incomplete (i.e. non-steady-state) mixing
curves represented by segments B and D (Fig.3), there are two limiting cases that

can be considered:

(1) Solutes in two bodies of formation water are mixing, and both end-members are
of roughly similar size. In this case, both end-members will evolve in composition
through time, and the end steady state will be the whole system reaching a 8Sr/*®Sr
value of the size-weighted mean of the two end members. This style of mixing would
create an S-shaped mixing pattern with depth (cf. Fig. 8) that does not agree with the

shapes of segments B and D (Fig. 3).

(2) As above, but one of the mixing end-members has a fixed &’Sr/®°Sr composition

— for example where one end member is a very much larger repository of Sr then the
44



969

970

971

972

973

974

975

976

977

978

979

980

981

982

983

984

985

986

987

988

989

990

other end member. In this case, the end steady state would be where the whole
system attains the ®'Sr/*®Sr value of the dominant end member. This process is

modelled as described below.

Mixing of Sr from two sources with one fixed end member can be described using the

equation
CCx,t) = 3 erf(—e) +
X, = —er =
2 N2pt 2

where C (x,t) is the concentration (or in this case the ®'Sr/*®Sr ratio, making the
simplified assumption that Sr concentration does not vary) at a position x meters from
the dominant end member at time t; and D is the effective diffusion coefficient for Sr.
D is calculated following the method of Smalley et al. (1995, 2004) using the

equation:
D= Dn1/R

Where Dy, is the molecular diffusion coefficient for Sr, here with a value of 1.97x10-2
m?™, which is based on the value of Li and Gregory (1974) corrected to a
temperature of 15°C; 1 is the tortuosity of the rock, assumed to be 0.5, which is
generous for these rather shaley rocks, and R is a retardation factor due to sorption

of Sr onto the rock matrix. R is calculated as:
R = (1+ (1-0)pK)/®

Where @ is porosity (here approximated to an average value of 0.15, p is the density
of the rock (estimated at 2650 kgm™), and K is the sorption distribution coefficient for
Sr, here estimated at 0.005 m®kg™ (Krupka et al., 1999), based on groundwater in

sediments with clay content >10%. Note that this is conservative; very sorptive
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shales such as bentonites could have K values that are 2-3 orders of magnitude

greater.

Segment D was investigated using two cases, one where the segment C composition
was fixed, and segment E was variable, the other was vice versa. The “segment E
fixed” case fits the data very closely and is thus reported in Fig. 7, while the “segment

C fixed” case generated convex upward curves unlike the observed data.

The mixing of Sr isotope between segments E and F was modelled using a slightly

modified version of the mixing equation above, to allow intermixing of two variable

endmembers:
Clxt) cl+c2 cl+c2 f X )
x,t) = — er
2 2 \V2Dt

Table B1: 8’Sr/®Sr ratio over depth from Sr Residual Salt Analysis for the wells DH2,

DH4, DH6, DH7A and DH8

Well No. Depth (m) ®'sr/**Sr 2 sigma SD

DH2 762.57 0.713527  0.000019
DH2 766.42 0.713481  0.000013
DH2 771.79 0.715449  0.000017
DH2 779.83 0.714502  0.000014
DH2 780.36 0.713472  0.000012
DH2 786.22 0.714106  0.000018
DH2 796.85 0.713128 0.000021
DH2 807.14 0.713208 0.000026
DH2 817.94 0.713199 0.000014
DH2 821.79 0.713412  0.000011
DH2 828.24 0.713297  0.000012
DH2 835.65 0.713268 0.000016
DH2 840.93 0.713003 0.000011
DH2 844.43 0.712959  0.000012
DH2 849.61 0.712592  0.000016
DH2 850.85 0.712626  0.000017
DH4 85.32 0.708969  0.000019
DH4 105.11 0.711810 0.000020
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671.60
675.50
676.40
678.10
680.50
681.90
687.30
687.50
688.30
691.60
692.50
693.80
695.40
698.50
702.80
703.70
705.80
708.80
712.80
715.60
718.40
721.50
727.30
737.34
746.83
751.90
761.14
769.90
770.00
771.30
772.90
773.10
774.30
775.80
777.70

0.711046
0.716563
0.717798
0.717818
0.718534
0.720411
0.720139
0.718001
0.717643
0.716905
0.712978
0.713690
0.713254
0.713240
0.713104
0.713140
0.713341
0.713489
0.713264
0.713201
0.713006
0.713670
0.713149
0.713229
0.712883
0.713077
0.712978
0.712530
0.713056
0.712915
0.713394
0.713195
0.712935
0.712596
0.713135
0.713001
0.712884
0.7126
0.712602
0.712802
0.71264
0.713019
0.713097
0.713396
0.712600
0.712720
0.712778

0.000018
0.000022
0.000017
0.000016
0.000022
0.000022
0.000024
0.000021
0.000020
0.000017
0.000017
0.000030
0.000022
0.000020
0.000017
0.000016
0.000015
0.000019
0.000018
0.000029
0.000017
0.000014
0.000022
0.000023
0.000022
0.000018
0.000024
0.000019
0.000024
0.000013
0.000016
0.000020
0.000022
0.000019
0.000017
0.000016
0.000011
0.000015
0.00001
0.000018
0.000013
0.000020
0.000032
0.000015
0.000013
0.000021
0.000016
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DH4
DH4
DH4
DH4
DH4
DH4
DH4
DH4
DH4
DH4
DH4
DH4
DH4
DH4
DH4
DH4
DH4
DH4
DH4
DH4
DH4
DH4
DH4
DH4
DH4
DH4
DH4
DH4
DH4
DH4
DH4
DH4
DH4
DH4
DH4
DH4
DH4
DH4
DH4
DH4
DH4
DH4
DH4
DH6
DH6
DH6
DH6

779.05
779.30
781.90
783.50
785.30
787.60
789.30
791.50
793.50
795.20
796.70
798.20
799.10
802.90
803.50
804.10
815.20
820.80
828.60
832.20
837.70
838.40
851.50
852.50
855.70
857.40
859.40
860.50
862.30
863.70
865.60
868.40
874.80
875.70
878.60
887.70
896.90
897.40
898.70
899.20
901.50
902.50
969.60
109.65
141.25
175.56
179.00

0.712421
0.712627
0.712893
0.712768
0.713082
0.712204
0.712559
0.712686
0.712526
0.712587
0.712458
0.712915
0.712491
0.712323
0.712377
0.712468
0.712743
0.710182
0.708909
0.710891
0.711201
0.710891
0.711519
0.711393
0.710951
0.711439
0.711346
0.711589
0.711182
0.711395
0.711163
0.710967
0.713888
0.713460
0.711071
0.711204
0.711075
0.710975
0.711028
0.710937
0.710838
0.711145
0.711554
0.709692
0.715182
0.716267
0.715769

0.000015
0.000021
0.000017
0.000022
0.000016
0.000018
0.000039
0.000014
0.000017
0.000019
0.000014
0.000018
0.000012
0.000022
0.000013
0.000015
0.000018
0.000018
0.000019
0.000016
0.000038
0.000039
0.000014
0.000029
0.000012
0.000026
0.000014
0.000009
0.000024
0.000046
0.000033
0.000030
0.000072
0.000021
0.000032
0.000021
0.000018
0.000023
0.000023
0.000018
0.000027
0.000016
0.000044
0.000015
0.000017
0.000013
0.000022
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1003

1004

1005

DH6
DH6
DH6
DH6
DH6
DH6
DH6
DH6
DH6
DH6
DH6
DH6
DH6
DH6
DH6
DH6
DH7
DH7
DH7A
DH7A
DH7A
DH7A
DH7A
DH7A
DH7A
DH7A
DH7A
DH7A
DH7A
DH7A
DH7A
DH7A
DH7A
DH7A
DH7A
DH7A
DH7A
DH7A
DH8
DH8

190.40
202.28
240.14
244.38
249.84
271.68
284.85
300.15
326.85
339.18
363.13
387.00
400.50
407.70
421.00
427.00
67.34
76.72
95.01
115.25
135.42
155.49
174.47
175.00
194.84
215.73
235.68
255.29
275.21
294.00
315.42
335.00
355.00
375.25
414.00
455.43
613.00
646.50
31.45
43.00

0.717037
0.720042
0.720678
0.719345
0.720335
0.720479
0.720581
0.720038
0.720163
0.719926
0.719404
0.719287
0.719012
0.719089
0.718984
0.718896
0.710155
0.709811
0.709696
0.709918
0.711610
0.715095
0.718048
0.717271
0.718999
0.720044
0.720157
0.720265
0.720579
0.720566
0.71937
0.719928
0.719222
0.719464
0.719456
0.718471
0.716197
0.714035
0.710518
0.709982

0.000019
0.000014
0.000015
0.000013
0.000017
0.000017
0.000018
0.000015
0.000016
0.000019
0.000026
0.000019
0.000011
0.000023
0.000019
0.000027
0.000017
0.000015
0.000012
0.000017
0.000014
0.000015
0.000047
0.000015
0.000015
0.000013
0.000012
0.000016
0.000013
0.000018
0.00002
0.000022
0.00002
0.000016
0.000019
0.000011
0.000024
0.000015
0.000015
0.00002
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1006

1007

1008

1009
1010
1011
1012

1013

1014

1015
1016
1017
1018
1019
1020

1021

Table B2: 8Sr/%Sr of Calcite at De Geerdalen Fm.

Estimated
Depth (m) | Formation amount ¥Sr/%°sr | 2 sigma SD
771.3 De Geerdalen 20 % 0.710396 0.000015
779.3 De Geerdalen 10 % 0.711280 0.000012
787.6 De Geerdalen 60 % 0.709585 0.000012
796.7 De Geerdalen 10 % 0.711167 0.000012
803.5 De Geerdalen 10 % 0.711160 0.000016
820.8 De Geerdalen 80 % 0.708731 0.000012

828.6 De Geerdalen 80 % 0.708297 0.000012

832.2 De Geerdalen 70 % 0.709505 0.000010

837.7 De Geerdalen 40 % 0.709912 0.000012

855.7 De Geerdalen 10 % 0.710130 0.000011

875.7 De Geerdalen 10 % 0.710592 0.000010

Appendix C. Pressure mixing between segments E and F.

The difference in pressures between segments E and F (Fig. 3) was interpreted by
calculating how long it would take for the pressure to equilibrate in the presence of an
intervening flow barrier with different lengths. The analytical expression used was
that of Muggeridge et al. (2004):

1 L%chu . [6PR(R+ 1)+ a?
a? 4k |AP  2Rseca

Where t is the time to reach steady state (s), L is reservoir length (m), c is effective
compressibility (Pa™), ¢ is porosity, u is viscosity (Nsm™), k is permeability (m?), 6P is
the pressure measurement resolution, AP is the initial pressure difference; R is
kpLp/2kHp, where ky is the barrier permeability, Ly is the barrier length, Hy is the
barrier thickness; and where a is the first root of the transcendental function a tan a =
R.
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