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Summary
This experimental thesis investigates enhanced oil recovery (EOR) by secondary and tertiary

CO2 and/or CO,-foam injections at miscible conditions in fractured and whole core plugs using
different rock types. Injection of CO, for EOR has in recent years received increased attention
because it may 1) reduce CO2 concentration in the atmosphere to reduce global warming, and 2)
significantly improved oil recovery. A major challenge is the low viscosity of the injected CO,
which may lead to poor sweep efficiency and low oil recovery. Poor sweep is a general challenge
in fractured reservoirs, where the fractures control flow and matrix blocks are saturated with
oil. Mobility control by the use of COz-foam will increase the apparent gas viscosity and provide
a more favorable mobility ratio and lead to incremental oil recovery by adding a viscous

component to the transport of CO; from the fracture to the matrix.

Laboratory experiments have been carried out on Portland chalk cores and Edward limestone
cores, as analogues to reservoir rocks, in addition to reservoir cores. From a total of 52 cores
prepared, 28 cores were used for CO, and/or CO; foam injections conducted with different
setups that was designed tested and used, located in three different laboratories: Department of

Physics and Technology, Haukeland University Hospital and Texas A&M University.

Secondary miscible CO; and CO,-foam flooding experiments were performed on both fractured
and non-fractured, strongly water-wet core material to study recovery performance. Mineral oil
was used in all experiments to ensure miscibility with CO, at both liquid and supercritical
conditions. Eight supercritical CO, experiments were conducted in strongly water-wet fractured
and non-fractured Edward limestone and Portland chalk outcrops. Results showed high
recoveries in the range of 81.5 - 89.9 % of OOIP for the whole cores and lower recoveries in the
range of 57.5 - 68.4 % of OOIP for the fractured cores. Less amount of CO; was required to reach
end point oil saturation in the whole cores compared to the fractured cores. To investigate if the
recovery performance by CO; diffusion could be improved in a fractured system a subsequent
CO2-foam injection for mobility control were conducted in six additional experiments. The
results from experiments in Edward limestone cores suggested that strong foam is generated
and accelerated the oil production, whereas no significant effect was observed in the Portland
chalk. General observations from the secondary CO, and CO;-foam injection indicate that oil
recovery by diffusion is more prominent in chalk material and foam is more efficient in

limestone material, suspected to be caused by differences in pore characteristics.

Integrated EOR, by combing proven EOR methods in a smart sequence, was evaluated in
strongly water-wet, fractured limestone cores at supercritical conditions. The core plugs were
first waterflooded, then CO.-injection and subsequent CO,-foam injections were performed. The

oil recovery was increased for each injection step, and an accelerated oil recovery was observed
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during CO2-foam injections due to in-situ generation of foam in fractured systems. Tertiary CO>
injections were also performed in unpreserved reservoir cores from a heterogeneous carbonate

field in the USA, leading to an oil recovery above 90% of OOIP.

A “best practice” was developed to measure permeability using CO, and re-saturate unpreserved
reservoir shale core plugs with crude oil. Using PET/CT, shale rock structure and flow behavior

during CO; injections were evaluated.
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Introduction
The high oil price and the increasingly demand for petroleum as a source of energy from limited

reserves has accelerated the effort to further extend the life of hydrocarbon reservoirs. The
majority of the effort is aimed at developing and implementing Enhanced Oil recovery (EOR).
The objectives of EOR methods are to recover additional oil by other techniques after the
conventional primary and secondary recovery methods (Katz, 1980). The aim is to increase the
macroscopic sweep efficiency and to enhance the microscopic displacement efficiency in the
reservoir compared to water flooding. Microscopic sweep can be increased by lowering the
interfacial tension between the displacing fluid and the oil. In homogeneous reservoirs this could
be done with surfactant injection or a miscible CO; flood. In heterogeneous reservoirs, it is
desirable to reduce flow in high permeable zones or reduce the viscosity in the injected fluids to
increase the macroscopic sweep area in the reservoir. Macroscopic sweep can be increased by
altering the mobility ratio between the displacing and the displaced fluid and may be achieved

by polymer or foam injection.

Residual oil will only be produced if profitable. Average annual U.S. natural gas prices have
remained relatively low over the past several years as a result of the availability of abundant
resources and the application of improved production technologies. Relatively low natural gas
prices make natural gas an attractive candidate for EOR (Administration, 2014). Using miscible
gas injection as an EOR method has received considerable attention in the oil industry because
the oil may be displaced with maximum efficiency and the result is high recoveries. Due to
economics and availability reason, carbon dioxide (COz) may be a potential source of gas for this

process.

CO: is considered the primary greenhouse gas and account for about 84% of all U.S. greenhouse
gas emissions from human activities (National Research Council, 2010). It is naturally present in
air, and the increasing concentration of CO; in the atmosphere causes the temperature on Earth
to rise. For this reason Carbon Capture and Storage (CCS) is a potential technology to reduce
large amount of CO; emission. Subsurface hydrocarbon reservoirs have the required properties
to trap CO; and are good candidates for geological sequestration. This involves capturing,
transporting and compressing the CO; and further injecting it into a geological reservoir and

monitoring its movement and behavior after sequestration (Nguyen, 2003).

CO; injection has been used to improve oil recovery for the past four decades. Several CO;
injection tests have been conducted since the first commercial CO injection for enhanced oil
recovery at the SACROC Unit in Texas in 1974 (Graue and Blevins, 1978). The results have
proven to increase oil production and indicate that CO; for EOR is a promising method for

commercial applications. In recent years, the improved recovery method has become more
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attractive because of the dual effect by CO; injection in the subsurface and include: 1) reduction
of COz concentration in the atmosphere to reduce global warming, and 2) improved oil recovery
(Nasrabadi et al., 2009). It have been estimated that the “next generation” of CO, EOR may
produce additional 67 billion barrels of oil by implementing new technology and increase

macroscopic sweet by introducing thickeners and foams (Enick et al., 2012).

As most hydrocarbon reservoirs are affected in some way by natural fractures (Nelson, 2001),
and 60% of hydrocarbon reservoirs worldwide have significant fracture components (Ardevol
and Gutmanis, 2008), it is important to get a better understanding of these structural features to
reduce risk in development and to increase production. Because CO; is a low viscosity fluid, it
may cause poor sweep efficiency in fractured reservoirs. Mobility control by the use of CO,-foam
may provide a more favorable mobility ratio, by adding a viscous component to the transport of
CO; foam from the fracture to the matrix, and thus improve oil recovery (Kovscek and Bertin,

2002, Farajzadeh et al., 2009).

Prediction of field’s performance undergoing miscible displacement is generally conducted by
laboratory core flood experiments or reservoir simulation. In this thesis a series of laboratory
experiments will be presented. The motivation of the work conducted has been to study CO; and
CO2-foam injection in heterogeneous reservoirs. Previous research from the Reservoir Physics
Research Group at the Department of Physics and Technology has set the groundwork for
experiments conducted in this thesis. The aim of this thesis have been to study recovery
mechanism in heterogeneous reservoirs by CO; injection and CO,-foam for mobility control on
both outcrop and reservoir core plugs in idealistic systems (with miscibility between CO; and
mineral oil) and realistic systems (with miscibility between CO; and crude oil). Experiments
with CO; injection on tight shale core plugs have also been performed to study the complexity of
fluid flow behavior in tight unconventional reservoirs. Visualization of the fluid flow behavior

has been conducted with the use of CT and PET/CT scanners.

This thesis consists of 7 chapters. Chapter 1 gives an introduction to the basic parameters that
are relevant for this thesis. Chapter 2 is more focused on CO; and CO; foam as displacements
mechanism. Chapter 3 gives an overview of the experimental procedure, and includes
information about rock material and fluid utilized as well as a detailed description of the
experimental design. The results and discussion of the experiments is presented in Chapter 4,
and Chapter 5 gives the general conclusions of this thesis as well as proposed future work.
Chapter 6 and 7 presents the nomenclature and the references used in this thesis. Appendix A

shows the formulas used in uncertainty calculations.
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1 Fundamental Principles

This chapter gives a short theoretical introduction to some of the fundamental principles

controlling fluid flow and distribution in the reservoir.

1.1 Fractured reservoirs

Fractured reservoirs represent a significant fraction of the unexploited oil and gas reserves in
our nation (Kleppe and Morse, 1974). Nearly all hydrocarbon reservoirs are affected in some
way by natural fractures. “A fractured reservoir is any reservoir in which naturally or occurring
fractures have, or are predicted to have, a significant effect of flow rates, anisotropy, recovery, or
storage” (Nelson, 2001). Fractures are found in all rock formations, both subsurface and outcrop.
Many types of fracture have no major impact for fluid flow performance, yet in some reservoirs
the fracture may have significant impact on fluid flow behavior, but they are often difficult to
describe and to evaluate (Nelson, 2001, Ersland, 2008). One reason for this is because
heterogeneity limits the validity of the relationship between recovery and time (Kleppe and

Morse, 1974).

In naturally fractured reservoirs the storage capacity exists in the pore space between the
mineral grains and in the fractures. To be able to extract the hydrocarbons, flow capacity is
needed, which requires a continuity between the void spaces over distance (Ersland, 2008). The
displacement process in a fractured reservoir occurs when the matrix block saturated with oil is
partially or entirely surrounded by another phase (Golf-Racht, 1982a). In carbonate reservoirs,
natural fractures help create secondary porosity and increase communications within different
reservoir zones. These high permeability zones sometimes lead to channeling of the injected
fluid, and thus an ineffective recovery. Natural fractures are the main driving force in a wide

range of less conventional reservoir, including shale gas (Nelson, 2001).

1.1.1 Fracture characterization

A fracture is a macroscopic planar discontinuity in a rock, as a result of deformation or physical
diagenesis that may modify the rock characteristics. Orientation, density and aperture are the
three main fracture features of importance to create a realistic understanding of the fracture
network (Ersland, 2008). [t may be due to compactive or dilatant processes, thus having either a
positive or negative effect on fluid flow (Nelson, 2001). The fractures may be open, sealing or

partly sealing depending on the degree of mineralization and precipitation (Golf-Racht, 1982b).
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When developing and modelling fractured reservoirs, the ability to understand and predict the
characteristics of fracture and fracture network is essential. In the laboratory, fracture types are
divided into two groups related to their mode of formation: shear fractures that form with
shearing parallel to the created fracture, and tension fractures that form with tension
perpendicular to the created fracture. Shear and tension fractures defined from laboratory
experiments have clear counterparts that occur in nature. Shear fractures corresponds to faults
and tension fractures correspond to joints. Most faulting occurs through tectonic events when
differential stress is high. Joints, or fractures, form perpendicular to bedding (Bratton et al,,

2006).

The stress state is important in natural fractured reservoirs because it largely dictates whether
fractures are open to conduct fluids. Stress is defined as the force per unit area acting on a plane.
Figure 1.1 shows a block of rock having constant stress throughout. Any stress state at a point in
a solid body can be described completely by the orientation and magnitudes of three principal
stresses. The principal stresses are oriented perpendicular to each other and to the three planes
of no resolved shear stress at the point. In the laboratory, shear and tension fractures form in
consistent orientation with respect to the three principal stress directions, namely the maximum
compressive principal stress, o;, the minimum compressive stress, o3 and the intermediate
stress, o2 Shear fractures form when all the three principal stress forces are compressive.
Tension fractures form perpendicular to oz and at relatively low differential stresses (Bratton et

al, 2006).

O

O e 5

™.

O

Figure 1.1 Illustration of the principal stresses and the creation of fractures that could develop during
laboratory tests (Bratton et al, 2006).
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1.1.2 Fluid flow in fractured reservoirs

Most reservoirs contain fractures, but it is the degree to which fractures influence fluid flow
through a reservoir that should dictate the level of resources needed to identify, characterize
and model fractures (Bratton et al, 2006). The heterogeneous flow in a fractured reservoir
depends on the nature of fluids saturating the matrix and surrounding fracture network, as well
as on the relationship between a rock and fluids at various stages of the saturation history
during the displacement process. For this reason, the wettability, average pore size and pore size
distribution will have a high impact on the flowing conditions in the matrix-fracture network
(Golf-Racht, 1982a). In fractured reservoirs there are four principal recovery processes, and
include: 1) fluid expansion, 2) capillary imbibition, 3) diffusion and 4) gravity controlled

displacement (Golf-Racht, 1982b).

Generally the reservoir is at high pressure with oil in both fracture and matrix initially. During
primary recovery the pressure will drop rapidly in the fractures because they are well
connected, whereas the lower permeability matrix will remain at high pressure. The pressure
difference will lead to influx of oil from the matrix rock to the fractures as the fluids expand.
When the pressure drops below the bubble point, gas will evolve from solution and the
expanding gas will lead to further recovery from the matrix. This process is effective until gas
breakthrough, and then mostly gas will be produced, leaving significant volumes of oil in the

matrix (Golf-Racht, 1982b).

To avoid oil production decline, it is important to maintain pressure in the fractured reservoir.
One way to do this is by injecting water. Because the fractures have a high permeability, the
water will rapidly invade the fractures, and if the matrix block has water-wet characteristics,
water may enter it by capillary imbibition. Oil will then be displaced from the block and
recovered from the fractures. The efficiency of this process depends on the amount of water
that will imbibe into matrix and the rate at which this occurs. Imbibition is a primary mechanism
of oil production in a fractured reservoir as a result of the drastic variations in permeability
between fractures and matrix helping the fractures water to imbibe the matrix (Golf-Racht,

1982a, Golf-Racht, 1982b).

Another way to maintain reservoir pressure is by injecting gas into the fractured reservoir. Like
water, the gas will invade the fractures. Due to gravity, most of the low-density gas will flow the
top part of the formation. The gas may overcome the threshold capillary pressure to push the oil

to the bottom until oil and gas are in capillary/gravitational equilibrium (Golf-Racht, 1982b).
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The final recovery process is diffusion where the injected gas and oil can mix to form a single
hydrocarbon phase that may be swept into the fracture and produced. Diffusion will be

described in detail in section 1.6.1 (Golf-Racht, 1982b).

1.2 Interfacial tension (IFT) and Miscibility

When two fluids are in contact with each other there exists an interfacial tension (o) between
the molecules of the two fluids. The interfacial tension depends on the relative magnitude of the
intra- and interfluid cohesive forces (intermolecular attraction), and represents the amount of
energy that keeps the two fluids apart. The interfacial tension may result in three different

outcomes (Zolotuchin and Ursin, 2000):

- A positive interfacial tension (o > 0) occurs when the molecules of each fluid are more
attracted to the molecules of their own kind, and thus the two fluids are immiscible.

- A neutral interfacial tension (o = 0) occurs when the molecules of each fluid are
attracted equally to the molecules of their own kind as to those of the other kind,
hence the two fluids are miscible. The fluids will mix by diffusion until equilibrium is
reached.

- A negative interfacial tension (¢ < 0) occurs when the molecules of one fluid are
more attracted to the molecules of the other fluid. The process is called dissolution
and means that the chemical reaction between the two fluids will result in a new

stable fluid.

The fundamental criteria for attaining miscibility between two phases are the conditions of zero
interfacial tension (Rao and Lee, 2003). The petroleum industry defines miscibility as "the ability
of two or more substances to form a single homogenous phase when mixed in all proportions”
(Holm, 1986). Miscibility describes how well different phases mix, and depends on which force
is the stronger, the intermolecular force or the intramolecular force. Intermolecular force is the
force that holds the atoms or ions together in a compound. The molecules in a phase attract each
other to stay together by van der Waals forces, an electrostatic force. Intramolecular force is
attractive forces that act between discrete molecules. If the intramolecular force is stronger than
the intermolecular force, the phases are miscible (Holm, 1986). In an oil recovery process,
miscibility between the displaced and displacing phase may increase the displacement efficiency
and the total oil recovery. Miscible enhanced oil recovery processes have estimated additional
10-15% recovery of OOIP (Original oil in place), compared to immiscible displacement processes

that with 5-10% additional recovery (Lake, 1989). Miscible gas flooding applications usually
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employ an injection gas with lower viscosity than reservoir oil. This may lead to unfavorable

mobility ratio and sweep efficiency (Walsh et al., 1989).

There are two types of miscible gas displacement: first-contact miscible process and a multi-
contact miscible process. The latter can be developed by three processes: condensing gas drive,
vaporizing gas drive and combined condensing vaporizing gas drive (Rao and Lee, 2003). In this
thesis experiments are conducted with first contact miscibility between CO; and mineral oil (n-
Decane or paraffinic oil) and multi-contact miscibility between CO; and crude oil. To explain the
different processes in miscible flooding, ternary diagrams are common to use. Figure 1.2

illustrates a ternary diagram and summarize the different miscibility processes.

Light
Component

)

1;-J;: Immiscible drive
1,-J5: First contact miscible
1,-J,: Vaporizing gas drive
1;-J,: Condensing gas drive

1

Heavy Intermediate
Component Component

Figure 1.2 Conditions for miscible displacements modified from (Mathiassen, 2003). Two phases are first contact miscible
when the dilution path (I2-J3) does not cross the two phase region or the critical tie line. When the dilution path lies
entirely on the two phase region (I1-J1) an immiscible displacement is present. If the initial and the injected fluid
composition are on the opposite side of the critical tie line, the displacement is either a vaporization gas drive (I2-]1) or a
condensing gas drive (11-12).

First contact miscibility is a displacement process where any amount of the solvent can be
injected and exist in one single hydrocarbon phase. The concept of a first contact miscible
process may be explained by a ternary diagram as shown in Figure 1.2, and occurs when the
linear dilution path between the injection gas and the oil do not intersect the two phase region
(I2-]J3). The displacement will consist of one single hydrocarbon phase that change composition
from oil to undiluted gas through the gas-oil mixing zone. (Lake, 1989, Rao and Lee, 2003, Orr,
2007).

During multi-contact miscible processes, the injected gas vaporizes the lighter oil components
and/or condenses into the oil phase. Both processes, individually or combined, may develop
multi-contact miscibility. The miscibility is achieved by mass transfer of components witch
results from multiple and repeated contact between the oil and the injected fluid through the

reservoir. The difference between CO, and natural gas is that the dynamic miscibility with CO;
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does not require the presence of intermediate molecular weight hydrocarbons in the reservoir

fluid (Mathiassen, 2003).

In the gas vaporization process a lean gas is injected and as it flows through the reservoir it
vaporizes intermediate components (C;-Cs) from the crude oil. The process takes place at the
interface between the phases. The displacement will not be a first contact miscibility process
because the dilution path crosses the two phase region (I>-J1 on Figure 1.2). The composition of
the injected gas is modified as it moves through the reservoir. Miscibility will develop in this
process as long as the injected gas and the crude oil are on the opposite sides of the critical tie
line (Lake, 1989, Rao and Lee, 2003, Orr, 2007). The pressure required for achieving dynamic
miscibility with CO; is usually significantly lower than the pressure required for other gases such
as natural gas, flue gas or nitrogen. By using CO, also heavier hydrocarbon components may be
extracted. The lower pressure and the extraction of higher hydrocarbon components are key

advantages of the CO2 miscible process (Holm, 1986).

During a condensing gas drive process (Ii-]. on Figure 1.2), an enriched gas containing
significant amount of intermediate components (C»-C¢) is injected. As this gas flows through the
reservoir, the intermediates condense from the gas phase into the oil phase. The miscibility now
develops at the rear of the gas-oil mixing zone as a consequence of the enrichment of the liquid
phase of the intermediate components. The leading gas in the front of the displacement will be
immiscible with the crude, because both the solvent and the crude are on the same side of the
critical tie line, and thus cannot develop miscibility (Lake, 1989, Rao and Lee, 2003, Orr, 2007).
CO2 cannot form miscibility by condensing gas drive alone, but through a vaporizing drive were
injected CO, vaporizes some of the light components in the oil. These are subsequently re-
condensed at the displacement front generating an enriched zone with favorable mobility

characteristics, referred to as a combined vaporizing and condensing drive (Mathiassen, 2003).

1.1.1 Minimum miscible pressure (MMP)

“The minimum miscible pressure is the lowest pressure at which miscibility between the
injected gas and reservoir oil is achieved when the interfacial tension between oil and gas
vanishes” (Teklu et al., 2013). MMP depends on both crude oil and solvent composition and is
typically determined experimentally using slim tube tests. This method involves displacement of
oil with a miscible agent at a given reservoir temperature through a small diameter tube packed
with sand or glass beads. The pressure is regulated and MMP is determined based on the oil
recovery and visual observations (Elsharkawy et al., 1992). However, the slim tube experiments

have several drawbacks. The porous media in the slim tube test may not resemble the same
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characteristics as the reservoir rock, and often the MMP value depends on the number and
choices of test pressure and may result in large discrepancy in interpreted values (Watkins,
1978). Other methods to determine the MMP include (Williams et al., 1980, Christiansen and
Haines, 1987, Elsharkawy et al,, 1992, Teklu et al., 2013):

- Empirical correlations

- Rising bubble apparatus (RBA) measurements

- Tertiary representation / Restricted tie line

- Single- and multi-cell simulations

- Semi-analytical approach using the method of characteristics (MOC)

- Vanishing interfacial tension

Empirical MMP correlations may give a good indication of the potential with miscible gas
processes for oil recovery in the reservoir. They are rapid and cheap to conduct, but because
MMP correlation typically err by 10%, they are not appropriate for a final decision (Elsharkawy
et al,, 1992). Numerical modeling of slim tube displacement tests is a popular alternative to
using MMP correlations (Williams et al.,, 1980). To accurately estimate the MMP for a gas-oil pair
with these simulators, detailed compositional data as well as reliable phase behavior data are
required. This may be a sufficient way for predicting consequences of small changes in gas
composition when all the required data is already available, but the cost to obtain such data may

exceed the cost of measuring an MMP with another method (Williams et al., 1980).

Development of miscibility between a gas bubble and oil, when both are miscible at first contact,
can be observed visually in the Rising Bubble Apparatuses measurement. This approach to
measure MMP’s is much more rapid than the commonly accepted slim-tube technique. The
measurements of the MMP with the RBA compare favorably with those based on the slim-tube
experiments and predictions from phase-behavior studies. However, measurement of CO; and
oil MMP’s with RBA at lower temperatures (< 120 F) is less precise because of complexities of

CO;- oil behavior (Christiansen and Haines, 1987).

Accurate predictions of MMP are especially important in reservoir evaluation to determine the
necessary conditions for miscible displacement processes. CO; has major advantages compared
to other miscible agents because it achieves miscibility with reservoir oil at lower pressure

compared with natural or inert gases. (Holm and Josendal, 1974, Holm, 1986)

Figure 1.3 illustrates the determination of MMP of CO; and oil, for a displacement process of oil
with 1.2 hydrocarbon pore volume of CO; by the use of slim-tube experiments. If miscibility is

achieved, it is characterized by a plateau on the pressure vs. recovery curve. Oil recovery from

17



slim tube tests are typically high at pressures above the MMP and decline steeply as pressures
are reduced below the MMP. This bend-over point in the recovery versus pressure is the MMP
(Shyeh-Yung, 1991). The MMP corresponds to the pressure, at which the critical tie line passing
through the crude oil composition. This pressure is significantly lower than what is needed for a
first contact miscibility. A further increase of pressure does not increase oil recovery, because
above the MMP the displacement tend to develop into a first contact miscibility (Holm and

Josendal, 1974, Lake, 1989).
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Figure 1.3 Minimum miscible pressure for CO; for a fixed oil composition (Skarrestad and Skauge, 2010)

1.2.2 Oil swelling

The solubility of CO2 may decrease oil viscosity and can result in swelling of the oil volume and
increased mobility. Dissolution of CO, may cause oil to swell up to 50-60% and thereby
increases the contact area between the oil and CO; in which increase diffusion rate and recovery
efficiency for the CO; injection (Moortgat et al., 2011). Swelling of the oil is also more dominant

in crude oils with heavier components than in n-Decane and paraffinic oil.

Gas and oil viscosities are often measured in swelling tests as these are very important in
determining fluid mobilities and mobility ratios. In a swelling test the selected injection gas is
mixed with the oil at various proportions at constant reservoir temperature (Hand and
Pinczewski, 1990). The test is used to determine: 1) how much gas that dissolves in the oil at a
given pressure, 2) how much the oil will swell as intermediate components in the gas are

dissolved by the oil, and 3) the resulting saturation pressure as injection gas is progressively
added.
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1.3 Mobility Ratio

Mobility is defined as the relationship between the endpoint relative permeability and the
viscosity of the fluid, and is strongly dependent on the fluid saturation. It is an important factor
for flow patterns of two or more fluids in a porous media (Zolotuchin and Ursin, 2000). The
mobility, A, of a phase, i, is given by:

A= %,i = oil,water, gas (1.1)

1

where p is the viscosity and k is the end point relative permeability of the fluid.

The mobility ratio, M, is defined as the ratio between the mobility of the displacing fluid and the
mobility of the displaced fluid (Zolotuchin and Ursin, 2000).

M = Mdisplacing (1.2)
Adisplaced
1.4 Wettability

The wettability of a reservoir rock can be defined as “the tendency of one fluid to spread on, or
to adhere to, a solid’s surface in the presence of another immiscible fluid” (Craig, 1971). In an
oil- water system it is a measure of the preference the rock has for either oil or water (Anderson,
1986b). The wettability within a reservoir determines the microscopic fluid distribution in the
reservoir or the core sample. For a water-wet rock, water has a tendency to occupy the small
pores and most of the rock surface, and vice versa for an oil-wet system. The wettability may
also be heterogeneous, classified as either fractional- or mixed wet system (Skarrestad and
Skauge, 2010). In fractional wet cores, the wettability distributions are uncorrelated to pore size,
whereas in mixed wettability conditions indicate that wettability distribution is related to pore
size, that is either that the large pores are oil-wet and the small pores are water-wet or vice
versa (Skauge et al., 2007). Changes in wettability influence the electrical properties, capillary
pressure, water flood behavior, relative permeability, dispersion, irreducible water saturation

and residual oil saturation (Anderson, 1987).

Three procedures are commonly used to measure wettability. One way is to estimated
wettability quantitatively by measuring the contact angle, giving wettability for a specific surface
(Anderson, 1986a). The two other methods, the Amott Harvey method (Amott, 1959) and the
USBM method (Donaldson et al., 1969), are based on the brine/oil displacement behavior,
looking at water saturation related to flow conditions or capillary pressure to quantify

wettability (Morrow, 1990).
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The wettability may range from strongly oil-wet to strongly water-wet. In this thesis mostly
strongly water-wet cores were used. Petroleum reservoirs are rarely (if ever) strongly water-
wet (Sorbie and van Dijke, 2004). A series of studies has proven the tendency of a COz-wet
system (Chi et al., 1988, Siemons et al., 20064, Siemons et al., 2006b, Plug et al., 2008). The main
reason for the wetting alterations from water-wet to CO,-wet is related to the difference in
stability of the water film between the matrix surface and the CO. (Siemons et al.,, 20063,
Siemons et al., 2006b). Such a film must be ruptured before the coal becomes CO;-wet (Hirasaki,
1991, Plug et al,, 2008). It has been observed that by increasing system pressure, the wettability
changes from water-wet to COz-wet (Chi et al, 1988, Siemons et al, 2006b). Fast water

breakthrough during the imbibition process indicates CO,-wet behavior (Plug et al., 2008).

1.5 Capillary Pressure
Capillary pressure, P, is the molecular pressure difference across an interface between the
wetting phase (P;) and the non-wetting (P;) phase. When the curvature of the interface is at static
conditions, the capillary entry pressure for a phase i displacing a phase j is given by the Young-
Laplace equation (Schubert, 1982):

1,1
P=0P=P-PF=0y(5+7) (1.3)
where o, denotes the interfacial tension, and R; and R; are the principal radius of the interface

curvature. In a capillary tube, where Ri=R,=r, the capillary pressure can be expressed as:

1 1 20;;C0S0;;
Peij = oy (R_1 +R—2) =——3 (1.4)

r

where 6; denotes the contact angel between the phase i and phase j, and r is the radius of the

capillary tube.

Capillary pressure may also be described by the height of capillary rise in a tube:

P. = (p; — pi)gh (1.5)

where p; - p; is the density difference between the non-wetting and the wetting phase, g is the

gravity force and h is the height of the capillary rise.

Capillary pressure is dependent on saturation, saturation history, wettability, pore structure and
pore size, and is therefore important for the pore filling sequence of fluids in porous media. The
static capillary pressure has conventionally been used to interpret two-phase fluid flow in
porous media and to describe the dynamic capillary pressure, although the Laplace law is valid

only under static conditions.
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There are two types of capillary pressure processes: drainage and imbibition. Imbibition
describes an increase in the wetting phase saturation, whereas drainage refers to an increase in
saturation of the non-wetting phase. For an imbibition process, two displacement mechanisms
occur at the pore level, and include piston-like displacement and snap-off. Snap-off occurs when
the flow of the wetting phase through films swell around the oil to form a “collar”. At a certain P,
continuity of the oil phase snaps off and thus occupying the space with water. In reality, when P,
rises, snap-off ceases. Snap-off frequently occurs when foam is introduced to a system (Kovscek

and Radke, 1996).

Capillary pressure for piston-like displacement versus snap-off can be compared in magnitude

as shown in equation (1.6).

P(piston) > P(piston) > P(snap—off) (1.6)

Cdrain C,imb C,imb

Spontaneous imbibition is an important factor controlling oil recovery mechanism in fractured
reservoirs, and is dependent on the wettability of the media. The amount of water imbibed
depends on the spontaneous (positive) part of the capillary pressure curve, which in addition to
wettability is closely correlated to the pore structure. In addition to spontaneous imbibition, the
capillary continuity is an important factor to oil recovery in fractured reservoirs because it
provide fluid communication between isolated matrix blocks and increase the recovery by
gravity drainage or viscous displacement. Applying a viscous component to the water may
enhance recovery, depending on wettability, fracture permeability and fracture aperture. A
surfactant solution is often added to the water and co-injected with gas to generate foam for
mobility control. The stability of foam lamellae is also limited by capillary pressure (Khatib et al,
1988). The capillary pressure will increase as the as the fractional flow of gas in foam increase
until a critical capillary pressure is reached, after this point coalescence coarsens foam texture
and the liquid saturations remains constant and the relative gas mobility becomes proportional

to the ratio of gas-to-liquid fractional flow.

There exist several methods today for capillary pressure measurements, but the centrifuge
method may be the most frequently used method (Ferng et al., 2009). Many of the naturally
fractured carbonate reservoirs characterize a mixed-wet or oil-wet wettability (Downs et al,,
1989), and waterflooding will not necessarily perform as well as for water-wet fractured
reservoirs, because spontaneously imbibition will be less efficient, resulting in poor recoveries

and early water breakthrough.
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1.6 Dispersion in porous media

Dispersion is defined as the mixing of two miscible fluids, caused by diffusion and convection
(Lake, 1989). Dispersion occurs when one fluid is decomposed into small microscopic particles
or droplets (dispersive phase), that float around in the other fluid (continuous phase). These are
not mixed, but finely distributed in each other because they have different polarity. Two fluids
will slowly diffuse into one another if the contact area between two miscible fluids is initially a
sharp interface, caused by random motion of the molecules (Perkins and Johnston, 1963). In
reservoir engineering dispersion is of particular importance in miscible displacements
(Skjeeveland and Kleppe, 1992), such as miscible CO; injection for EOR as will be discussed in

this thesis.

1.6.1 Diffusion

Molecular diffusion is the mixing of miscible phases to form one single phase by molecular
transfer due to concentration gradients (Jha et al.,, 2011). The two phases reach thermodynamic
equilibrium through diffusion, caused by movement of molecules from high-concentration areas
to low-concentration areas, as illustrated in Figure 1.4. Due to the concentration differences,
molecular diffusion of inert gas normally favors displacement of hydrocarbons over dry gas (da
Silva and Belery, 1989). The molecular diffusion process is mainly governed by three
mechanisms depending on the matrix structure and pressure. These are: 1) bulk diffusion where
fluid-fluid molecular interactions dominate, 2) Knudsen diffusion for which fluid molecule
collide with pore walls, and 3) surface diffusion which correspond to molecules transported
along an adsorbed film (Smith and Williams, 1984). Unless there is a large amount of adsorption,
surface diffusion plays a minor role. Knudsen type of transport is independent of fluid pressure
as opposed to bulk diffusion for which the diffusion coefficients are inversely proportional to

pressure (Smith and Williams, 1984).
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Figure 1.4 The concept of diffusion: Mixing of two miscible fluids in contact with each other through random
motion of molecules until equilibrium is reached (Lie, 2013)
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The diffusional flux is possible to determine by Flick’s law:

ac
J=-D ™ (1.7)
where ] is the diffusional flux, D is the molecular diffusion coefficient, C is the concentration and

x is the position.

By taking time, t, into account Fick’s second law describes the one-dimensional unsteady state

diffusion between two miscible fluids, and is given by:

oc _ poxc
at ~  oxz

(1.8)

From Fick’s second law, with a constant concentration as the boundary condition, it is possible
to determine the concentration of each fluid component as a function of time and distance.
Modification to account for the texture of the matrix is required. It has been proven that for a
porous media the ratio between the absolute diffusion coefficient, D,, and the effective diffusion

coefficient, D, is given by (Perkins and Johnston, 1963):

Do _ 1 (1.9)

where F is the formation electrical resistivity factor and ¢ is the porosity.

Phase behavior effects by molecular diffusion in a miscible CO; displacement in porous media
depends on contact time, length of diffusion and rate of diffusion (Bird et al., 1976). As opposed
to porous media, where molecular diffusion generally is small, it may be very important in
naturally fractured reservoirs, as the dispersive flux through fractures rapidly increases the
contact area for diffusion (da Silva and Belery, 1989). Fick’s molecular diffusion potential may
override the viscous force when injecting a phase, if the fractured spacing is small (da Silva and

Belery, 1989).
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1.6.2 Convection

Convective mixing describes the mechanic mechanism of fluid mixing in porous media resulting
from heterogeneities, and occurs when the fluid is flowing through a porous media and particles
are mixing on a microscopic scale (Perkins and Johnston, 1963, da Silva and Belery, 1989,
Sahimi, 2012). The rate of mixing depends on the interstitial velocity. Convective dispersion may
be described by two mechanism that include longitudinal dispersion and transverse dispersion
(Sahimi, 2012). Longitudinal dispersion represents spreading of a solute concentration front in
the mean-flow direction as it passes through a porous media, whereas transverse dispersion

means cross-spreading at a given transverse plane in a porous media.

1.7 Enhanced Oil Recovery

The main objective of all methods of enhanced oil recovery (EOR) is to increase the volumetric
(macroscopic) sweep efficiency and to enhance the displacement (microscopic) efficiency after
the conventional primary and secondary recovery. The volumetric sweep may be increased by
reducing the mobility ratio between the displacing fluid and the displaced fluid. In order to
enhance the microscopic sweep, a reduction of the interfacial tension between the displacing
and displaced fluid will lower the amount of oil trapped due to the capillary force, and result in a

lower residual oil saturation and hence higher ultimate recovery (Katz, 1980, Lake, 1989).

During oil and gas production from a reservoir, several measures may be implemented in order
to improve the recovery. Implementation of EOR techniques will have impact on the production
profile. The definition of EOR is linked to the use of unconventional recovery methods, such as
injection of materials not normally present in the reservoir like surfactants and polymers.
Therefore, the injection of water and hydrocarbon gas is not regarded as EOR methods. CO, and
WAG (Water-Alternating-Gas) injection falls outside the strict definition of EOR, but these are

unconventional techniques that usually are defined as EOR (Lake, 1989).
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2.C02 and COz Foam

The use of carbon dioxide (CO2) for enhanced oil recovery (EOR) is considered one of the most
promising methods for commercial application, and has been used to recover oil for over 40
years (Enick et al.,, 2012). Both laboratory and field studies have proven CO; to be an efficient oil-
displacement agent (Holm and Josendal, 1974, Abrishami and Hatamian, 1996, Enick et al,
2012). Recoveries are observed to be high provided that the effects of gravity segregation,
viscous fingering, and bypassing are minimized (Holm and Josendal, 1974, Gardner et al., 1981).
The most efficient use of CO; for EOR is obtained at flooding pressures at which miscible
displacements is achieved (Holm and Josendal, 1974). If fractures are present in the reservoir,
CO; may be less efficient. Because CO; is a low viscosity fluid, it may channel into the high
permeable fractured network and may result in an early breakthrough and low sweep efficiency.
By introducing foam to the fractured network promising results for controlling gas mobility in
an EOR process have been recognized (Bernard and Holm, 1964, Bernard and Jacobs, 1965,

Holm, 1968, Wang, 1984).

2.1 EOR from COz injection

CO: is naturally stored in plants, subsea and beneath the Earth surface where the crust is thin. It
can also be found in small portions in the atmosphere. CO, is a naturally occurring gas at
standard temperature and pressure, composed of 2 oxygen (0) atoms and one carbon atom (C).
At such conditions it is very stable and no process other than photosynthesis having been

discovered to effectively decompose it (Energy Institute, 2010).

For many years, the oil industry has injected CO: into oil reservoirs to increase the oil
production. CO, gas has many favorable properties as displacing fluid and accounted for 0.3% of
the world’s oil production in year 2000 (Freund, 2000). In 2012 CO; provided about 280 000
barrels of oil per day in the U.S., which is just over 5% of the total U.S. crude oil production
(Enick et al,, 2012). To increase the interest for CO, EOR and storage projects, they have to be
economical beneficial. The increased focus on CO; emission and taxation contributes to make
Carbon Capture Storage (CCS) more attractive (Energy Institute, 2010). The number of CO;
flooding projects has increased steadily in recent years, compared to other EOR methods. The
limiting factor for the expansion of CO; projects is in transitioning from a low oil price to the
quantities of high-pressure CO; needed (Abrishami and Hatamian, 1996, Enick et al.,, 2012).
Despite the fact that CO; has a well-established ability to recover oil, the CO; EOR process could
be improved if the high mobility of CO; relative to reservoir oil and water can be effectively

affordable reduced (Vikingstad et al., 2005, Enick et al.,, 2012).
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With recent environmental concerns like pollution, acidic rain, greenhouse effects and global
warming, not only the cost of injection schemes but also their environmental aspects have to be
considered by the industry (Abrishami and Hatamian, 1996). Recently, CO; flooding has become
so technically and economically attractive that CO2 supply, rather than CO; price, has been the

limiting factor (Enick et al., 2012). CO; flooding for EOR requires a large amount of pure CO».

The Sleipner field in the North Sea is considered the world’s first CCS project, and became a fully
operational offshore gas field with CO; injection in August 1994, where CO; is sequestrated 1000
meters below the sea bed. 14 Mt CO; is injected to this date, and in 2014 it is expected that the
carbon capture facilities at Sleipner also will separate additional gas from the Gudrun field, and

is currently under development (GCCSI, 2014).

It is important to understand the properties and behavior of CO; because it may represent a very
attractive EOR method at optimum conditions. The phase behavior of the reservoir oil and gas,
depending on pressure and temperature, combined with reservoir rock type, wettability and
presence of fracture and their permeability, are crucial factor which determine the efficiency of

the COz injection. The CO; phase diagram is illustrated in Figure 2.1.
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Figure 2.1 Phase diagram for CO; for different temperatures and pressures, including the sublimation point
(78.5 °C, 1 bar), the triple point (-56.6 °C, 5.11 bar) and the critical point (31.1°C, 73.83 bar). The triple point
is defined as the temperature and pressure where the three phases can exist simultaneously in
thermodynamic equilibrium (Energy Institute, 2010).
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The behavior of CO, with respect to density and viscosity are shown in Figure 2.2 and Figure 2.3,
respectively. The CO, becomes denser and more viscous with increasing pressure. The increased

density behavior means that CO; has favorable properties to reduce gravity segregation.
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Figure 2.2 CO; densities as a function of pressure at temperature conditions for experiments conducted in this
thesis.
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Figure 2.3 CO; viscosities as a function of pressure at temperature conditions for experiments conducted in
this thesis.
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In the laboratory a simplified situation may be constructed to study CO:/oil miscibility and
displacement at constant temperature and pressure in core samples. Maintaining a high
pressure exceeding the MMP is crucial conditions for additional oil recovery. In this thesis

experiments were conducted at liquid or supercritical CO; conditions.

CO; cannot exist as liquid at atmospheric pressure, but at a pressure above 5.11 bar and a
temperature between -56.6°C and 31.1°C the CO; becomes liquefied, and its density rises with
temperature to 1180 kg/m3 (Energy Institute, 2010). CO, at pressure and temperature
conditions above the critical point is described as a supercritical phase. Supercritical fluids have
the low viscosity of a gas and the high density of a liquid. Thus, it may diffuse into a solid matrix
faster than liquid, yet possess the strength to displace other fluids from the matrix. However, it is
possible to go from gas to a liquid without crossing the boundary between the vapor and liquid

phase using a supercritical fluid just by lowering the temperature (Energy Institute, 2010).

2.1.1 Features of CO; as an EOR fluid

Depending on the reservoir conditions and fluid composition, CO,; may have different recovery
performances like increasing oil density, high solubility in water, promoting oil swelling,
reducing interfacial tension, extraction or vaporization portions of the oil, reducing oil viscosity
and exerting an acidic effect on rock (Holm and Josendal, 1974, Abrishami and Hatamian, 1996,
Nasir and Amiruddin, 2008). There is also some expansion of water (2-5 %) when CO goes into
solution and the water density decreases. As a consequence, the densities of oil and water
becomes closer to each other, hence lessens the chance of gravity segregation of these fluids and
the overriding effect of the CO,-water mixture (Holm and Josendal, 1974). The acidic effect of
CO2 on the rock has proven to stimulate injectivity of water by direct action on carbonate

portions of the rock and by a stabilizing action on clays in the rock (Crawford et al., 1963) .

CO; flooding can either be miscible or immiscible depending on the Minimum Miscibility
Pressure (MMP). Miscible flooding forms a single phase solution with the hydrocarbons in the
reservoir when injected and in contact with the hydrocarbon at a pressure above the MMP,
whereas immiscible flooding occurs when the pressure is below the MMP where CO; does not
form a single phase solution with the hydrocarbons in the reservoir (Holm, 1986). Miscible CO;
displacements include all the performance enhancements mentioned above, whereas immiscible
CO; displacements relies more on the reduction of viscosity of the oil phase, reduction of
interfacial tension (IFT) and swelling of oil in contact with CO,. It has been recognized that CO;
and light hydrocarbon gas are completely miscible at relatively low pressure. Miscibility can be
attained at lower pressure by injecting CO; gas than hydrocarbon gas (Holm and Josendal,

1974). Unlike the high-pressure gas-miscible process, the displacement of oil by CO> does not
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depend upon the presence of light hydrocarbons (C;-C4) in the reservoir oil. Hence, the CO;
process is applicable to reservoirs which the oil has been depleted of its lighter components

(Holm and Josendal, 1974, Brock and Bryan, 1989).

In addition to the environmental and the economical aspect, the main challenge for a successful
CO: flood is related to its density and viscosity. The major challenge associated with gas injection
is its poor volumetric sweep efficiency, as the result of which gas does not contact a large
fraction of oil and, thus, the low overall recovery remains low (Wellington and Vinegar, 1985,
Rossen and van Duijn, 2004). This happens because of the channeling (flow of gas in the high
permeability streaks in heterogeneous reservoirs), viscous fingering that occurs because of the
viscosity difference between the oil and gas, and gravity override due to the large density
contrast between the gas and oil (Koval, 1963). CO; is capable of displacing nearly all the oil in
the local areas where it flows, but yet CO; flooding does not recover all of the oil in the
formation. Miscible CO; floods typically recover 10%-20% of the OOIP (Original Oil In Place),
whereas immiscible CO; floods only recover 5%-10% of the OOIP, due to the interfacial tension
between the CO; and the more viscous oil. This may result in high residual oil saturation in the

reservoir, between 35%-65% of the OOIP (Koval, 1963, Enick et al., 2012).

2.1.2 Secondary and Tertiary CO: injection

Displacement efficiency in fractured and non-fractured reservoirs during both secondary and
tertiary CO: flood is strongly influenced by achieving miscibility between the CO; and the oil. For
a secondary CO displacement, the CO; is injected into a porous media without previously
waterflooding. For a miscible, secondary CO; displacement, the oil recoveries are observed to be
high and rate-intensive, provided that the effect of gravity segregation, viscous fingering and

bypassing are minimized (Watkins, 1978, Gardner et al., 1981, Wang, 1982).

For a tertiary CO; displacement, the CO; is injected into a previously water flooded porous
media. The recoveries tend to be considerable lower than for a secondary CO, displacement,
depending on flow rate, core length and wettability (Stalkup, 1970, Watkins, 1978, Spence and
Watkins, 1980, Wang, 1982). However, tertiary CO; injection projects may be more interesting
than secondary CO; injection projects on field scale, because many fields are at tail production
after been water flooded. The lower recovery is usually explained by the high water saturation
present in a tertiary CO: flood and its effect on the microscopic displacement efficiency. The
highly unfavorable mobility ratio for the immiscible CO,-water displacement may lead to CO;
bypassing considerable volumes of water, leaving high water saturations behind the
displacement front in water-wet rock. The water blocks or shields the residual oil from direct

contact with the CO; injected (Stalkup, 1970, Spence and Watkins, 1980).
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Water shielding or bypassing is an important factor that may influence the oil recovery
efficiency of a CO; flood. Having water present in the system may lead to lack of complete and
uniform contact between oil and CO, leading to decreased oil recovery efficiency. The effect is
more pronounced in strongly water-wet systems, compared with oil-wet systems where the
effect is insignificant (Gardner et al, 1981, Walsh et al, 1989). Walsh et al. proved
experimentally that water shielding is controlled by the trapping function and oil and solvent
mobilities, and that trapping by water shielding occurs for the non-wetting phase. This prevents
development of miscibility and results in a considerable reduction in microscopic displacement

efficiency (Grogan and Pinczewski, 1987).

Other research supported the idea that presence of a water phase in the core weakens CO; flood
oil recovery performance, because water causes the oil to be less connected. It was found that
water shielding of oil extraction by CO,, at initial water saturations in the range of Sw=0.4 to
Sw=0.75 had an effect on the oil bank development and hence on oil recovery even in a mixed-
wet core. At initial water saturations lower than S.=0.4, CO; flood behavior was not affected by

water shielding, explained by water receding in smaller, water-wet pores (Shyeh-Yung, 1991).

Bypassing may occur at both microscopic and macroscopic levels. Microscopic bypassing might
be due to the presence of oil in dead-end pores and/or shielding of oil by water in the tertiary
mode. Macroscopic bypassing, on the other hand, may result from viscous fingering, paths of
least resistance on a visible scale, gravity over- or underide, and/or simply poor distribution of

injection fluid at the inlet of the system (Gardner et al., 1981).

Molecular diffusion of CO, through the water phase has been proposed as an important factor in
the mobilization and recovery of the residual oil in water-wet rock. Swelling of the oil causes
changes in pore-scale phase distribution, and can be effective in recovering residual oil as long
as enough time is available for diffusion of CO; to swell the oil significantly (Orr and Taber, 1983,
Campbell and Orr, 1985). It is unlikely that molecular diffusion play a significant role in reducing
the adverse effect of large-scale bypassing resulting from gravity segregation, reservoir
stratification, and unfavorable mobility ratio in tertiary field flooding (Grogan and Pinczewski,
1987). Even though local displacement efficiencies are high as a result of the large contact times,
overall recoveries may be low due to the presence of large-scale bypassing. For core scale
experiments, diffusion may be sufficiently rapid, depending on size, to effectively reduce the
adverse effect of bypassing on overall recovery efficiency. However, on a field scale, bypassing of
oil by injecting CO, may be expected to occur on a much higher level (Grogan and Pinczewski,

1987).

30



2.2 COz Foam

Foaming of the injected gas is a potential solution for the density and viscosity challenges
identified above with CO, as an EOR method, because it may decrease its mobility (Boud and
Holbrook, 1958, Kovscek and Bertin, 2002, Farajzadeh et al., 2009, Enick et al., 2012). Foam
consists of gas bubbles dispersed in liquid and a continuous liquid film called lamellae separates

the gas bubbles (Bikerman, 1973), and are illustrated in Figure 2.4.

Lamella

Figure 2.4 Foam forming and flowing in porous media (Skjaeveland and Kleppe, 1992)

Foam is generated when gas and a solution of a surface active agent are injected to a porous
media, and may have several advantages that include: 1) reduce the gas mobility in the fractured
rock, 2) increase differential pressure, and 3) divert flow into the oil-saturated matrix. (Bernard
and Holm, 1964, Holm, 1968). Foam can be useful in water floods, where highly permeable
layers or unfavorable mobility ratio are present (Bernard and Jacobs, 1965). When foam is
present in a porous media, the effective permeability of the porous medium to each phase is
greatly reduced compared with permeabilities measured in the absence of foam (Bernard and
Holm, 1964). It has been proven experimentally that foaming gas is a promising technique for
achieving mobility control and diverting injected fluid to low permeable strata within porous

media (Kovscek and Bertin, 2002).

By injection of a slug of surfactant prior to CO; injection it may reduce the CO2 mobility, below
and above its critical point (Farajzadeh et al,, 2009). CT images have shown that by adding
surfactant to the injected brine it prevents gravity and viscous instabilities, and enables CO; to

displace the oil from cores in a piston-like manner (Wellington and Vinegar, 1985).
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Foam texture, a measure of bubble volume, has been recognized as the key parameter in
determining foam flow (Hirasaki and Lawson, 1985). Four mechanisms have been identified to
explain how fluid flow in the presence of foam:
1. Alarge portion of the gas is trapped in the porous medium and a small fraction flows as
free gas, following Darcy’s law (Kolb, 1964).
2. The foam structure moves as a body, as the rate of gas flow is the same as the rate of
liquid flow (Fried, 1961).
3. Gas flows as a discontinuous phase by breaking and re-forming films, and liquid flows as
a free phase (Bernard and Jacobs, 1965).
4. A portion of the liquid and gas move as a foam body whereas excess surfactant solution

moves as a free phase (Holm, 1968).

The apparent viscosity of foam is the sum of three contributions (Hirasaki and Lawson, 1985):
1) that from slugs of liquid between bubbles, 2) the resistance to deformation of the interface of
a bubble passing through the media and 3) the surface tension gradient that results when

surface active material is swept from the front of a bubble and accumulates at the back of it.

There have been several successful laboratory tests capable of stabilizing CO,-foams that led to
13 published reports of pilot tests conducted between 1984 and 1994. Five of these projects
were assumed to be successful considering the technical effort and favorable economic
assessments (Enick et al., 2012). A large number of laboratory studies were directed at the
design of in-depth mobility control foams. This led to two pilot tests aimed solely at CO, mobility
control, one which indicated that a 60% increase in the apparent viscosity of CO; occurred
where the foam is formed, and several pilot tests that were designed to both increase the
apparent viscosity of CO, and block a high permeable zone, one of which clearly demonstrated
that CO; foams could simultaneously enhance conformance control and mobility control (Enick

etal, 2012).

Research results have proven that surfactant-induced CO,-foam is an effective method for
mobility control in CO; flooding, but have potential weaknesses. Because foam is unstable by
nature, its long-term stability during a field application is difficult to maintain. Foam stability
will be described in detail in section 2.2.2. Carbon dioxide-soluble surfactants ensure that the
surfactant appears only where the CO; flows. These surfactants may be capable of providing a
modest degree of conformance and mobility control, and are easy to implement even for
operators who only employ continuous CO: injection, and may greatly reduce the need for
alternating slugs of brine. New nano -science technologies may also provide an alternative for

the generation of stable CO,-foam. Using nanoparticles to stabilize CO, mobility control foam
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may overcome the long-term instability and surfactant adsorption loss issues that affect

surfactant-based CO; EOR processes (Enick et al., 2012).

2.2.1 Foam Mobility in heterogeneous porous media

Gas, as a bulk fluid, has a very low viscosity compared with oil and water. The high mobility of
gas in the reservoir frequently leads to poor conformance in gas flooding processes. In a
reservoir scale, results have shown poor sweep efficiency. Localized problems such as gravity
override, gas channeling in high permeable zones, and gas coning into production wells have
also lead to problems. The conventional practice of using water-alternating-gas (WAG) injection
is not always effective, and may create other problems by retrapping mobilized oil. By
introducing foam in problem wells or deep into the reservoir, may be a good alternative to WAG.
A properly designed foam may reduce gas mobility by several orders of magnitude (Tanzil et al.,
2000). It may improve injection conformance in two directions; in a horizontal direction by
increasing areal sweep efficiency and in a vertical direction by diverting fluids to other unswept
zones (Stevens, 1995). Foam selectively reduces gas flow, leaving the relative permeability of the
liquid phase unchanged, hence foam is selective to permeability and reduces the gas mobility
relatively more in higher-permeable regions smoothing out reservoir heterogeneities (Hirasaki

and Lawson, 1985, Kovscek and Bertin, 2002).

Experiments in homogeneous and heterogeneous sand-packed columns showed that the foam
mobility in the two cases could differ by two orders of magnitude (Tanzil et al, 2000). The
difference is due to the generation of foam lamella by snap-off for flow across an abrupt increase
in permeability. This mechanism is shown to be dependent on the degree of permeability
contrast and the gas fractional flow. It has important implications for the degree of gravity

segregation of gas and liquid in field-scale recovery processes. (Tanzil et al., 2000)

2.2.2 Foam regimes/Foam stability

Two different foam-flow regimes have been identified and have later been supported by newer
research and proven this behavior to be general. “Dry” foam is considered as a high-quality
regime where steady-state pressure gradient is independent of gas flow rate, and “wet” foam as
a low-quality regime, where pressure gradient is independent of liquid rate. Foam at higher
qualities is dominated by capillary pressure and coalescence, whereas lower quality foam is

dominated by bubble trapping and mobilization (Osterloh and Jante Jr., 1992).

Foam stability in porous media is limited by capillary pressure, Pc*. (Khatib et al., 1988). In the
high quality Pc* regime (limiting capillary pressure), foam bubble change size as needed to
maintain foam at the limiting capillary pressure and thus to control gas mobility. For the low

quality regime, the Pc* model does not apply. The bubble size is fixed, and the pressure gradient
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depends on the porous medium, and less on the surfactants ability to stabilize the foam (Alvarez
et al, 1999). The transition zone between the two regimes occurs at the point of limiting
capillary pressure. If it is higher than the limiting capillary pressure, the foam is in the high
quality foam regime, and vice versa. This was characterized by a specific value of gas fractional

flow, f;, which is the gas velocity, uy divided by total velocity, ur.

Ug

fg = (2.1)

ur

Foam “quality” is f; rescaled from the range from O to 1 or to the range from 0 to 100%.

(Osterloh and Jante Jr., 1992)

The efficiency of a foam displacement process is affected by stability of foam films, and is greatly
influenced by the presence of oil and the nature of the core material in addition to surfactant

selection (Hirasaki, 1991, Vikingstad et al., 2005, Farajzadeh et al., 2012).

To characterize the strength of the generated foam, the mobility reduction factor (MRF) is often
defined (Schramm and Wassmuth, 1994):

AP(foam)

MRF = AP(no-foam)

(2.2)

where MREF is the mobility reduction factor, AP (foam) and AP (no-foam) are the pressure drop

across the porous media with and without the presence of foam, respectively.

One of the most important factors in EOR application of foam is the influence of oil on foam
stability. To have efficient oil displacement in the presence of foam it is crucial that foam
remains stable in contact with oil (Jensen and Friedmann, 1987, Farajzadeh et al,, 2012). The
effect of foam in the presence of an oil phase has been found to be strongly surfactant-specific
(Jensen and Friedmann, 1987) as the presence of oil reduce the foam mobility reduction factor
of different surfactants to different degrees (Mannhardt et al.,, 1998). The foam stability in the
presence of alkane-type oil is related to molecular weight of the oil molecules, and the foam
generation and stability is possibly connected to the surfactant ability to solubilize oil molecules.
Alkanes that solubilize in the micelles seem to have a defoaming effect, but alkanes with higher
molecular weight than n-Decane are too large to be solubilized in the micelles, and thus have less
ability to be transported out of the foam and oil seems to stabilize the foam Short chain alkanes
tend to destabilize foam, whereas long chain alkanes give stable foam (Vikingstad et al., 2005,

Simjoo et al,, 2013).
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The nature of the porous media may affect foam stability. Surfactant selection for practical foam
performance relates to both foam formation and foam persistence, which in turn depend on the
alteration of surface properties including surface tension lowering, surface elasticity, surface
viscosity and disjoining pressure (Huang et al., 1986, Schramm and Wassmuth, 1994, Schramm

and Green, 1995).

A foam film is always in contact with a meniscus from the solution used to generate the foam.
The disjoining pressure, II, is the force acting between two interfaces separated by a thin film
(Hirasaki, 1991). A positive disjoining pressures imply strong repulsive forces between the film
interfaces and a stable film, whereas negative attractive forces produce unstable films (Exerowa
and Kruglyakov, 1997). There are three major factors contributing to the disjoining pressure:
electrostatic interactions, van der Waals interactions and hydrations forces (Hirasaki, 1991).
The disjoining pressure increases as the film thickness decreases. When the local maximum
value, [Inay, is reached, this corresponds to a critical capillary pressure, Pc*, for film rupture, and
when the capillary pressure for the system, Pcpux exceeds Pc* the film becomes unstable and
break. At equilibrium the disjoining pressure of a flat film equals to the capillary pressure, and

can be defined by the Young-Laplace equation as:
MN=P.== (2.3)
where o is the interfacial tension and r is the radius.

From Formula 2.3 it follows that the smaller the pore size the higher the disjoining pressure, and
thus film rupture will be more pronounced in porous media with small pores than bigger pores,

hence a more stable foam film in larger pores (Hirasaki, 1991).

2.3 COz and CO: foam injection on field scale

The East Vacuum Grayburg/ San Andreas Unit (EVGSAU) became the site of the first full-scale
tertiary miscible CO; flood project in the state of New Mexico, when injection began in
September 1985 (Stevens, 1995). Due to over thirty years of primary production, reservoir
pressure in the unit was below the minimum miscibility pressure, and reservoir pressurization
by water flooding was conducted for five years prior to the CO; injection (Brownlee and Sugg,
1987). The 5-spot pattern for the CO, project was chosen from the southern parts of the unit,
with a 2:1 water-alternating-gas (WAG) ratio, with each of the three WAG injection areas in the
unit receiving 4 months of CO; injection followed by 8 months of water injection. The first
results were encouraging with a large percentage of the wells exhibiting no CO, breakthrough.
However, some wells in the more heterogeneous section of the unit reached an early CO;

breakthrough. At an early state of the project, the overall oil production decline had been greatly
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reduced, and later the oil production started to increase. Some of the severe problems that
occurred were increased calcium sulfate scale formation, precipitation of asphaltenes and
paraffins in wells with CO, breakthrough, and increased of corrosion problems in injection well

casing (Brownlee and Sugg, 1987, Stevens et al., 1992, Stevens, 1995).

In light of the CO; breakthrough that occurred in the EVGSAU and as the increase of gas
production volumes continued, different methods of mobility control were investigated. The
applicability of foams was studied as it would reduce permeability resulting in a more evenly
distributed injection profile (Brownlee and Sugg, 1987). A 4 years pilot test for foam injection
was conducted at the EVGSAU for improving the effectiveness of a CO,-flood. The overall CO;
project results at EVGSAU looked promising, but certain wells had shown very high CO;
production, which was suspected to be caused by channeling of injected fluid through high
permeability zones. The goal of the field test was to investigate foam for conformance control to
reduce rapid CO, breakthrough, and to prove that foam could be generated and change the
mobility of CO; in the reservoir. The selected pattern for the CO, foam pilot was chosen as a
result of: 1) excessive CO, breakthrough in one of the production wells, 2) representative
reservoir for most of the EVGSAU reservoir for up scaling and 3) an injection well with sufficient
injectivity to reduce the chance of the well becoming pressure limited during foam injection

(Stevens et al., 1992, Stevens, 1995).

Foam generation began in 1992, and the injection pressure increased dramatically when CO;
was injected, which indicated generation of foam. To estimate in-situ fluid mobilities at various
points during the baseline and foam generation periods Hall plots and falloff testing were used.
The techniques compared favorably, and suggested that the foam treatment reduced CO:
mobility by amount one-third to one-half of the pre-foam value. Because the observed injection
pressure increased and remained high for several months, the foam appears to have persisted or
continued to be formed in the reservoir. The favorable production response that was observed
at the offset production wells experienced a positive effect of CO,-foam, and showed an
improved oil response and reduced CO; production. Although a large amount of surfactant was
injected, the revenue and savings produced from the test hold promise that foam could be an

economical method for sweep improvement (Stevens et al., 1992, Stevens, 1995).

Field applications for CO, and CO,-foam have also been conducted in the SACROC Unit, Scurry
County, Texas. Oil recovery by tertiary CO: flooding was pilot tested during 1974-1975, where
CO2 was injected into six wells in two adjacent, five-spot patterns in a watered-out portion of the
reservoir over a period of nine months. Residual oil was displaced by the CO; and approximately

3% of OOIP was recovered (Graue and Blevins, 1978). Implementation of a CO; foam pilot test is
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currently being tested in the field at SACROC. The project include two stages: 1) a single injection
test to validate an infectivity response and a change in the vertical conformance and 2) involving
a four injector area to determine the effect of mobility solution on oil production and the gas-oil-
ratio (GOR). The single injection test showed a significant reduction in the amount of CO;
injected and a 30% increase in oil production. By injecting surfactant into the CO; phase directly
after a water cycle, the amount of CO; injected decreased by more than 50% compared to CO;
alone. Three subsequent cycles of COz/surfactant were conducted and proved the same effect.
The foam caused an improvement in the vertical conformance at the injector and changes in the
flow profiles. Stage two is currently in progress and emphasizes the need of understanding of
the reservoir and foam behavior for CO, foam to be effective. This requires the development of a
history matched model to forecast. However, the results through the end of the project indicate
that CO; foam injection may be having an effect on the pilot area, and is currently being utilized

in development of further trials (Enick et al., 2012, Sanders et al., 2012).
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3. Experimental Procedure

This chapter describes the experimental procedure and setups used in this thesis, including core

preparations, experimental conditions and information of fluids and rock material.

3.1 Rock material

To better understand and evaluate petroleum reservoirs one may conduct experimental work on
reservoir core plugs to obtain important reservoir properties. However, reservoir cores may be
expensive and hard to obtain so it is common to perform experimental work on outcrop
analogues similar to the reservoir rock, especially when numerous experiments for research
purpose is conducted. Reservoir core plugs may not be representative for the actual reservoir as
changes in pressure and temperature may impact core properties to a various degree, but are
still more representative than outcrop analogues. Using outcrop rocks of a selected rock type
may be a good way to single out different effects by changing one parameter at the time. In this
thesis four types of rock have been used: 1) Edward limestone, 2) Portland Rgrdal chalk 3)
reservoir carbonate rock and 4) reservoir shale rock. They were all standard cylindrical core

plugs of 1.5” or 2” diameter.
Edward limestone

The Edward limestone is collected from Garden City in Texas and is a grainstone that contains
well sorted fossil shells cemented by sparry calcite (Morrow and Buckley, 2006). Previous
experimental work reports poor reproducibility between identical tests as a result of
heterogeneous core material, regarding pore size, pore geometry and mineralogy (Johannesen et
al,, 2007, Riskedal et al., 2008). The pore throat is relatively narrow with average throat radius
of 2 pm, and a majority of the pore diameter at about 150 pm (Morrow and Buckley, 2006,
Johannesen et al, 2007). The permeability and porosity ranged from 6-33 mD and 19-26%,

respectively.
Portland Rgrdal chalk

Rgrdal outcrop chalk is obtained from the Portland cement factory in Denmark. Previous
experimental work reports a good reproducibility between identical tests and indicate that the
Rgrdal chalk is a homogeneous rock (Graue et al., 1999a, Haugen, 2012) . It mainly consists of
coccolith deposits, with a composition of calcite (99%) and some quartz (1%). The permeability

and porosity range from 1-10 mD and 40-50%, respectively (Lie, 1995).
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Reservoir carbonate cores plugs

The nature of carbonate rock material is generally heterogeneous as the complex pore system
creates significant scatter in the porosity -permeability relationship (Liu et al., 2009). Generally,
carbonates have complex pore size distribution and contain different types of porosity. The pore

scale range from 0.5 microns to over 5 microns (Schlumberger, 2014).
Reservoir shale rock

Shale is fine-grained laminated sediments that mainly consist of silt and clay particles. Physical
properties such as porosity and permeability are largely depended on the grain size of the
constituent minerals (Britannica, 2014). Permeability of shale vary in the range of 0.01- 10 uD
(CSUR, 2014). Commonly, horizontal drilling coupled with multi-stage fracturing is used to
produce shale reservoirs (CSUR, 2014). A picture of one of the shale core samples used in this

thesis is shown in Figure 3.1.

Figure 3.1 Reservoir shale core plug used for experimental test in this thesis.
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3.2 Fluids

Table 3.1 lists fluids used in this thesis, and include densities, viscosities and salts. Change in

viscosity and density of CO, at various temperature and pressure is shown in Figure 2.2 and

Figure 2.3.

Table 3.1 Fluid properties including fluid type, salt, densities and viscosities.

Density, Viscosity,
. 1 bar, 20°C 1 bar, 20°C
Fluid Salts i ! Comments
[g/cm?] [cP]
To avoid bacterial
growth 0.05 ml/1 NaN3
Distilled water is added.
inel) 3
Chalk Brine 505(}r§1/3rr(;aCN1a-cl-l{ 0 1.05 1.09 CaClz was added to
0g05 J Nale z avoid dissolution of
’ 3 the carbonate rock
raue etal,, a
G 1., 1999
Five salts were
3
5.2:)§§6ggr/nm§\12g04 identified from field
Brine C 5.8247 g/m? CaClz-2H0 n/a n/a ];A;?rfzrca:(?rlr}llsi)ss‘iiir:i
2.7599 g/m3 MgClz-6H20 P
22.7968 g/m? NaCl was suggested as the
’ closest approximation
to the formation brine.
i 0,
n-decane CioHz2 0.73 0.92 Purity > 95%
- i i 0,
Paraffinic oil n-paraffin 0.74 143 Purity > 98%
Distilled water To avoid bacterial
Surfactant solution: 50 g/1 NaCL n/a n/a rowth NaNs is added
AOS Ci4/16 0.05 ml/I NaN3 g 3 :
(Petrostep C-1) 1wt% AOS C14/16
To avoid bacterial
Surfactant solution: Brine C n/a n/a growth 0.05 ml/1 NaN3
Surfonic L24-22 1 wt% Surfonic L24-22 is added
53 wt% saturated HC
0 .
Ekofisk-crude oil?) 35wt aroma.tlc HC 14.5 Acid number: 0.094
12 wt% resins 0.849 2.5[90°C] Base number: 1.79
0.9 wt% asphaltenes ) t
0,
CO23) >99.999 % CO: 0.40 29.2

D'The salts used in the chalk brine were from Sigma Aldrich and used as received and the purity of these salts
are: NaCl 99.5%, CaCl, 99.5%. The sodium azide, NaNs, has a purity of 99.5% (Graue et al., 1999a).

2Composition of Ekofisk crude oil is from (Graue et al., 1999a).

® Properties are from NIST web book
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3.3 Core Plug Preparations

Evaluating rock- and fluid parameters for the core samples is important when predicting the
reservoir production performance. Reservoir core samples are obtained from small core plugs
drilled out perpendicular to the well bore core, i.e. along the fluid production direction. Two
essential characteristics were measured prior to the experiments: 1) porosity, and 2) rock
permeability. Porosity is one of the most important rock parameter in reservoir engineering,
because it determines the storage capacity of fluid that a reservoir rock can hold, whereas
permeability of a porous media is its capability to transmit fluid through its network of

interconnected pores.

After cylindrical cores were drilled out from a larger block of rock, they were dried in a heating
cabinet at 90 °C for at least 24 hours before the core dimensions were measured. The porosity
was determined by the increase in weight after the core plug was saturated with water under
vacuum (>1mBar). Assuming 100% water saturation, the porosity is found by equation 3.1.

(mg—my)
=5 —d 3.1
(p pVp ( )

where ms and mgq is the weight of the saturated and dry sample respectively, p is the density of

the brine and V}, is the bulk volume of the sample.

The permeability was measured by flushing the 100% brine saturated core sample at a constant
flow rate (Q) whereas measuring the differential pressure (AP) across the core sample. By
plotting the measured data, Q and AP, and fitting the regression line for the projection points, the

rock permeability was calculated using the line slope and Darcy’s law:
o =Ka.er (3.2)

where @ is the fluid flow rate, u is the viscosity of the fluid, AP is the pressure drop across the

length, L, and A is the cross-sectional area of the sample.

Subsequent primary drainage was conducted on all core plugs. The saturated strongly water-
wet cores were drained with n-Decane or refined paraffinic oil until the irreducible water
saturation was reached. The cores were drained with 5 pore volumes of brine in both directions,
to eliminate end-effects, with a constant pressure drop equivalent to 2 bar/cm for the chalk core

plugs and 1.5 bar/cm for the limestone core plugs.
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3.3.1 Fractured cores
To study recovery mechanism of CO; and CO;-foam in fractured reservoir, some of the cores

were split down the long axis to represent a smooth surface fracture. A 1 mm thick
polyoxymethylene (POM) spacer was inserted between the two halves as illustrated in Figure
3.2. The spacer had a known volume of void space, and its purpose was to resemble a fracture

opening where fluid has enhanced access to the porous media. The porosity and fluid

distribution were assumed constant before and after the core were cut.

Figure 3.2 POM spacer used in experiments to maintain a constant fracture aperture.

The mass of the core plug was measured before and after the cutting process, and the void
volume in the spacer was subtracted as dead volume. The pore volume was modified to account

for the volume that was lost in the cutting process, and the new pore volume was calculated by:

M rac
PVirac = PViigar X % (33)

Minital

where PVinita and PVgac are the pore volumes before and after fracturing respectively, and Minital

and Mg is the measured mass of the core plug before and after fracturing respectively.

3.3.2 Wettability alteration

One core sample was aged to an oil-wet wettability condition. The core sample was aged by
continuously injecting oil into the core to expose the core sample to crude oil over an extended
period of time at low constant rate and high temperature (Graue et al., 19993, Graue et al., 2002,
Aspenes et al.,, 2003). The 100% saturated core plug was drained with 2.5 PV of filtered crude oil
in each direction to eliminate end effects and create a uniform wetting distribution. After
irreducible water saturation was established, the injection rate was set to a constant injection

rate of 3cm3/h and maintained for 2-4 days in each direction.
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3.4 Experimental Design
A series of experiments have been conducted to study recovery mechanism by CO; and CO;-foam

injection in different core material at various experimental conditions and include both liquid
and supercritical CO. During this experimental work 3 different setups have been designed,
tested and used. All cores were wrapped with aluminum folio to protect the sleeve from CO;, and

assembled in the core holder and placed horizontally in the heating cabinet.

Setup 1

Figure 3.3 shows a schematic illustration of “Setup 1”, used for supercritical CO, and/or CO-
foam experiments conducted at Department of Physics and Technology. The equipment used in
this setup is listed below. The CO; and CO:-foam injection on this setup was performed on
limestone or chalk outcrops. Prior to experiment all outcrops were prepared as described in
section 3.3. Some cores were cut as described in section 3.3.1, and the fracture aperture was
held constant with POM spacers. When a fracture was present, the core system was placed

horizontally such that the open fracture was aligned with gravity.

Manometer -~
~ B
9. 16
Heating cabinet Hand pump for confinement pressure
7 Safety valve 15 Nitrogen tank
21
Foam gener torH EBPR
1 ] 12
19/ : 14
452 ‘ Core st et—>—
< b s i
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Camera

4 - -

‘% 13 - ]

3?:] N H0 I co: ‘
\

—~
4 Buffer LtB—
5 Pressure gauge

Graded cylinder

Surfactant pump
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Figure 3.3 Setup 1: Schematic illustration of experimental set up for supercritical CO; and CO-foam
experiments at Department of Physics and Technology. The thinner black lines represent the coil tubing and
the arrows shows flow direction. The thicker black line represents the heated area. The back pressure
regulator was at the first located outside the heating cabinet and later moved inside the heating cabinet to
improve stable CO; flow. The blue line denotes the dead volume.
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Equipment used:

e Back Pressure regulator controlled by nitrogen to adjust the pore pressure

e Computer for logging and operating pumps

e ESI 200 pressure transducers for measuring pore pressure at inlet and outlet

e Hassler steel core holder

e Heating cabinet

e POM spacers to simulate a fracture

e Quizix QX-1500 pump for pressurizing the system with paraffinic lamp oil and driving the
accumulator with water and CO>

e Quizix SP-5200 pump for confinement oil

o Quizix QX-1500 pump for driving the accumulator with surfactant

e Steel accumulator (buffer) to store heated and pressurized CO;

o Swagelock tubings, fittings and valves

o Web camera for monitoring production

In advance, the CO; accumulator was pressurized and stabilized at experimental conditions (P =
90 bar T = 35 °C). At these conditions the CO: is in a supercritical state and assumed first contact
miscible with the mineral oil used (n-Decane or paraffinic lamp oil). A gas doomed back pressure
regulator, using nitrogen, was set to the desired pressure to control pore pressure during the
experiment. The system was flushed and pressurized with mineral oil to experimental
conditions, keeping the confinement pressure at 10 bar over the pore pressure at all time during
the experiment to avoid core damages and to prevent any leaks between the core holder sleeve
and the confinement chamber. CO, was then flooded through the system, bypassing the core
holder to flush out the oil to minimize dead volume before starting the CO; injection through the
core. For the pure CO; injection experiments, the CO; bypassed the foam generator, as no foam
was present. For experiments with subsequent CO;-foam injection the foam generator was
included, and foam was generated by co-injecting surfactant and CO», with a 9:1 ratio to generate

strong foam based on previous experience (Haugen et al,, 2012).
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Setup 2

Figure 3.4 shows a schematic illustration of “Setup 2” that was built in collaboration with Stig
Langlo and Tom Ydstebg, and used for secondary liquid CO,-foam experiments conducted at
Texas A&M University. The equipment used in this setup is listed below. Three experiments

were conducted on whole Edward limestone cores, all saturated with n-Decane to Swi.
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Figure 3.4 Setup 2: Schematic illustration of experimental set-up for the CO,-foam experiments at Texas A&M
University (Langlo, 2013).

Equipment used:

e Back Pressure regulator controlled by nitrogen to adjust the pore pressure

e Bi-axial (hydrostatic) core holder

e Enclosed sand pack for pre-generating foam

e Heating cabinet

e [SCO pump x 3 (for confinement pressure, and driving the accumulators)

e Pressure gauges

e Steel accumulators x 3 (to store heated and pressurizing CO;, surfactant and n-
Decane)

e Swagelock tubings, fittings and valves

o Validyne DP15 differential pressure

e Web camera for monitoring production and differential pressure
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In advance, the surfactant, n-Decane, CO, accumulators were pressurized and stabilized at
experimental conditions (P = 99 bar T = 20 °C). At these conditions the CO; is in a liquid state
and is assumed first contact miscible with n-Decane. Properties for the fluids are given in Table
3.1. A back pressure regulator was set to the desired pressure to control pore pressure during
the experiment. The system was flooded and pressurized with n-Decane to experimental
conditions, bypassing the foam generator because oil has a destabilization effect on foam. The
confinement pressure was kept 20 bar over the pore pressure at all time during the experiment
to avoid core damages and to prevent any leaks from between the core holder sleeve and the
confinement chamber. Prior to the foam injection the lines were flushed with surfactant solution
(Petrostep C1), bypassing the core holder to minimize dead volume. CO; and surfactant solution
was then co-injected through the foam generator and pre-generated foam was injected through

the core sample.
Setup 3

Figure 3.5 shows a schematic illustration of “Setup 3”, used for supercritical CO; and CO-foam
experiments conducted on reservoir core plugs at higher pressure and temperature conditions.
The equipment used in this setup is listed below. “Setup 3” is based on the same idea as “Setup
1”, with some modifications on the equipment. Due to the pressure limitations on swagelock
valves (166 bar), autoclave fittings were used as they are resistant to higher pressure (10 000

bar).

Heating cabinet
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Figure 3.5 Setup 3: Experimental set up for supercritical CO; experiments conducted on reservoir cores at
high temperature and pressure at the Department of Physics and Technology. The thinner black lines
represent the coil tubing and the arrows shows flow direction. The thicker black line represents the heated
area. The blue line denotes the dead volume.
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Equipment used:

e Autoclave tubings, fittings and valves

e Back Pressure regulator controlled by nitrogen to adjust the pore pressure or an ST
pump (retracting syringe pumps) at outlet for improved pressure and flow control

o Computer for logging and operating pumps

e ESI 200 pressure transducers for measuring pore pressure at inlet and outlet

e Heating cabinet

e Hassler steel core holder

e Quizix SP-5200 pump for confinement oil

e ST pump (retracting syringe pumps) for pressurizing the system with CO>

e Steel accumulator (buffer) to store heated and pressurized CO,

o Web camera for monitoring production

3.5 Experimental procedure
A series of experiments have been conducted to study enhanced oil recovery (EOR) by

secondary and tertiary CO; and/or CO,-foam injections at miscible conditions in fractured and
whole core plugs using different rock types. In addition, studies of structure and flow behavior in
shale cores have been performed in a PET/CT scanner. Table 3.2 summarizes the experimental
processes studied in this thesis, and includes location and setups used. A detailed description of
the experimental procedure for the different processes is presented in the following sub-

sections.

Table 3.2 Experimental Overview, including type of experiments, location and setup.

Experiment type Location Setup

Department of Physics and

Secondary Supercritical CO; injection Technology, UoB

Setup 1

Department of Physics and

Secondary Supercritical CO; injection + foam Technology, UoB

Setup 1

Secondary Liquid CO,-foam injection Texas A&M University Setup 2

Department of Physics and

Tertiary supercritical CO; injection + foam Heding G, U Setup 1
. s C Department of Physics and

Tertiary supercritical CO> injection Technology, UoB Setup 3

Secondary Supercritical injection CO> DERETICEE s 9 A Setup 3

Technology, UoB

I L Haukeland University
Secondary Liquid CO; injection Hospital (HUS) -
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3.5.1 Supercritical CO: injection in whole and fractured core plugs

Eight supercritical CO; experiments were performed on strongly water-wet outcrop carbonate
rock, to study recovery mechanism through CO; injection, and its effect on whole versus
fractured cores samples. Figure 3.3 show a schematic overview of the experimental set up
(Setup1). CO; was injected through the core at constant injection rate. Injection rate varied for
the different experiments to study the effect of diffusion, and to account for different frontal
velocity between core materials to be able to compare the results. The oil production was

captured in a graded cylinder. Computers logged the pressures during the experiments. Table

3.3 gives an overview of the material balance experiments with supercritical CO; injection.

Table 3.3 Overview of material balance experiments with supercritical CO; injection.

Rock S Average P Average Injection rate
Core ID material oil Frac | o] [baf] T [°c? ] [ml/h]
RIK_ 1 Chalk n-Decane No 28.7 91.06 35 2
RIK 3 Chalk n-Decane Yes 29.2 91.47 35 10
RIK_ 9 Chalk n-Decane No 25.2 91.48 35 2
RIK 13 Chalk n-Decane No 22.7 95.18 35 20
L5 Limestone n-decane No 22.7 93.79 35 4
RI_2 Limestone Paraffinic No 23 91.29 35 2
RI_3 Limestone Paraffinic Yes 25.8 95.06 35 5
RI 4 Limestone Paraffinic No 24.3 94.68 35 5

3.5.2 Supercritical CO; and CO.-foam injection in fractured core plugs

Six experiments have been conducted with supercritical CO, with subsequent CO,-foam injection
on fractured outcrop carbonate cores. The objective was to study recovery mechanism by CO;
diffusion and CO,-foam for mobility control. The experimental setup is illustrated in Figure 3.3
(Setup 1), and is the same set up that was used for the supercritical CO; experiments. In these
experiments the foam generator was included for the subsequent foam injection. All injection
rates were set to 10 ml/h for the chalk cores and 5 ml/h for the limestone cores, which
corresponds to approximately equivalent frontal velocity, without the presence of the fracture
due to the higher porosity in chalk. Table 3.4 gives an overview of the material balance

experiments with CO; and CO-foam injection.

Table 3.4 Overview of material balance experiments with CO, and CO-foam injection in fractured cores.

Rock Kiotal Average Average Injection rate
CorelD | | aterial 0il Swil%l | mpp | e [baf] T [°c§; ] [ml/h]
RIK_4 Chalk n-Decane 30.9 3.77 87.21 35 10
RIK_7 Chalk n-Decane 30.7 4.67 91.21 35 10
KIR_11 Chalk Paraffinic 30.8 4.99 95.30 35 10
KIR_42) Chalk Paraffinic 28.8 4.04 95.30 35 10
RI5 Limestone | Paraffinic 24.5 20.19 92.20 35 5
RI_7 Limestone | Paraffinic 25.6 19.11 92.02 35 5
1) Direct foam

2) Aborted because of leaks
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Supercritical CO; were injected through the core at constant injection rate, prior to the COz-foam
injection in all experiment, except one experiment conducted with direct COz-foam (core plug
KIR_1). For the CO,-foam injection part, a surfactant solution was co-injected with CO, (90% gas
fraction). The surfactant (Surfonic L24-22) was mixed with CO; through a sand pack mounted on
the inlet side of the core to inject pre-generated foam. The oil production was captured in a

graded cylinder. Computers logged the pressures during the experiments.

3.5.3 Secondary Liquid CO2-foam injection in whole core plugs

Three experiments were performed with liquid CO,-foam injection, in collaboration with Stig
Langlo and Tom Ydstebg, on outcrop carbonate cores at Texas A&M University. The objective
was to study recovery mechanism by CO;-foam for mobility control at both water-wet and
neutral-wet conditions on whole Edward limestone core plugs. The neutral-wet (NW) core was
altered to this wettability by aging, as described in section 3.3.2, by Stig Langlo and Tom
Ydstebg. “Setup 2” was used for this part of the thesis, see Figure 3.4. Table 3.5 gives an

overview of the material balance experiments with liquid CO,-foam injection.

Table 3.5 Overview of the material balance experiments with liquid CO;-foam injection in whole 2” core plugs.

Core Rock 0il Wettability | Swi Average | Average | Injection
ID material [%] P [bar] T [°C] rate [ml/h]
L_28 Limestone | n-Decane | WW 24.3 99 20 4.2

L_33 Limestone | n-Decane | WW 29.4 98 20 4.2

L_14 Limestone | n-Decane | NW 28.5 99 20 4.2

The surfactant solution was co-injected with CO; and mixed in the sand pack (foam generator)
mounted on the inlet side of the core to inject pre-generated foam. The injection rates were 3.72

ml/h for the CO2 and 0.48 ml/h for the surfactant solution (90% gas fraction).

3.5.4 Tertiary CO: injection and CO;-foam injection in fractured core systems

Integrated EOR, by combing proven EOR methods in a smart sequence, was evaluated in
strongly water-wet, fractured limestone core systems at supercritical conditions. Three
experiments were conducted to study recovery mechanism by combining three injection steps:

1) water injection, 2) CO; injection and 3) CO; foam injection.

“Setup 1” was used for these experiments and is illustrated in Figure 3.3. No foam generator was
used in these experiments, and the CO, bypassed the foam generator, because foam was
supposed to be generated in-situ in the first whole inlet core plug. All core samples were Edward
limestone outcrops, saturated with refined paraffinic oil to residual water saturation, before
they were cut, as explained in section 3.3.1. Paraffinic lamp oil was used because it has higher
molecular weight than n-Decane, and thus may have less destabilization effect on foam, as

described in section 2.2.2. The core samples consisted of three core pieces butted together, one
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whole and two fractured cores. The whole core piece was placed closest to the inlet, followed by
a core piece with vertical fracture orientation and a core piece with horizontal fracture

orientation, as illustrated in Figure 3.6.

Inlet core piece Middle core piece Outlet core piece

7
Injection ! | F;
I
=) A fsie) 0
i [ \

Figure 3.6 Schematic showing the fracture representation of core samples AC_1, AC_2 and AC_3. The middle
and outlet core pieces are cut in halfin a plane perpendicular to each other.

Table 3.6 summarizes the core dimensions measured, including core length (L) and radii (R) for
the different core pieces butted together, and Table 3.7 gives an overview of the total porosity,
pore volume and residual water saturation. The total pore volume was calculated by
summarizing PV from equation 3.3 for all core pieces, the total Sy was found by summarizing
the calculated Sy for each core piece by equation 3.4, and porosity was obtain by dividing the
total pore volume on the total bulk volume. The fluid properties, including brine and surfactant

composition, densities and viscosities, are listed in Table 3.1.

corei

PVE? ,
Suiror = 3 (22 x 55 (34)

PViotal

Table 3.6 Summary of length (L) and radii (R) measurements of the core pieces utilized IEOR experiments.
Core piece A, B, C, D and E were butted together as illustrated in Figure 3.5 to form a fractured system.

Core A B C D E Total length
ID L[cm] | R[cm] | L[cm] | R[cm] | L[cm] | R[cm] | L[cm] | R[cm] | L [cm] | R[cm] [cm]
AC1| 220 | 1.89 | 4.00 1.77 402 | 186 | 348 | 1.71 | 343 | 1.70 9.70
AC2 | 233 | 1.89 | 3.47 1.99 347 | 1.82 | 344 | 1.71 | 345 | 1.82 9.25
AC3 | 246 | 1.89 | 3.47 1.71 346 | 1.83 | 3.75 | 185 | 3.75 | 1.83 9.68

Table 3.7 Summary of properties of the core pieces utilized IEOR experiments. The uncertainties in
permeability measurements are given in standard deviation, and a high uncertainty was calculated for core
sample AC_1 due to problems with the BPR.

Core ID Total @ [%] Total PV [ml] | Swi[%] Kfrac [mD] Uncertainty
AC_1 21.9 21.43 23.7 85.3 56.6

AC_2 21.3 21.17 23.5 190 5.0

AC_3 23.6 23.07 24.2 146.2 9.4
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The core samples were wrapped in aluminum folio, to protect the sleeve from CO2 and
assembled in a core holder placed inside the heating cabinet. The preparation of the cores is

illustrated in Figure 3.7. No POM spacers were used in this experiment.

-~

Figure 3.7 Preparation of the cores prior to experiment. The whole core piece was placed closest to the inlet,
followed by a core piece with vertical fracture orientation and a core piece with horizontal fracture
orientation.

Prior to water injection, water was flooded through the system, bypassing the core holder, to
flush out the paraffinic oil to minimize the dead volume. Water was then injected through the
core sample, followed by supercritical CO; injection. All injection rates were set to 10 ml/h. The
subsequent co-injection of surfactant solution (Surfonic L.24-22) and CO, was going to generate
foam in the first whole core at the inlet end. The injection rates were 8 ml/h for the CO, and 2
ml/h for the surfactant solution (80% gas fraction). No bypass flushing of the core samples was
conducted between the different injection stages in these experiments, to conserve the CO; to
reach end-point oil saturation before terminating experiments. The oil production was captured
in a graded cylinder. Computers logged the pore pressure and the confinement pressure during

the experiment.
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3.5.5 Tertiary CO: injection on reservoir carbonate cores

Four experiments were conducted on unpreserved reservoir cores from a heterogeneous
carbonate reservoir in Texas, to study oil recovery by tertiary CO: injection, in collaboration
with Marianne Steinsbu and Bergit Brattekas. The experiments were performed on setup 3, see
Figure 3.5. Table 3.7 summarizes the core data including porosity, permeability, pore volume,
residual water saturation after drainage and the experimental conditions. The fluid properties,
including brine composition, densities and viscosities, are listed in Table 3.1.

Table 3.7 Summary of core properties and experimental conditions for experiments with tertiary CO2
injection in reservoir carbonate cores.

Core Porosity | Permeability | Swi vcl:l(:ll:le Temperature :;;esl::ﬁz Injection
ID [%] [mD] [%] [ml] [°C] [bar] rate [ml/h]
RC_A 15.0 17.94 46.4 16.05 71 178 5
RC_B 14.1 9.14 51.7 16.25 71 178 5
RC_C 9.3 4.69 47.0 11.32 71 178 3.5
RC_D 10.8 2.32 74.9 12.56 71 178 3.5

All core samples were assumed strongly water wet as they have been cleaned by the THF
(tetrahydroflourinert) method (the technique established at Rice University by Prof. George
Hirasaki and Prof. Jose Lopes Salinas). The reservoir carbonate cores were prepared the same
way as the outcrops, but crude oil was used instead of mineral oil. The initial water saturations,
Swi, were established for all core samples by drainage with Ekofisk crude oil under experimental
conditions (P = 178 bar and T = 71°C). A relatively high S.; was established for all core samples,
especially for core sample RC_D, even with same procedure as for outcrop core plugs. This is
suspected to be caused by a combination of: 1) extremely heterogeneous rock material,
regarding local high permeable streaks that causes water to channel through these zones and 2)
sufficient drainage pressure was not achieved and was restricted by 1 bar/cm or injection rate
of 500 ml/h. Injection rates used in these experiments were 5 ml/h for the cores of higher
porosity (RC_A and RC_B) and 3.5 ml/h for the lower porosity cores (RC_B and RC_D) to obtain a
constant frontal velocity of 2 cm/h. Due to temperature changes from the injection pump located
at room temperature to the heating cabinet, the injection rates were re-calculated based on the

volume expansion of CO».

In advance, the CO; was transferred to a Sanches pump (ST-pump) located outside the heating
cabinet, see Figure 3.5. Liquid CO, at 178 bar, was injected into the heating area and circulated
through a coil to establish a supercritical CO; state. The system was flooded and pressurized
with Ekofisk brine to experimental conditions. A back pressure regulator, adjusted with
nitrogen, was used to control the pore pressure. The confinement pressure was kept at 7 bar

above the pore pressure at all time during the experiment to avoid core damages and to prevent
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any leaks between sleeve in the core holder and the confinement chamber. Chalk brine was
injected during the waterflood, and water was injected until endpoint saturation was reached
and no more oil production was observed, and corresponded to approximately 1.5 PV. CO; was

then injected to recover additional oil.

During tertiary CO: injection in core plug RC_A, a sudden differential pressure increase was
observed at t ® 2 PV injected. The abrupt increase in pressure was caused by an obstruction in
the production line close to the back pressure regulator. The back pressure regulator and parts
of the production line were positioned outside the heating cabinet in this experiment. A rapid
decrease in pressure during production through the back pressure regulator (from 178 bar to
ambient pressure conditions) caused CO. to expand, and the gas flow rate increased.
Consequently, the back pressure regulator and production line was cooled down below room
temperature. Water and gas were both present in the production line and back pressure
regulator during tertiary CO: injection. The presence of water and gas at high pressure, and a
low temperature within the hydrate stable conditions for CO; (11.34 °C at 178 bar)(Birkedal,
2013), may have led to hydrate formation, and was believed to be the cause of plugging. The
assumed hydrate plug was removed through depressurization and thermal stimulation. For
subsequent tests, the back pressure regulator was moved inside the heating cabinet to prevent

similar problems.

3.5.6 Reservoir shale rock experiments
Several experiments have been conducted on three shale core samples (SC_A, SC_B, SC_C), from a

shale reservoir in the USA. The objective was to study three main aspects; 1) measure
permeability by injection of CO2, 2) examine a “best practice” for re-saturating the shale cores
with crude oil and 3) investigate rock structure and flow behavior by visualization techniques in
a PET/CT scanner. Two of the core samples were unpreserved and one core sample was semi-
preserved (covered in wax and aluminum foil). All cores were received at ambient pressure and
temperature. Table 3.8 summarizes properties obtained from the shale core samples, and

includes length, diameter, bulk volume and initial weight.

Table 3.8 Properties of the shale cores including core dimensions, bulk volumes and weight.

Core ID State Length [cm] | Diameter [cm] | Bulk volume [cm3] | Weight [g]
SC_A Unpreserved 3.80 3.80 43.10 111.27
SC_B Unpreserved 3.92 3.80 44.46 114.40
SC_C Semi-preserved 2.45 3.82 28.08 70.28
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Permeability Measurements

Permeability measurements were performed on all core samples with both liquid and
supercritical CO; injection, at various pressures, temperatures and flow rates. For the first
experiment, a Back Pressure Regulator (BPR) was used at the outlet to control the pore
pressure, as illustrated on the Figure 3.5. For subsequent tests, constant outlet pressure was
maintained by replacing the BPR with a retracting syringe pump for improved flow and pressure
control. The supercritical CO; experiments were conducted at the Department of Physics and
Technology (“Setup 3”, see Figure 3.5), whereas the liquid experiments were conducted at
Haukeland University Hospital (HUS) on a similar setup. A combined PET and medical CT
scanner were used to get additional information about the flow behavior of the CO, phase. The

injected CO2 was explicitly labeled using !1C to accurately visualize flow paths within the system.

During permeability tests CO; was injected from the pump at experimental pressure conditions
through the core. The temperature was kept constant for each experiment, whereas net
confining pressure and injection rates were varied. The rates were repeated in inverse direction.
Due to temperature changes from the injection pump located at room temperature to the
heating cabinet, the injection rate was re-calculated based on the volume expansion of CO». The
injection rates and the measured differential pressures were then used to calculate the effective
permeability by using Darcy’s law (Equation 3.2.) The experimental conditions for each

experiment are listed in Table 3.9, and include temperatures and net confining pressures.

Table 3.9 Experimental conditions for different permeability tests.

Core ID CO; state Temperature T [°C] I (A EECT T
pressure [bar]

160 /40

SC_B Liquid 27
- au 160 / 80
- 165 /35
SC_B Superecritical 80 165 / 85
150 /50
150 /100

B itical 11
SC_ Supercritica 5 200 / 50
200 /100
SC_C Supercritical 80 200/100
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Rock structure
Rock structure for each core sample was obtained with a medical CT scanner located at HUS, by

dry scan of all core samples. The cores were first scanned to localize their position.

Positron Emission Tomography - Computed Tomography (PET-CT)

To obtain a three-dimensional visualization of rock material and to study in-situ displacements,
a Siemens Biograph TruePoint PET/CT scanner with an extended axial field-of-view of 21.6 cm
and a 16-slice CT has been used (Jakoby et al., 2006). This scanner is located at the PET center
and nuclear medicine at the Haukeland University Hospital in Bergen, and is illustrated in Figure

3.8.

BiOgraph

TruePo,'n LPERCT

Figure 3.8 Siemens Biograph TruePoint PET/CT scanner with core holder at Haukeland University Hospital
in Bergen.

The PET/CT mainly consists of three parts: the PET scanner, the CT scanner, and the table where
the patients or in this case the core holder is placed. By combining images from the PET scanner
and the CT scanner high-spatial-resolution 3D visualization of in-situ fluid flow can be obtained.
The CT-scan maps the initial variation of X-ray attenuation within the object, whereas the PET
scan utilizes the annihilation radiation produced during decay of the radioactive isotope/tracer

continuously to develop in-situ images. (Jakoby et al., 2006)
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CT scanning

Computed tomography (CT) scanning uses computer-processed x-rays to produce tomographic
images of an object at different angles. The CT scanner consists of an X-ray source and detectors
that measure how much the X-ray signals are attenuated as they pass through material with
different densities. The CT value is the attenuation of the X-ray, and increases with increasing
density, and is influenced by absorption and scattering which affect the intensity of the X-ray
beam. The series of images produced in CT can be viewed individually as two-dimensional
pictures or by combining the entire series as a three-dimensional visualization (Ketcham and

Carlson, 2001).

PET

Positron emission tomography (PET) is a nuclear imaging technique to obtain a three-
dimensional image volume of an object by using the unique decay characteristics of
radionuclides that decay by positron emissions (Cherry and Dahlbom, 2006). A PET scanner
consists of a set of detectors that surround the object to be imaged and are designed to convert
these high-energy photons into an electrical signal that can be fed to subsequent electronics.
Labeled tracers (in this case 11C was used to label CO;) are introduced to the object, and when
the radioactive atom on a particular molecule decays, a positron is ejected from the nucleus,
ultimately leading to the emission of high-energy photons that have a good probability of
escaping from the object. In a PET scan the decays will be detected and reconstructed into a
tomographic image using mathematical algorithms to obtain a three-dimensional image. The
signal intensity in a particular image is proportional to the amount of the radionuclide (Cherry

and Dahlbom, 2006).

Best Practice for saturation shale cores

Different methods have been investigated in order to find a “best practice” for re-saturating dry
reservoir shale cores with crude oil. Two saturation methods have been implemented for shale
core SC_A and SC_B; 1) flowing crude oil through the cores for two weeks (dynamic) and 2)
soaking the cores in crude oil under pressure in one week (static). Both experiments were
conducted in a heating cabinet at 60 °C. During the first dynamic method, crude oil was injected
from an accumulator through the cores by a differential pressure of 100 bar, keeping the net
confinement pressure at 50 bar. The samples were weighed during the test. The second method
used for re-saturation was a static method, where the cores were placed inside an accumulator
filled with crude oil under high pressure (200 bar) for a longer period of time (1-2 weeks) to

force crude oil into the matrix. The added surface area could increase saturation.
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4 Results and discussion

This chapter will present and discuss the experimental results, and compare them with similar
studies. From a total of 52 cores prepared, 28 cores were used for experiments conducted with
CO2 and/or CO; foam injection, in addition to visual studies of structure and flow behavior on

shale cores in a PET/CT scanner.

4.1 Routine core analysis
Basic core properties were measured experimentally on the core plugs as described in section
3.3. Porosities, permeabilities, pore volumes and dimensions for all core plugs are listed in Table

4.1 - Table 4.4.

Table 4.1 Basic properties for outcrop cores used in CO; and COz-foam experiments.

. Length Diameter Porosity Pore volume S [t
CoreID | Core Material [cm] [cm] %] [ml] %] [mD]
RIK 1 Chalk 6.21 3.84 46.2 33.22 28.7 4.27
RIK 3 Chalk 6.04 3.80 45.3 31.06 29.2 3.79
RIK 4 Chalk 5.92 3.82 45.9 31.10 30.9 3.77
RIK 7 Chalk 6.04 3.83 45.9 31.96 30.7 4.67
RIK 9 Chalk 6.25 3.79 48.3 34.07 25.2 2.94
RIK 13 Chalk 5.97 5.10 44.8 54.58 22.7 4.21
KIR_1 Chalk 5.99 3.78 46.6 31.35 30.8 4.99
KIR_4 Chalk 5.85 3.80 47.3 31.38 28.6 4.04
L5 Limestone 7.59 495 23.1 33.76 22.7 23.31
RI.2 Limestone 7.31 3.75 23.3 18.83 23.0 27.23
RI_3 Limestone 7.76 3.76 23.4 20.22 25.8 21.93
RI 4 Limestone 7.21 3.76 23.1 18.50 24.3 26.95
RL5 Limestone 7.33 3.76 22.3 18.15 24.5 20.19
RL6 Limestone 7.150 3.770 21.3 17.01 23.6 12.64
RIL7 Limestone 7.45 3.77 22.7 18.83 25.6 19.11
RI_8 Limestone 7.598 3.772 20.9 17.72 23.8 12.20
RI_10 Limestone 7.384 3.778 23.6 19.56 23.3 21.41
L_28 Limestone 7.67 4.96 24.0 35.67 24.3 19.88
L_33 Limestone 7.05 4.97 24.9 34.01 29.4 33.55
L_14D Limestone 7.27 4.96 23.4 32.84 28.5 28.20
L_302) Limestone 7.41 3.78 22.6 18.82 24.5 -
UNeutral-wet
2)Obtained from Anders Christoffersen (2011), no permeability information available
Table 4.2 Basic properties for reservoir carbonate cores used in tertiary CO; experiments.
Core : Length Diameter Porosity Pore volume o Kimatrix
D Core Material [cm] [cm] (%] [ml] Swi [%] [mD]
RCA Carbonate 6.17 4.70 15.0 16.05 46.4 17.94
RC_B Carbonate 6.56 4.73 14.1 16.25 51.7 9.14
RC_C Carbonate 6.75 4.79 9.3 11.32 47.0 4.69
RC_D Carbonate 6.61 4.74 10.8 12.56 74.9 2.32
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Table 4.3 Basic core properties for reservoir shale cores used for permeability and saturation investigation.

Core : Length Diameter Porosity Pore volume Kimatrix
D Core Material [cm] [cm] (%] [ml] Swi [%] [mD]
SC_A Shale 3.80 3.80 - - - -
SC_B Shale 3.92 3.80 - - - -
SC_C Shale 2.45 3.82 - - - -

Table 4.4 Basic core properties for additional core samples.

. Length Diameter Porosity Kmatrix
Core ID Core Material [cm] [cm] (%] PV [ml] Swi [%] [mD]

RIK_2 Chalk 6.10 3.84 45.8 32.35 15.0 3.99
RIK_6 Chalk 5.94 3.80 44.2 31.96 19.3 3.45
RIK_8 Chalk 5.650 3.820 45.2 29.25 12.8 3.55
RIK 10 Chalk 6.040 3.800 48.1 32.93 30.2 3.93
RIK_11 Chalk 6.400 5.080 489 63.41 28.2 4.35
RIK_12 Chalk 5.830 5.100 48.2 57.40 26.8 4.80
RIK_15 Chalk 6.080 4.950 47.8 55.96 12.4 4.56
RIK 16 Chalk 5.850 4.830 471 50.46 13.8 5.09
RIK_18 Chalk 6.020 5.090 47.2 57.81 27.3 5.97
RIK_20 Chalk 5.960 4.940 47.0 53.67 27.0 471
KIR_2 Chalk 5.93 3.80 47.5 3191 - 4.02
KIR_5 Chalk 5.90 3.80 47.6 31.82 27.7 4.80
KIR_6 Chalk 5.89 3.79 48.8 32.44 30.9 4.82
KIR_7 Chalk 6.14 5.16 47.7 61.21 25.7 3.97
KIR_8 Chalk 6.27 5.10 48.2 61.77 26.6 4.40
KIR_9 Chalk 6.02 5.12 46.2 57.31 - 4.86
KIR_10 Chalk 6.29 5.28 45.5 62.70 - 3.99
KIR_11 Chalk 6.12 5.13 48.8 61.75 - 4.93

RI_9 Limestone 7.304 3.774 23.7 19.38 20.0 28.30

L3 Limestone 7.581 4.981 21.4 31.56 22.7 12.48

L8 Limestone 7.265 4948 22.1 30.81 24.4 17.70
L 11 Limestone 7.057 4.959 23.0 31.37 - 21.12

L_12 Limestone 7.641 4961 22.6 33.43 26.4 14.27
L 13 Limestone 8.029 4955 21.6 33.50 26.3 12.49

Fracture permeability was only measured on two core samples and was calculated to be 643mD
+ 245mD. The uncertainty is calculated by standard deviation as several measurements were
conducted on each core sample. The high uncertainty is a result of: 1) low differential pressure

and 2) large uncertainties in the pressure gauges.
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Figure 4.1 illustrates the relationship between the measured porosity and the measured
permeability for the different cores used in this thesis. The chalk cores are more homogenous,

whereas Edward limestone cores and the reservoir carbonate core are more heterogeneous with

respect to permeability and porosity.
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Figure 4.1 Measured permeability as a function of measured porosity for Portland chalk cores, Edward
limestone cores and reservoir carbonate cores.
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4.2 Experimental processes

Recovery mechanisms by CO; and CO;-foam, in both liquid and supercritical state, have been
studied in fractured and non-fractured core material, in addition to visual studies of rock
structure and flow behavior on shale cores in a PET/CT scanner. The results will be discussed in
detail in the following sub-sections, in the same sequence as it is described in the procedure in

section 3.5.

4.2.1 Supercritical CO; injection in whole and fractured core plugs

Supercritical CO; experiments were conducted on outcrop carbonate cores to investigate oil
recovery mechanism by CO; diffusion. The experimental procedure is outlined in section 3.5.1.
The chalk cores were all saturated with n-Decane, and the limestone cores were saturated with
refined paraffinic oil, except core plug L_5 to determine the influence of mineral oil type during
oil recovery by CO; diffusion. All experiments were conducted above the MMP between CO; and
mineral oil (n-Decane or refined paraffinic oil). Key numbers are listed in Table 4.5 and include
the system permeabilities, Ko, average pore pressure, irreducible water saturations, endpoint

oil saturation after CO; injection, Sorcoz, and the recovery factor, Rs.

Table 4.5 Experimental conditions and results from experiments with supercritical CO; injection.

Core ID Mgfglial 0il Frac [lf;l"]t;i Avg.[ll));ﬁsure Swi [%] SE;)E (])2 Re [%]
RIK 1 Chalk n-Decane No 4.27 91.06 28.7 13.2 81.5
RIK 3 Chalk n-Decane | Yes 3.79 91.47 29.2 22.4 68.4

RIK 91 Chalk n-Decane No 2.94 91.48 25.2 - -

RIK 13 Chalk n-Decane No 4.21 95.18 22.7 12.4 84.0

L5 Limestone n-Decane No 23.31 93.79 22.7 9.1 88.2
RI 2 Limestone | Paraffinic No | 27.23 91.29 23.0 7.9 89.8
RI 3 Limestone | Paraffinic Yes | 21.93 95.06 25.8 31.0 57.5
RI 4 Limestone | Paraffinic No | 26.95 94.68 24.3 1.9 97.5

D RIK 9 was aborted because the development in oil saturation versus time cannot be used due to fluctuations in back
pressure regulator during experiment.

Figure 4.2 shows the development in oil saturation as a function of pore volume of supercritical
CO; injected and Figure 4.3 illustrates the recovery factor versus pore volumes injected. All of
the whole cores, expect RI_2, obtained a recovery above 80% of OOIP after 2 PV of CO; injected.
The outlier, core plug RI_2, had an end point residual oil saturation of 31% after 7 PV injected.
The reason is unclear, but was suspected to be related to the incident that the paraffinic oil used
for this experiment was not filtered in advance, and thus the polar components was still present
in the oil. This experiment will therefore not be discussed any further. The end point oil
saturation for the whole cores was reached after 3-5 PV injected, with a total recovery of 81.5-
97.5% of OOIP. From Figure 4.2 it may look like core plugs RIK_13 and L_5 would follow the

same development in oil saturation as core plug RI_4 if more CO, was injected.
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@ RIK_1 - Whole, 1,5", chalk, 2 ml/hr, n-Decane K RIK_3 - Fractured, 1,5 ", chalk, 10 ml/hr, n-Decane

ARIK_13 - Whole, 2", chalk, 20 ml/hr, n-Decane EL_5-Whole, 2", limestone, 4 ml/hr, n-Decane
B RI_2 - Whole, 1,5", limestone, 2 ml/hr, paraffinic oil @ RI_3 - Fractured, 1,5", limestone, 5 ml/hr, paraffinic oil
@ RI_4 - Whole, 1,5", limestone, 5 ml/hr, paraffinic oil
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Figure 4.2 Development in oil saturation as a function of pore volume of supercritical CO; injected for
strongly water-wet outcrop core plugs at Swi.

@ RIK_1 - Whole, 1,5", chalk, 2 ml/hr, n-Decane * RIK_3 - Fractured, 1,5 ", chalk, 10 ml/hr, n-Decane
ARIK_13 - Whole, 2", chalk, 20 ml/hr, n-Decane W L_5- Whole, 2", limestone, 4 ml/hr, n-Decane
B RI_2 - Whole, 1,5", limestone, 2 ml/hr, paraffinic oil @ RI_3 - Fractured, 1,5", limestone, 5 ml/hr, paraffinic oil

@®RI_4 - Whole, 1,5", limestone, 5 ml/hr, paraffinic oil
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Figure 4.3 Recovery factor (fraction of OOIP) as a function of pore volumes of CO; injected for strongly water-
wet outcrop core plugs at Sy;.
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It was observed that the differential pressure in the whole cores was higher than for the
fractured cores before CO; breakthrough, indicating that viscous forces have a more prominent
impact on the displacement, partly stabilized by diffusion. Because of the low viscosity of CO;
compared to n-Decane and refined paraffinic oil at experimental conditions (P = 90 and T =35
°C) one could also expect viscous fingering to occur. However, this effect is suspected to be less
pronounced in these experiments, due to the small size of the system and displacement front

stabilized by viscous diffusion leading to high total recoveries.

A good reproducibility between the non-fractured cores was observed, regardless of core
material. The small discrepancies in oil production rate were suspected to be caused by small
differences in pore pressures and core heterogeneities. The type of mineral oil did not seem to
have any effect on the CO; injection. Comparing the n-Decane saturated core plug L_5 with the
refined paraffinic oil saturated core plug RI_4, no major differences was observed, and one may
conclude that both oils develop first contact miscibility and may be interchanged when study

CO; EOR for these conditions.

Compared to the strongly water-wet whole cores, both the fractured cores (core plug RIK_3 and
RI_3) only obtained a total recovery of 68.4 and 57.5 % of OOIP respectively after 7 PV of CO;
was injected. A larger amount of CO; was injected in the fractured cores because diffusion was
the only displacement mechanism. The fractured cores had a slower oil production rate and
earlier CO; breakthrough than the whole cores, and collaborates with earlier work conducted at
the Department of Physics and Technology (Lie, 2013). The early breakthrough of CO; in the
fractured cores may be caused by a higher injection rate than diffusion rate through the high
conductive fracture saturated with CO. The frontal velocity was equivalent for both fractured
cores, but the oil production rate showed large discrepancies and was suspected to be caused by
different core material utilized. The diffusion efficiency seemed to be more effective in the chalk
core than for the limestone core for these experiments. This may be explained by smaller pore
size and higher pore volume present in chalk, and thereby assume that a larger surface contact
area is present in chalk. Because the efficiency of diffusion is depending on the total surface
contact area of the porous media that is, the larger surface contact area the more efficient, this
may explain the higher recovery by CO; diffusion in the chalk core compared to the limestone

core.

In this work it was observed that the oil recovery for the whole cores (core plugs RIK_1, RIK_13,
L_5 and R_I4) was more efficient than for the fractured cores (core plugs RIK_3 and RI_3), and
corresponds to previous studies conducted at the Department of Physics and Technology

(Svenningsen, 2011). In contrast, other results have shown a higher recovery from fractured
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water-wet cores than for non-fractured water-wet cores (Haugen, 2012), and it has also been
shown nearly identical recoveries independent of weather the cores were fractured or not
(Fosse, 2012, Langlo, 2013, Ydstebg, 2013). These results indicate that no general conclusion
about higher recoveries for whole cores can be made, and further investigation should be

performed.

The relationship between injection rate and oil production for the whole cores showed that the
core with the lowest injection rate (core plug RIK_1) has the highest oil production rate, and
reached residual oil saturation first after 2 PV of CO; injected compare to an average of 3.5 PV
for the other whole core plugs. This may be explained by the lower injection rate that may
influence the recovery by a less dispersed front stabilized by viscous diffusion before
breakthrough. Injection rate influence the recovery in the sense that the efficiency of diffusion is

affected by the contact time, as discussed in section 1.6.1.

4.2.2 Supercritical CO; and CO;-foam injection in fracture cores plugs

Six supercritical CO, and CO;-foam experiments were conducted to investigate the potential of
COz-foam in improving sweep efficiency in fractured carbonate cores. One experiment of direct
foam injection (core plug KIR_1) was conducted and used as reference. The experimental
procedure is outlined in section 3.5.2. All experiments were conducted above the minimum
miscibility pressure between CO; and mineral oil (n-Decane and paraffinic oil) and equivalent
frontal velocity were used for all cores samples (10ml/h for chalk cores and 5 ml/h for
limestone cores). The results from the pure CO; injection presented in section 4.2.1 showed that
the production rate in the fractured cores started to level out at approximately 1 PV injected.
Based on this observation 1-2 PV of supercritical CO, were injected prior to the CO;-foam
injection in these experiments. A summary of end-point oil saturations and the enhanced oil
recovery from the COz-injection and subsequent CO2-foam injection for all experiments is listed
in Table 4.6. The residual oil after primary drainage was 69% for the chalk cores and ranged
between 74.4 - 75.5% for the limestone cores.

Table 4.6 Production data that include end-point oil saturations and the enhanced oil recovery from the CO-
injection and subsequent CO;-foam injection.

Core Core 0il Type Sowi Sor, coz R¢ coz Sor,coz-foam | Rf €02 foam R¢, total
ID Material [%PV] | [%PV] | [%O0O0IP] [%PV] [%00IP] | [%OOIP]
RIK_4 Chalk n-Decane 69.1 329 52.4 15.8 24.8 77.2
RIK 7 Chalk n-Decane 69.3 32.3 53.3 16.5 22.9 76.2
KIR_1 Chalk Paraffinic 69.2 - - 18.1 73.8 73.8
RL5 Limestone Paraffinic 75.5 60.7 34.2 10.3 52.1 86.3
RI_7 Limestone | Paraffinic 74.4 54.8 26.4 15.6 52.6 79.0
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Figure 4.4 shows the development in oil saturation versus pore volumes injected for
experiments with CO; and subsequent CO;-foam injection. The results presented in Table 4.6
and Figure 4.4 show that the subsequent CO;-foam injection provided an additional oil recovery
of 22 - 52% of OOIP and that all experiments obtained high total recoveries of 73.8-86.3% of
OOIP after 6-10 PV of injection. Oil was mainly recovered by diffusion during the CO; injection,
due to the high transmissibility of the fractures. The following CO,-foam injection caused an
additional pressure drop, and a viscous compound was added to the transport of CO; from the

fracture to the matrix, and provided additional production, not only governed by diffusion.

@ RIK_4 - chalk, 10 ml/hr, n-Decane B RIK_7 - chalk, 10 ml/hr, n-Decane
ARI_5 - limestone, 5 ml/hr, paraffinic oil @ RL_7 - limestone, 5 ml/hr, paraffinic oil
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Figure 4.4 Development in oil saturation as a function of pore volumes for secondary CO; with subsequent
CO;z-foam experiments in fractured 1.5” strongly water-wet core plugs at S

It is worth noticing that the pure CO; injection was more efficient in the chalk cores, and
recovered about 20-25% more oil by diffusion compared to the limestone cores, with equivalent
frontal velocity. The subsequent CO; foam injection was more pronounced in the limestone cores
and twice the amount of oil was recovered compared to the chalk cores. Hence, the impact of the

core material utilized clearly influence the oil production from the different recovery

mechanism.
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Figure 4.5 shows the development in oil saturation as a function of pore volumes injected for
limestone core RI_7 and chalk core RIK_4. The higher differential pressure observed from the
limestone core also emphasizes the conclusion that stronger foam is developed in this core, as
the strength of the foam is directly related to the magnitude of the pressure drop measured
along the core (Kovscek et al., 1995, Zinati et al.,, 2008, Zitha and Du, 2010). The finer the texture

of the foam, the smaller the foam bubbles, and the pressure drop will be larger.
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Figure 4.5 Development in oil saturation as a function of pore volumes injected to see the impact of core
material between a limestone core (RI_7) and a chalk core (RIK_4).

To investigate the impact of core material in CO; and CO;-foam flooding experiments, a summary
of end-point oil saturations and enhanced oil recovery for chalk and limestone material are
listed in Table 4.7 and Table 4.8 respectively. The tables also include experiments with pure CO;
injection in fractured material, presented in section 4.2.1 for comparison. All experiments were
conducted at same experimental conditions (P= 90 bar and T = 35 °C) and the CO; was in a
supercritical state.

Table 4.7 End-point oil saturations and enhanced oil recoveries from CO;-injection and/or COz-foam injection
experiments on fractured chalk cores.

coreld | 0iType | sontrv) | fre | M | S | R | R
KIR _1 Paraffinic 69.2 - - 18.1 73.8 73.8
RIK_3 n-Decane 70.8 22.4 68.4 - - 68.4
RIK 4 n-Decane 69.1 329 52.4 15.8 24.8 77.2
RIK_7 n-Decane 69.3 32.3 53.3 16.5 22.9 76.2
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Table 4.8 End-point saturations and enhanced oil recoveries from CO,-injection and/or COz-foam injection

experiments on fractured limestone cores.

. Sor, coz R¢ coz Sor,c02-foam Rf, coz foam R, total
10, ) . ) , €02, .
CorelD | OilType | Sowil%PVI | 1o/py) | [o001P] | [%PV] | [%00IP] | [%00IP]
RI_5 Paraffinic 24.5 60.7 34.2 10.3 52.1 86.3
RI3 Paraffinic 25.8 31.0 57.5 - - 57.5

Figure 4.6 shows the development in oil saturation for pure CO; and/or CO,-foam injection in
fractured chalk cores. The results present in Table 4.7 and Figure 4.6 show that the core samples
with CO2-foam injection provided an additional oil recovery of 5-9% of OOIP compared to pure
CO; injection, suggesting that CO,-foam may have had an effect on oil recovery compared to pure
CO; injection in fractured chalk core systems. This corresponds to earlier laboratory studies
conducted with COz-foam injection in fractured chalk cores (Zuta et al., 2009). Observations
from the differential pressure during foam injection in chalk, see Figure 4.5, showed no major
increase in differential pressure when foam is introduced to the system, which indicate that no
foam or low quality foam have been present in the chalk cores, and make it difficult to conclude.
Most likely, if one had increased the size of the system, the foam would provide a greater effect.
This is because pure CO; injection through high permeable fracture system is governed by
diffusion that depends on contact time, concentration and diffusion length. As the size of the
system is increased, the efficiency of diffusion decreases. Collaborative work have been
conducted to study the effect of diffusion and up-scaling and supports this assumption (Ferng et
al,, 2014). One may therefore conclude that at core size resolution in fractured chalk material,

the foam effect will not be significant, because recovery mechanism is controlled by diffusion.

W RIK_3 - supercritical CO2, 10 ml/hr, n-Decane @ RIK_4 - 2 PV supercritical CO 2+ foam, 10 ml/hr, n-Decane

A RIK_7 - 2 PV supercritical CO2 + foam, 10 ml/hr, n-Decane @ KIR_1 - Foam, 10 ml/hr, paraffinic oil
10 T T T T Ty T T T T T T T, R 5 yoTTTTTTTTTTTTTTTTTTTY

Oil saturation [Fraction of PV]

0.0

Pore volume injected

Figure 4.6 Development in oil saturation as a function of pore volumes injected for fractured 1.5” chalk core
plugs at Sw; by different recovery mechanism.
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Figure 4.7 shows the development in oil saturations for two limestone core samples: one core
with secondary CO: injection, RI_3, and one core with secondary CO; injection with subsequent
COz-foam injection, RI_5. In contrast to the chalk cores, the development in oil saturation
diverged when CO;-foam was introduced to the system, and the effect of CO;-foam seemed to
accelerate the oil production rate which was expected due to the additional pressure drop

observed, as illustrated in Figure 4.5.
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Figure 4.7 Development in oil saturation as a function of pore volumes injected for fractured 1.5” chalk core plugs
saturated with refined paraffinic oil at Sw;, for two different recovery mechanism: secondary COZ2 injection and secondary
CO2 with subsequent CO2-foam injection. Injection rate of 5ml/h were used for both core plugs.

The suggested theory that recovery by CO: diffusion is more efficient in chalk cores and
subsequent CO,-foam injection is more effective in limestone cores are difficult to explain, as
very limited information is available about CO;-foam processes in fractured carbonate cores.
Chalk material has smaller pore size and higher pore volume than limestone material, and thus
one may assume that a larger surface contact area is present in chalk. As the efficiency of
diffusion is depending on the total surface contact area of the porous media that is, the larger
surface contact area the more efficient, this may explain the high recovery by CO; diffusion in
chalk cores compared to limestone cores. This observation may also support the fact that CO»-
foam is more pronounced in limestone cores, suggesting that recovery performance by CO; in
limestone is less dependent on diffusion. The prominent foam effect in the limestone cores

compared to chalk cores may also be explained by the concept of disjoining pressure, as
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discussed in section 2.2.2. The film rupture will be more pronounced in porous media with
smaller pores due to higher disjoining pressure, and thus foam films will behave more stable in

the bigger limestone pores compared to the smaller chalk pores (Hirasaki, 1991).

The production rate as a function of time for chalk core sample RIK_4 and limestone core sample
RI_5 are illustrated in Figure 4.8. A significantly higher increase in production rate may be
observed after foam is introduced to the system in the limestone core compared to the chalk
core, and thus supports the observation mentioned above, regarding better foam effect in the

limestone cores.
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Figure 4.8 Oil production rate as a function of time (hours). The rate is an average calculation of 5 points of
production data. Left: Chalk core RIK4. Right: Limestone core RI5. The injection rate is twice as high for the
chalk core than for the limestone core to account for differences in porosity and achieve equal frontal
velocity.

Another factor that may impact the foam stability is the influence of oil type. Because paraffinic
oil consists of alkanes of higher molecular weight than n-Decane, they may be too large to be
solubilized in the micelles, and the molecules may therefore have less ability to be transported
out of the foam and oil seems to stabilize the foam (Vikingstad et al., 2005). However, by looking
at Figure 4.6 that shows CO; and CO.-foam injection in chalk cores saturated with different
mineral oil, the type of oil did not seem to have affected the production. The impact of oil in
presence of foam may be more pronounced when introduction longer chain alkanes to the
system. The foam generation ability is also connected with surfactant concentration, but will not

be discussed further as the same surfactant solutions were used in all these experiments.
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4.2.3 Secondary Liquid CO;-foam injection in whole core plugs
Three experiments were conducted with liquid CO,-foam injection in whole carbonate cores at

Texas A&M University in collaboration with Stig Langlo and Tom Ydstebg. The objective was to
study recovery mechanism by CO-foam for mobility control at both strongly water-wet (SWW)
and neutral-wet (NW) conditions. All experiments were conducted above the minimum
miscibility pressure between n-Decane and CO, and assumed first contact miscible. The
experimental procedure is described in section 3.5.3. A summary of the end-point oil saturations

and the enhanced oil recovery from the liquid CO»-foam injection is listed in Table 4.9.

Table 4.9 Production data for CO;-foam experiments conducted at Texas A&M University.

Core ID Wettability Sowi [%PV] Sor,c02-foam [Y0PV] Rt co2,foam [%00O0IP]
L_28 SWwW 24 27 65
L_33 SWw 29 6 91
L_14 NW 29 1 95

Figure 4.9 shows the development in oil saturation versus pore volumes injected for the liquid
COz-foam experiments. The neutral wet, core plug L._14 obtained the highest oil recovery of 95%
of OOIP after 2.5 PV injected, despite low differential pressure during foam injection. In contrast,
other observations have found oil recovery to be low during co-injection of surfactant solution
and gas into fractured, oil-wet limestone samples. (Haugen et al., 2012). The high recoveries in

core plug L_33 and L_14 indicate that the liquid CO is fully miscible with n-Decane.
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Figure 4.9 Development in oil saturation as a function of pore volumes injected for COz-foam experiments
conducted at Texas A&M University.
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The two water-wet cores (L28 and L33) have equivalent oil production rate up to approximately
0.7 PV injected, where L_28 reaches an earlier COz-foam breakthrough and starts to level out.
Core plug L_28 obtained a total recovery of only 65% of OOIP, which is unreasonably low, and

indicate that the material balance is incorrect, and will therefore not be discussed further.

The production rate of core plug L_33 is similar to L_14, despite different wettability. However,
the differential pressure for the water-wet core L_33 is 1 magnitude higher than the differential
pressure for the neutral wet core plug L_14, and indicate that higher foam stability is formed in
this core as the strength of the foam is directly related to the magnitude of the pressure drop
measured along the core (Kovscek et al.,, 1995, Zinati et al., 2008, Zitha and Du, 2010). The
differential pressure for core plug L_33 increases as oil saturation decreases, which may be

explained by reduced foam stability in the presence of oil, as discussed in section 2.2.2.

4.2.4 Tertiary CO; injection and CO; foam injection in fractured core systems

Three experiments were designed to investigate Integrated Enhanced Oil Recovery (IEOR)
performance by utilizing three different injection steps; 1) waterflooding, 2) supercritical CO;
injection and 3) CO;-foam injection. The experimental procedure is outlined in section 3.5.4. A
summary of end-point oil saturations and the enhanced oil recovery from waterflood, CO>-

injection and CO-foam injection for all experiments are listed in Table 4.10.

Table 4.10 Production data for tertiary CO; and CO,-foam injection in fractured core systems.

Core ID Sowi Sor,water Rewater Sor, co2 Rt co2 Sor,c02-foam Rt co2,foam Rt total
[%PV] | [%PV] | [%001P] | [%PV] | [%00IP] | [%PV] [%001P] | [%00IP]

AC_1 76.3 48.3 36.6 20.7 36.3 16.0 6.2 79.1

AC_21 76.5 - - - - - - -

AC_3 75.8 55.8 26.3 38.4 23.0 31.7 8.9 58.2

C0J22 77.9 37.2 52.2 29.9 9.4 - - 61.6

1) Experiment AC_2 was aborted because of system leakage
2) Reference experiment by (Brautaset, 2009)

Figure 4.10 and Figure 4.11 show the development in oil saturation and the recovery factor as a
function of pore volume injected for core samples AC_1 and AC_3, respectively. The vertical
green line denotes start of CO; injection and the red line indicates start of CO,-foam injection.
Similar oil production patterns was observed for core sample AC_1 and core sample AC_3.
However, the overall recoveries from the different injection steps are somewhat different.
Because the matrix permeability, porosity, injection rate and S.i are close to identical for the two
cores, and the fractured permeability was measured to be twice as high for core sample AC_3
than for core sample AC_1, the discrepancy in oil production was suspected to be caused by
heterogeneous characteristics in Edward limestone material. Previous work have also suggest a
heterogeneous nature of Edward limestone rock material (Johannesen et al., 2007, Riskedal et

al, 2008).
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Figure 4.10 Development in oil saturation and recovery factor as a function of pore volumes injected for core sample
AC_1. Start of COz and COz-foam injection are denoted by the green and red vertical lines respectively. The sudden
pressure drop towards the end of the CO: injection (around 4 PV injected) was caused by an unintentional temporary low
CO:z injection rate.
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Figure 4.11 Development in oil saturation and recovery factor as a function of pore volumes injected for core sample AC3.
Start of COz and COz-foam injection are denoted by the green and red vertical lines respectively.
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During water injection a rapid decrease in oil saturation was observed until water breakthrough
for both experiments. Only minor oil production was contributed to the transient period after
water breakthrough, as a consequence of increased water saturation in the cores that prevent oil
to flow through the media due to reduced capillary forces. The oil recovered by water injection
was assumed to originate from all the core pieces as the core material was strongly water wet
and spontaneous imbibition was the main driving force. It has earlier been shown that there is
essentially no difference in total oil recovery for a strongly water-wet block between
waterfloods on whole core and a fractured core (Viksund et al., 1996, Viksund et al., 1997, Graue
et al, 1999b). A total of 1.8 pore volumes of water were injected in both experiments, with
recoveries of 36% and 26% of OOIP for core plug AC_1 and AC_3, respectively, and was lower

than anticipated as the core materials are strongly water wet.

Subsequent injection of CO; caused a significant increase in production, and provided an
additional 36% oil recovery in core sample AC_1 and 23% oil recovery in core sample AC_3.
Most of the additional oil recovered from the CO; injection was believed to be attributed to the
unfractured inlet core piece, due to observations presented in section 4.2.1, regarding CO:
injection in fractured and non-fractured cores, where it was observed that CO; displaced nearly
all the oil in the whole cores, whereas less oil was recovered in the fractured cores. However,
because the total oil recovery by CO, was very high, some oil was assumed to be attributed to the
two subsequent fractured cores. Observations from the differential pressure indicated that the
displacement of oil by pure CO, was governed by viscous force in the beginning, and as the CO>
reached the fracture network the differential pressure decreased and diffusion became the
dominating drive mechanism. The oil production rate started to level out towards the end of
COz-injetion in both experiments, but to a smaller degree for core sample AC_3, which may be a

result of less CO; injected in this experiment.

The co-injection of surfactant and CO, through the cores resulted in a significant increase in
differential pressure that indicates that foam was formed in the first whole core, forcing CO;
from the fracture into matrix, and provided an additional oil production, mechanism not only
governed by diffusion. The differential pressure is one order of magnitude higher for core
sample AC_3 than for core sample AC_1, which indicate that more stable foam of higher quality is
formed in this experiment, as the strength of the foam is directly related to the magnitude of the
pressure drop measured (Kovscek et al., 1995, Zinati et al., 2008, Zitha and Du, 2010). It has
been shown that generation of foam increase with increasing permeability (Tanzil et al., 2000),
and may explain the higher foam stability in core sample AC_3, as the fractured permeability for

this core was measured to be significantly higher than for core plug AC_1. The CO,-foam
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injection provided an additional recovery of 6.2% of OOIP for core sample AC_1 and a slightly
higher recovery of 8.9% of OOIP for AC_3, likely caused by the stronger foam generated in the
latter core. The combined total oil recovery from all injection steps was 79.1% of OOIP for core

sample AC_1 and 58.2 % of OOIP for core sample AC_3.

Tertiary CO; injection visualized with MRI (reference experiment)

A tertiary CO; injection test was conducted on a strongly water-wet Portland chalk core (COJ2)
and visualized in the Magnetic Resonance Imaging (MRI) at the ConocoPhillips Research Centre
in Bartlesville, USA, to study local fluid flow behavior and recovery mechanism in a fractured
core system and previously reported in (Brautaset, 2009). The experiment were conducted at
liquid CO; conditions (T= 23 °C, P = 83 bar) and the CO; was assumed first contact miscible with
the mineral oil. Core COJ2 was cut and resembled the same way as for core plug AC_1 and AC_3,
as described in section 3.5.4, to obtain a fracture core system. Several factors differ from the
other experiments described in this section: 1) Portland chalk cores were used, 2) CO; was
injected at a liquid state, 3) no foam was injected after the CO; flooding, 4) a lower injection rate
(2ml/h) was used and 5) n-Decane was used instead of paraffinic oil. The brine in COJ2 was
exchanged with deuterium oxide (D.0) brine and n-Decane was injected to obtain irreducible
water saturation (Swi). The water signal is attenuation by D»0 infusion, and thus the MRI images

only obtain signals from the oil phase.

Figure 4.12 shows the development in oil saturation as a function of pore volumes injected for
core sample COJ2 compared to core sample AC_1 and AC_2. Similarities in oil saturation
development were observed between core sample AC_1, AC_3 and COJ2. During the water
flooding, a linear decline in oil saturation before water breakthrough was also observed for core
sample COJ2, and the clean-cut after breakthrough may be explained by the strongly water-wet
homogenous chalk material. The end-point oil saturation during the CO; injection was not
established as the test was terminated prematurely, but the observed production rate was low

and decreasing when the experiment was terminated at Sor,co2 = 29.9%.
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Figure 4.12 Development in oil saturation as a function of pore volumes injected for core sample COJ2 modified from
(Brautaset, 2009) compared to core sample AC_1 and AC_3.

During the waterflood the MRI images, illustrated in Figure 4.13, showed capillary dominated
block-by-block displacement and no recovery after the end-point for the spontaneous imbibition
had been reached at 37.2% after approximately 0.4 pore volumes injected for COJ2. The total
recovery by water injection was 52.2% of OOIP for core sample COJ2 and much higher than for
core samples AC_1 and AC_3. The main reason for this is suspected to be caused by different core
material utilized. Chalk is more homogenous (Graue et al., 1999a), whereas limestone cores tend
to be very heterogeneous (Johannesen et al., 2007, Riskedal et al., 2008) and can also be
observed by the discrepancies between core AC_1 and AC_3 as discussed earlier. Differences in
injection rate may also have influenced the recovery by water injection as increasing the flow

rate has been shown to produce a less dispersed waterfront (Lien et al., 1988).

For the subsequent CO; flood, a temporal increase in MRI intensity was observed locally in the
inlet and middle core piece, indicating an advancing oil bank. As the CO; flows through the inlet
core piece and reaches the fracture network, the CO; channels through the fracture, and only
small amounts of oil is recovered from the two fractured core pieces, and thus most of the
recovery was from the unfractured inlet core piece. Higher recoveries were observed from the
COz injection in the limestone cores than for the chalk core. This might may be caused by: 1) Less
CO: injected in the chalk core and it was still in the transition period when the experiment ended
and 2) Higher water saturation after waterflooding present in the chalk core compared to the

limestone cores, and thus the effect of water shielding may be greater in this core.
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Figure 4.13 MRI image sequence from waterflooding (right) and subsequent CO; injection (left) in the fractured, strongly
water-wet chalk core COJ2. High intensity areas (warm colors) and low intensity areas (cold colors) indicate high and low
oil saturation, respectively (Brautaset, 2009).

The MRI images, see Figure 4.13, showed remaining oil in both isolated matrix blocks after CO>-
injection. For experiments conducted on core sample AC_1 and AC_3 some of this residual oil
was believed to be recovered by in-situ foam generation as the effect of foam is clearly
emphasized in Figure 4.12. The high pressure drop observed indicated that foam was
successfully generated by co-injecting surfactant (Surfonic L.24-22) and CO; in the whole inlet

core, and additional oil was recovered by CO2-foam injection on AC_1 and AC_3.
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4.2.5 Tertiary CO; injection in reservoir carbonate cores

Four experiments were designed to investigate oil recovery by tertiary supercritical CO;
injection in reservoir carbonate rocks. The experimental procedure is outlined in section 3.5.5.
For these experiments CO2 and crude oil are assumed multi-contact miscible as explained in
section 1.2. End-point oil saturations and oil recovery from waterflood and CO; injection for all

experiments are listed in Table 4.11.

Table 4.11 Production data from tertiary COZ injection in reservoir carbonate cores.

Core ID So,wi [%PV] Sor,water Rf,water Sor, co2 Rf, co2 Rf, total [%OOIP]
[%PV] [%00IP] | [%PV] [%001P]

RC_A 53.6 42.1 21.5 4.0 70.9 92.4

RC_B 48.3 39.7 17.8 4.0 73.9 91.7

RC_C 53.9 29.6 45.1 6.6 42.6 87.7

RC_D 25.1 19.1 23.8 0.8 73 96.8

The results from the tertiary CO; experiments conducted in reservoir carbonate cores showed a
major potential of a subsequent CO; injection in previously waterflooded core systems. Figure
4.14 shows the recovery factor as a function of pore volumes injected for the reservoir
carbonate cores. It was observed that tertiary CO; injection in whole reservoir carbonate cores
at water-wet conditions show similar behavior with respect to development oil production, and
a clean water breakthrough was observed for all core samples. The data obtain from these floods
at reservoir temperature and pressure, indicate that the CO; will be multi-contact miscible with
the crude oil, which means that miscibility by CO; is generated through multiple-contact
equilibrium in which CO; is progressively enriched with intermediates from the oil (Rathmell et
al, 1971). The overall total recoveries are high for all the reservoir core samples, and in the
range 87-96% of OOIP, and are similar to the mineral oil displacement by CO: at first contact
miscible conditions presented in section 4.2.1. Previous work has shown that extracting
hydrocarbons from crude oil by CO, in a miscible (first or multiple-contact) displacement
promotes a displacement efficiency approaching 100% on core scale (Holm and Josendal, 1974,

Haugen, 2012).
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Figure 4.14 Recovery factor as a function of pore volumes injected for tertiary supercritical CO; injection in
reservoir carbonate cores.

Core sample RC_A, RC_B and RC_D obtained oil recoveries of approximately 20% of OOIP by
waterflooding, whereas core sample RC_C obtained a higher oil recovery of 45% of OOIP from
the water injection. During the following CO; injection a small increase in the differential
pressure was observed before CO, breakthrough, indicating that viscous force governs the
displacement. A significant increase in oil production by CO; injection was attained for all core
samples. For core sample RC_A, RC_B and RC_D the CO: injection provided an additional
recovery above 70% of OOIP. The high recovery by CO; may be caused by CO; dissolving into the
water phase, which again depends on the partial pressure of CO, brine composition and
temperature. It have been reported observations that dissolution of carbonates at reservoir
conditions during co- injection of CO2 and brine increase porosity and permeability whereas
deposition of carbonates indicated reduction of porosity and permeability (Grigg and Svec,
2003). Dissolution of CO; may cause oil to swell up to 50-60% and thereby increases the contact
area between the oil and CO; in which increase diffusion rate and recovery efficiency for the
supercritical CO; injection (Moortgat et al., 2011). Swelling of the oil is also more dominant in

crude oils with heavier components than in mineral oil (n-Decane and paraffinic oil).

Core sample RC_C obtained a higher oil recovery from the waterflood, and the lowest oil
recovery from the following CO, injection. This may be partly caused by the high water

saturation obtained prior to the CO; injection, and thus, the effect of water shielding may have
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greater influence for this core. It has been found that the presence of water reduces the amount
of CO, available for mixing with the hydrocarbon phase (Pollack et al, 1988). This effect
increases with increasing pressure and amount of aqueous phase whereas it decreases with

increasing water salinity or temperature (Wiebe and Gaddy, 1940).

A large uncertainty in this experiment is the recording in the beginning of the production by CO,
injection, as a result of crude oil in contact with CO:; causing the extraction of heavier

hydrocarbons and viscous crude oil is produced firstly.

4.2.6 Reservoir shale rock experiments
Several experiments have been conducted on three shale core samples (SC_A, SC_B, SC_C), from a

shale reservoir in the USA to developed a “best practice” to measure permeability using CO, and
re-saturate unpreserved reservoir shale core plugs with crude oil. A PET/CT scanner was used
to evaluate shale rock structure and flow behavior during CO; injections. The experimental

procedure is described in section 3.5.6.

Permeability Measurements

Permeability measurements by supercritical and liquid CO, injection was performed on core
sample SC_B and SC_C, and additional information of fluid flow behavior was obtained in the
PET/CT scanner at HUS on core sample SC_B by tracing the CO, marked with radioactive 11C.
Experiments conducted on core sample SC_A was aborted because of leaks from confinement
pressure. The average effective permeability results from the tests are listed in Table 4.12, and
include the net confinement pressure and the uncertainty in the permeability measurements

given by standard deviation.

Table 4.12 Experimental conditions and results from permeability measurements.

Temperature T LLOEL T 5 Average effective
Core ID CO; state p o confinement pressure ge €
[°C] permeability, k [uD]
[bar]
o 160 / 40 902 + 74
SC_B Liquid 27
160 /80 671 +32
. 165 / 35 498 + 80
SC_B Supercritical 80
165 /85 508
150 /50 218 £55
. 150 /100 142 + 25
SC_B Supercritical 115
200 /50 156 + 39
200 /100 133 +18
SC_C Supercritical 80 200 /100 0.38
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Observations showed that temperature and net confinement pressure have a large impact on the
effective permeability. An increase of net confinement pressure results in a decrease of the
effective permeability, and is reasonable as it make it harder for the CO; to escape around the

core sample. Increasing the temperature caused the effective permeability to decrease.

The summary table exhibits large variation in permeability measurements for core sample SC_B,
and is suspected to be caused by a phase change of the CO; state, as viscosities of supercritical
fluids are subjected to change when pressure or temperature varies. This is what may have
happened during the experiment conducted in a heating cabinet (CO. at supercritical state),
where constant outlet pressure was maintained using retracting pump, located at room
temperature outside the heating cabinet (CO; at liquid state). The higher discrepancy in the first
experiment conducted at 80 °C is suspected to be caused by the fact that a Back Pressure

Regulator (BPR) was used at the outlet, and might have caused instabilities in the outlet flow.

Figure 4.15 illustrates the various pressures measured (outlet, inlet and differential pressure)
and the injection rate as a function of time for core sample SC_B at 80 °C. When varying the
injection rate, the outlet pressure remains stable, whereas the inlet pressure increases, and thus
a higher differential pressure is observed, and indicates that the core sample is very tight and
has a low permeability. One may also notice that by increasing the pressure more pressure
fluctuations are observed, and is likely due to the back pressure regulator used in this

experiment.
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Figure 4.15 Various pressures measured and injection rate as a function of time, for shale core sample SC_B

at 80 °C.

79



The images obtained from the PET/CT scan, see Figure 4.16, showed that the injected CO; may
have escaped around the core sample, between the core and the aluminum foil protection,
because of the consolidated nature of the shale matrix, and adds an uncertainty to all the
effective permeabilities measured. Further experiment was conducted on core sample SC_C at 80
°C, without aluminum foil to investigate if this could improve CO. flow through the core.
Observation showed a significantly lower effective permeability of 0.38 uD and is more realistic
compared to unconventional reservoirs that usually have permeability in the range of 0.1-10uD

(CSUR, 2014).

Figure 4.16 Image obtained from the PET/CT scan after 5 minutes of CO; injection from right. Light grey box
in the middle denotes the core sample and warm (red) color denotes the labeled CO; phase. Initially, the CO;
phase was not present on the left side of the core, but after short time of injection, CO; is observed on the
outlet side, suggesting CO; to have escaped around the core sample.

Rock structure

Dry scan of all the core samples, SC_A, SC_B and SC_C, was also conducted in the CT scanner and
the images obtained are illustrated in Figure 4.17. A layered structure was observed in core
sample SC_A and SC_B, whereas a more heterogeneous structure was observed from core sample
SC_C. One reason for this could be that the core samples are taken from different parts of the

reservoir.
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Figure 4.17 Dry scan of SC_A, SC_B and SC_C. Suggesting a layered structure for core sample SC_A and SC_B
and a more heterogeneous structure for core sample SC_C. The images are based on CT-values obtained from
the scan and are vertical sliced from top left to the right. Darker areas indicate lower density, whereas lighter
areas indicate higher density.

Best Practice for saturation shale cores

An investigation of a best practice for re-saturating reservoir shale cores was conducted on the
two unpreserved core samples SC_A and SC_B. The two different methods that have been studied
include: 1) dynamic method, by flowing crude oil through the core and 2) static method, by

soaking the cores in crude oil under pressure. The oil saturation was calculated by:

_ mg—-mg
, = ———
Vbuik Po-¢

(4.1)

where S, is the oil saturation, mq and ms before and after saturation respectively, Vyui is the bulk

volume, p, is the density of the oil and ¢ is the porosity.

The results from the saturation methods are listed in Table 4.13. The average porosity of
unconventional shale reservoirs ,~5% (CSUR, 2014), was used to calculate the oil saturation, in

addition to weight of dry and saturated core. Properties of the crude oil are listed in Table 3.1.

Table 4.13 Results from the two saturations methods conducted on core samples SC_A and SC_B.

P—— : P—— :
Core ID Saturation[%PV] (Dynamic Saturation[%PV] (Static Total saturation [PV%]
method) method)
SC_A 65.2 + 33 9.0 +33 74.2 + 33
SC_B 71.1+ 33 7.6 £33 78.7 + 33

The results from the dynamic saturation method provided an oil saturation of 65.2 % for shale
core SC_A and 71.1% for shale core SC_B. The uncertainties are calculated to be 33% and the
high uncertainty in the porosity is the main contribution to this large number. The static method
provided an additional increase in oil saturation of 9.0 and 7.6 % of core sample SC_A and SC_B
respectively. It is worth noticing that approximately the same saturation percentage was
obtained for both the dynamic and static method, and may indicate that the core structure is

similar for the two cores, which was shown from the CT-scan illustrated in Figure 4.17.
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4.2.7 Uncertainties related to experiments
Uncertainties related to the experimental tests performed in this thesis may be discussed in two

categories that include: 1) experimental uncertainties and 2) uncertainties in experimental
equipment. Generally, the experimental uncertainties are greater than the uncertainties in the

instruments.
Experimental uncertainties

There are two main sources to the experimental uncertainties, and include limitations and

simplification of the experimental procedure and uncontrolled changes to the environment.

Several assumption have been made during the experiments, such as supposing 100% water
saturated core in the porosity measurements, neglecting gravity force by aligning the core
holder horizontal, and assumed miscibility between CO; and oil , which all may have influenced

the experimental results to some degree.

Uncertainties related to changes in environment may be electrical noise, leaks and air in the
system as well as thermal variation in the system. For experiments where CO; is in a
supercritical state, the system may be more exposed to leakage as the CO: is in gas phase. Such
leaks are difficult to detect. For most experiments conducted in this thesis the back pressure
regulator and injection pumps were located outside the heating cabinet, and thus thermal
variation may have caused fluctuation of the CO; phase, and adds an uncertainty to the results.
To minimize the experimental uncertainties, it is necessary to reproduce experiments for more

reliable results.
Uncertainties in experimental equipment

All the instruments used in the experimental work, such as pumps, pressure gauges and calipers,
have uncertainties related to them. The errors related to the injection rate for the pumps are *
5% and for the pressure gauges (ESI) the uncertainty is +0.25% of 250 bar (full scale). The
calipers have an uncertainty of 0.002mm and the weight error is #0.002g. The equations used to

calculate the uncertainties in permeability, porosity, pore volume etc. are given in Appendix A.
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Figure 4.17 shows the recovery factor as a function of pore volumes injected for one of the
supercritical CO; experiments (RIK_3), and contains error bars. Uncertainties related to oil
recovery includes error in pore volume calculations before and after fracturing, production
uncertainties, such as production recordings, and uncertainties regarding amount of pore
volume of CO; injected, which again include errors in injection rate from the pumps and accurate

measurement of the dead volume in addition to influence of thermal variation in the system.
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Figure 4.17 0Oil recovery as a function of pore volumes injected including error bars for supercritical CO;
injection in core sample RIK_3.
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5 Concluding remarks

5.1 Conclusion
Based on the experimental study on CO; injection for EOR in fractured and whole core plugs the

following key observations were made:

e High recoveries in the range of 81.5 - 89.9 % of OOIP were observed by secondary CO-
injection for the whole cores and lower recoveries in the range of 57.5 - 68.4 % of OOIP
were observed in the fractured cores.

e Less amount of CO; was required to reach end point oil saturation in the whole cores
than for the fractured cores as diffusion is the only recovery mechanism in fractured
cores.

e Supercritical CO; injection in fractured chalk cores were more efficient than in fractured
limestone cores, with equivalent frontal velocity, because the larger surface contact area
in chalk increased the efficiency of diffusion.

e In fractured limestone cores the CO2-foam injected accelerated oil recovery compared
with pure CO: injection by a significant increase in differential pressure and thus
increased apparent viscosity. No such effect was observed in the chalk cores, and may be
related to differences in pore characteristics although no clear conclusions have been
drawn in this study. The presence of oil had a detrimental effect on foam.

e For the tertiary CO, and CO,-foam experiments in fractured core systems, foam was
successfully generated in-situ in the first whole inlet core. Lower recoveries from the
water flood were observed in the limestone fracture system compared to the reference
experiments (Brautaset, 2009) performed on a fractured chalk system, whereas higher
recoveries where observed from the COz-injection in the limestone cores.

o Tertiary CO; experiments conducted on reservoir carbonate cores showed a major
potential of a subsequent CO; injection in previously waterflooded core systems. Most
cores obtain a recovery of 21.5 -23.8% of OOIP during the waterflood, and more than
70% of OOIP was recovered from the subsequent CO:-flood. High total oil recoveries in
the range of 87.7 - 96.8 % of OOIP were achieved for all core samples.

e When minimizing the undesired bypass of injected CO; , a reasonable permeability
measurement of 0.38 uD was achieved for the semi-preserved shale sample SC_C

e A “best practice” for re-saturation the reservoir shale cores with crude oil was

established using high pressure and temperature.
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5.2 Future work

o Additional experiments should be performed with secondary CO; injection on whole and
fractured cores before a general conclusion about higher recoveries can be made.

e Secondary CO; experiments should be performed at various initial water saturations for
further investigation of how the presence of water affects the recoveries.

e In future experiments, equipment such as injection/retracting pumps and Back Pressure
Regulator should preferentially be at experimental conditions to avoid volume
fluctuations of CO; and to improve flow control.

e Additional experiments should be conducted to investigate the impact of core material in
the presence of foam as limited information is available.

e As Edward limestone cores are very heterogeneous, further experiments should be
conducted by limiting the variation of parameters to better single out different effects
that impact recovery.

o To study the effect of CO,-foam by the impact of oil type, additional experiments should
be conducted by exchanging mineral oil with different types of crude oil.

e Further investigation of in-situ foam generation in both chalk and limestone material
should be performed.

e Investigate how different types of surfactant solutions impact the foam quality.

e Up-scaling experiments should be implemented to study recovery mechanism of CO, and
CO;-foam toward more realistic field scale.

e Apply different visualization techniques like MRI or PET/CT to image CO; and CO,-foam
injection in water and oil saturated whole and fractured cores to better understand flow
behavior.

e [t would be interesting to study more realistic and torturous fracture networks, in both
the laboratory and by imaging techniques.

e For permeability measurements on tights shale cores it may be possible to use noble gas
instead of CO; as it will not damage the sleeve and thus it will not be necessary to wrap
the cores in aluminum foil.

e Inject CO in the re-saturated shale core sample to investigate recovery performance.

e The impact of wettability should be studied in similar systems.
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6 Nomenclature

EOR
[EOR
IFT
NCS
CCS
CCUS
MMP
O00IP
MRF
PET
CT
MRI

Enhanced Oil Recovery

Improved Enhanced Oil Recovery
Interfacial tension

Norwegian Continental Shelf
Carbon capture and sequestration
Carbon capture, utilization and sequestration
Minimum miscibility pressure
Original Oil In Place

Mobility reduction factor

Positron Emission Tomography
Computed Tomography

Magnetic Resonance Image

Pore volume

Recovery factor

Fluid flow rate

Fluid viscosity

Cross sectional area of the core sample
Sample length

Differential pressure across the core sample
Absolute permeability

Relative permeability of a fluid i
Fluid saturation of a fluid i
Irreducible water saturation

Pore volume

Bulk volume

The effective diffusion coefficient
The absolute diffusion coefficient
Porosity

Wettability

Cementation factor

Interfacial tension or stress
Mobility of phase i

Mobility ratio

gas fractional flow

Capillary pressure

Disjoining pressure
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Appendix A - Uncertainty calculations
The results presented in this thesis required many steps in core preparations and experimental

work, in which all has uncertainties related to them, in addition to uncertainties in instruments

like pumps and pressure gauges.

The uncertainty for value R given from the variables x, y, z, ..., i with respective uncertainties

given by S, S, S5, ..., Si can be calculated by equation:

Sp = J(Z_’;Sf)z + (Z—isy)z + (‘;—isz—)z + ..+ (%Sf)z (A1)

where x, ¥, Z, ..., 1, are the arithmetical middle value of the measured variables given by:

_ xgtaptetxy 1 N
=T =y = i (A2)

Assuming R as a product of the variables a2, b2 and c2?, equation A.1 may be written as:

2= [+ 6+ () "

The uncertainty related to the permeability measurements based on Darcy’s law is calculated by

equation A.4, including the error contribution from all various variables: rate (Q), viscosity (i),

Length (L), cross section area (A) and pressure drop (AP).

) ) @) ) () =

Uncertainties regarding porosity include error contribution from the pore volume, Vy,=m/p,

where m is the fluid mass and p is the density, and the bulk volume (Vyux = mr2L), where r is the

radius of the core and L is the length. The uncertainty in the bulk volume is given by:

Sty =N @ T L-SR)?+ (w12 - Sp)? (A.5)

The uncertainty related to the pore volume may be calculated by:

Sys = \/(m -$5) 4 (0 Sim)? (A.6)

The uncertainty in the porosity may then be calculated by equation A.7 and including the

contribution from the uncertainty calculate from equation A.5 and A.6.

2 2
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