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Executive summary

This experimental thesis presents a study of two diffusive EOR techniques; low salinity waterflooding
in 2D sandstone silicon wafer micromodels and miscible CO, injection in tight shale core samples.
Tests were conducted using both refined oils and crude oil. During low salinity waterflooding, a
salinity gradient was set up between low salinity water injected through a fracture and a porous
network partially saturated with high salinity brine. Primary drained oil acted as a semi-permeable
membrane between the two aqueous phases. As part of a recently started CO, project, experiments
involved injection of liquid and supercritical CO, through tight shale cores to produce oil primarily by
molecular diffusion.

Osmotic diffusion in presence of a salinity gradient resulted in increased water flux and oil
mobilization, visualized within separate pores and in networks of interconnected pores. Diffusive
transport mechanisms were identified as water diffusion through film-flow and osmosis. Two
effective processes were observed by the identified mechanisms, 1) water dispersion and water
droplet growth and 2) residual oil displacement and mobilization. Water flux through a refined oil
membrane increased with brine salinity and decreased with increasing oil carbon number. Highest oil
displacement and mobilization was observed with low carbon numbered oil (n-Hexane) and
moderate high salinity brine (5%wtNaCl). Water diffusion film-flow caused oil mobilization and
redistribution in a continuous crude oil membrane. Expansion in a residual crude oil membrane was
caused by osmosis.

Initial oil recovery results during CO, injection in tight shales are reported. Shale permeabilities
during CO, injection were estimated to be of 10~2uD range. Recovery from miscible CO, injection in
tight shale samples ranged from 76% to 114%0O0IP including both refined and crude oil. Recovery
exceeded 100%00IP for the n-Decane experiments due to residual production of immobile crude oil.
Errors associated with density of the produced fluids and the porosity estimates of shale cores
provide basis for large experimental uncertainties. Dynamic production results showed gas
breakthrough after 1 PV CO, injected, the effective recovery mechanism being molecular diffusion to
displace unrecovered oil. Approximately 60 PVs were injected to obtain a recovery of 71%0O0IP using
n-Decane. Miscible CO, injection could have the potential of producing 100%0O0IP given large
enough quantities of CO,.
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Introduction

The worldwide energy demand is steadily increasing and fossil fuels are likely to remain among the
main energy resources in the foreseeable future. As recovery from conventional high quality
resources (i.e. sandstones) is declining, the industry turns towards more challenging reserves such as
heterogeneous carbonate and tight-shale formations employing unconventional methods.
Heterogeneity is an important reservoir characteristic that affects fluid flow through reservoirs and
the amounts of residual oil left after production. In conventional recovery by secondary
waterflooding, volumes of residual oil may be bypassed by viscous fingering because of unfavorable
mobility ratios, or saturations may be trapped by snap-off due to capillary pressure. By secondary
gasflooding, gravity segregation or channeling because of the high mobility and low density of gas
may result in decreased recovery potential. While only up to 35-55%00IP (original oil in place) can
be produced by conventional methods, another 5-15 % may be recovered at the end of life for an
oilfield by unconventional methods (Tzimas et al., 2005).

By unconventional methods, or enhanced oil recovery (EOR) techniques, chemically altered
compositions not originally present in the reservoir are injected to increase reservoir displacement
efficiency, i.e. the recovery factor. Reservoir displacement efficiency is strongly dominated by
capillary number (ratio of viscous to capillary forces) and the mobility ratio between the displacing
fluids, and is a product of microscopic sweep efficiency and macroscopic displacement efficiency. The
microscopic sweep efficiency is the factor that determines the amount of residual oil left after
conventional flooding. Increasing the microscopic sweep is one of the main focuses of EOR. In this
thesis, the effect of EOR on microscopic sweep has been investigated implementing the
unconventional methods of low salinity waterflooding (LSW) in sandstones and miscible CO, injection
in tight shales.

Where conventional waterflooding use formation brine or seawater to maintain reservoir pressure,
LSW will in addition improve microscopic sweep by injecting diluted water concentrations. The low
salinity effect (LSE) due to LSW has been widely researched, but because it occurs under a variety of
circumstances a theory has so far not been established. The general assumption is that LSW alters
the reservoir wettability towards water-wet conditions for favourable recovery, though it has been
suggested that more than one underlying mechanism may be present. Based on the results provided
by the LSE visualisation study performed by Emadi and Sohrabi (2013), and the work put forward by
Sandengen and Arntzen (2013) on osmosis, it is suggested that osmotic diffusion may be one possible
mechanism contributing to the LSE. To investigate the effect of osmosis during LSW, micro-scale
visualisation is required to identify and observe pore level fluid-fluid interactions and displacement
processes in the presence of an osmotic gradient. The experiments were conducted at the
Microfluidic Laboratory at the Dept. of Physics and Technology, University of Bergen (UoB), using
silicon wafer micromodels representing a porous media. As the majority of experiments conducted
on LSW are based on core flooding of sandstone, the micromodels were constructed based on a thin
section of Berea sandstone with 2D replicated pore structures and flow paths for micro-scale
visualisation.

Implementing CO, gas under miscible conditions has been extensively studied and applied in field
recovery for over 40 years. The majority of the EOR projects in carbonates and other rocks (e.g.
shale) have been studied based on CO, injection. Ongoing research at the UoB Dept. of Physics and
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Technology focuses mainly on the implementation of CO, gas for EOR and for carbon storage during
production. In miscible CO, injection, CO, will mix with resident oil by molecular diffusion promoting
oil swelling and oil mobilisation. Results have been successful from both simulations and
experimental studies of shale. Core-scale experiments were hence conducted at the UoB Dept. of
Physics and Technology using reservoir core samples of low porosity, low permeable shale (tight
shale). By inducing CO, in a miscible injection scheme, potential oil recovery was quantified and flow
capacity was estimated.



Part 1 — Theory

1 Reservoir Scaling Techniques

The growing oil and gas industry is associated with large investments towards the development and
operation of world hydrocarbon resources. It is an overall requirement that operations are carried
out in a cost-effective, reliable and sustainable manner. One side of today’s international oil business
focuses on the complex and hard to develop offshore resources often located far from land and
kilometers below the seabed, e.g. North Sea fields. Another focus is the situation in North America,
where production of unconventional land-based oils is reshaping the way oil is transported, stored
and marketed (IEA, 2013). A considerable amount of this new oil is coming from the US onshore tight
shale formations and Canadian oil sand reservoirs.

Challenges like those mentioned above, has led the industry to engage in research and development
programs using suitable scaling techniques to uncover the underlying mechanisms of reservoir
management. The objective of the investigations is to provide insight into the strengths and
weaknesses of different recovery parameters (Zitha et al,, 2011). The analyses range from pore to
field scale and involve experimentation and modelling (cf. Figure 1.1). Fluid properties, reservoir
transport and recovery mechanisms are simulated and investigated at controlled conditions to
describe the complexity of field scale flow. One can for example:

e Study flow on a microscopic scale to visualize fluid-fluid interactions in different reservoir
rocks.

e Analyze the effect of single parameters (e.g. pressure and temperature) on flow and recovery
potential.

o Assess the impact of structural heterogeneities and displacement behaviour on flow and
recovery.



Reservoir Scale

Block Scale

Figure 1.1 - Various scaling techniques used in petroleum research (Brattekds, 2014). Field scale conditions are
sized down to reservoir scale conditions where block and core samples are drilled out for study in laboratories.
Experimental results can be validated in simulation studies and implemented back into reservoir and eventually
field scale operations.

Upscaling is defined as the bridging of different scaled measurements from laboratory pore, core and
block experiments to reservoir conditions (Zitha et al., 2011). Field pilots are carried out through
upscaling and factors such as well location and other strategic measures are evaluated further
through field trials.

Silicon micromodels and reservoir core samples are used in this thesis to investigate the effect of
diffusive mechanisms during oil recovery. The micromodels represent a 2D porous media of Berea
sandstone for visualizing pore scale mechanisms, such as fluid distribution and displacement
processes. Reservoir shale samples are used with miscible CO, injection to investigate flow capacity,
displacement and oil production in tight shale formations.



2 Fluid Flow and Oil Recovery

Hydrocarbon deposits are found in a variety of formations (e.g. clastic sandstone, fractured
carbonates, and low permeable shale), where chemical and physical properties such as density,
viscosity, pressure, volumes and temperatures vary over a wide range. Primary recovery methods in
hydrocarbon formations are based on the presence of internal energy in form of expanding gas-cap
or active aquifer. Within the petroleum industry the term conventional recovery refers to oil and gas
produced from hydrocarbon resources depleted by such natural drive mechanisms. Conventional
recovery is also related to secondary production where the driving force to reservoir pressure
maintenance is re-injecting naturally occurring fluids such as water or natural gas back into the
reservoir. However, at the end of conventional recovery, a majority of the oil and gas resources
remain trapped or bypassed within the reservoir.

Reservoirs suitable for conventional recovery have a sufficient porosity and permeability to hold and
transmit oil and gas, sealed off by an impermeable cap rock (i.e. heterogeneous reservoirs).
Unconventional reservoirs are hence formations with low permeability where oil and gas are trapped
in the media and natural drive mechanisms have little or no effect on production (i.e. tight shale
reservoirs).

To improve reservoir efficiency from conventional and unconventional reserves, unconventional
recovery methods, or EOR methods, have become increasingly applied by the oil and gas industry. If
positive returns can be achieved in terms of production and finance, the injection of chemically
altered compositions for EOR is introduced, adding among others surfactants or polymers to the
reservoir fluids. Alternative EOR methods by diffusive oil recovery techniques have gained popularity
in recent years, and low salinity waterflooding and miscible CO, injection are among them.

2.1 Heterogeneous Reservoirs

All conventional reservoirs (i.e. sandstones and carbonates) are to some degree heterogeneous.
Reservoir heterogeneity is defined as variations in reservoir properties related to space, meaning
that petro-physical variables such as permeability, porosity, and fluid saturation vary across the
formation (Ahmed, 2006). If reservoirs were homogeneous, measuring a reservoir property at one
location would describe the behaviour of that property across the entire formation.

Heterogeneous reservoirs can be divided into three types, 1) naturally fractured reservoirs
dominated by fracture systems and conductive flow paths, 2) layered reservoirs with large extensions
of different permeability beds with or without communication, and 3) reservoirs with random
heterogeneities in which two or more types of porosity may be evident (Latil, 1980). The recovery
performance in heterogeneous reservoirs is reduced in presence of high permeable zones or
fractures affecting fluid flow, leading to early breakthrough and bypassing of OOIP.



2.1.1 Water -and gasflooding

Reservoir displacement efficiency E determines oil recovery for any given displacement process (i.e.
water -or gasflooding), and is the product of microscopic sweep efficiency Ep and macroscopic
displacement efficiency E,q,

E=E,-E,, (2.1)

The macroscopic displacement efficiency E, is a combination of both areal E5 and vertical Ey sweep,
and is highly affected by heterogeneities and fluid mobility (Skarestad and Skauge, 2012).
Microscopic sweep estimates how well the displacing fluid contacts OOIP and determines the
amount of residual oil. The higher the residual oil at the end of primary and secondary recovery, the
more attractive the application of EOR techniques.

Waterflooding

Secondary recovery by waterflooding provides pressure support to the reservoir and displaces oil
towards production. Waterflooding is preferred in cases where the mobility ratio is favourable,
meaning that the mobility of the injected water is lower than the displaced oil (Latil, 1980). This
prevents early water-breakthrough due to viscous fingering, and increases the macroscopic
displacement efficiency.

In water-wet reservoirs, i.e. where water preferentially coats the formation surface, waterflooding is
especially efficient due to spontaneous imbibition (Latil, 1980). This is important in naturally
fractured or layered reservoirs as it induces cross-flow between high -and low permeability zones.
The water invades less permeable regions due to the water-wet nature of the formation surface and
displaces oil in the presence of a positive capillary pressure. However, if the capillary pressure is too
high the consequence may be trapping or bypassing, reducing the microscopic sweep efficiency, cf.
Figure 2.1. A uniform front needs to be maintained between the displacing fluids for favourable
recovery.

a)©EEGF@ @_

b)

oL

COLLAR OF
WATER

Figure 2.1 - Residual oil saturation by bypassing and snap-off modified from (Chatzis et al., 1983). a) The
wetting phase in the small channel bypasses oil in the larger pore due to a higher capillary pressure, b) The
wetting phase snaps off isolated oil droplets within pores due to a high capillary pressure at pore throats. Oil
droplets become immobile.
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Gasflooding
Gasflooding for pressure support and oil recovery takes place in the existing gas-cap or directly in the

oil zone. By injecting natural or recycled gas into the original gas-cap, reservoir pressure is
maintained as the gas-cap expands. Qil is recovered as gas is forced into the oil zone (Latil, 1980). The
gasflooding process can be either miscible or immiscible (Terry, 2001). In most cases, miscible gas
injection is used to increase the microscopic displacement efficiency when mixing with reservoir oil.
However, using high mobility gas in heterogeneous formations may result in gravity segregation
reducing the displacement efficiency.

2.1.2 Factors controlling fluid flow
During immiscible (water or gas) or miscible (gas) displacement, reservoir heterogeneity in
combination with viscous, capillary and gravitational forces will influence macroscopic displacement
and microscopic sweep. The relationship between the acting viscous -and capillary forces is defined
by a capillary number N characterizing the amount of non-wetting (residual oil) -and wetting
saturation (water) in terms of flow properties (Zolotukhin and Ursin, 2000). The dimensionless
capillary number is given as,

_—
N¢ = # (2.2)
Where subscripts i and j denotes displacing and displaced fluid respectively, v is the fluid rate
[ml/s], u is the viscosity [Pa - s], o is the interfacial tension between the two fluids, and 8 is the
wetting angle. In Equation 2.2, the term v - u represents the viscous forces of the displacing fluid,
while the denominator o - cos0 is related to the capillary forces entrapping residual oil. An increase
in capillary number by either decreasing the capillary forces (increasing microscopic sweep) or
increasing the viscous forces (increasing macroscopic displacement) will contribute to higher
reservoir displacement efficiency.

The effect of capillary number on residual oil and water saturation is shown by the capillary de-
saturation curve in Figure 2.2. To reduce the residual non-wetting phase, the critical non-wetting
capillary number has to be increased. By introducing chemicals not initially present in the reservoir
the capillary number can be raised by lowering the interfacial tension (injecting surfactants or
miscible CO,), or by increasing the viscosity (addition of polymers).
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Figure 2.2 - Capillary de-saturation curve showing residual saturations (%) vs. capillary number. Non-wetting
capillary numbers are normally in the range of 107-10" after conventional water flooding (Lake, 1989).

The macroscopic displacement efficiency depends highly on the relationship between viscosity and
permeability. The relationship is defined by a mobility ratio M with 4; being the mobility of the
displacing fluid and 4; the mobility of the displaced fluid (Zolotukhin and Ursin, 2000),

k,
AW
M=—"r=L7 (2.3)
A Ky
H;

The factor k, is the relative permeability, u is the viscosity and the subscript i and j denotes
displacing and displaced fluids, respectively. During multiphase flow, the mobility ratio will describe
displacement stability. If the mobility ratio is low M < 1 a favourable relationship will exist and
viscous fingering (bypassing of oil) is unlikely to occur. This will benefit the macroscopic displacement
efficiency (Zolotukhin and Ursin, 2000). The total reservoir displacement efficiency is dominated by
mobility ratio and capillary number (Farouq and Thomas, 1989). EOR techniques can improve oil
recovery by increasing capillary number to improve microscopic sweep or provide a more favourable
mobility ratio to improve macroscopic displacement.

2.1.3 Sandstone reservoirs

Sandstones are composed of sedimentary rock fragments whose grains are predominantly sand-sized
varying between 1/16 and 2 mm in diameter (Bjgrlykke and Jahren, 2010). They commonly consist of
quartz, although sandstones often contain feldspar and numerous other mineral grains held together
by silica or another type of cement. The relatively high porosity and permeability of sandstones make
them good reservoir rocks for oil and gas production (Alvarado and Manrique, 2010). Highly
successful North Sea fields such as Statfjord and Gullfaks are based on sandstone reservoirs of good
quality, and have with improved technology increased recovery factors close to 70% (Bjgrlykke and
Jahren, 2010).
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The most important reservoir properties are porosity and permeability, but pore geometry and
wetting properties of mineral surfaces also influence petroleum production. Sandstone reservoirs
show the highest potential for implementing EOR projects because most of the technologies have
been tested at pilot and commercial scale in this type of rock. Figure 2.3 shows that most EOR
applications have been in sandstone reservoirs (Alvarado and Manrique, 2010). The data gathered is
from a collection of 1507 international EOR projects during the last decade. Thermal (steam
injection) and chemical EOR methods are most frequently used in sandstone reservoirs, while gas
injection is the dominating EOR method in carbonates and other rocks.

700- B Thermal Methods
O Gas Injection

600+ [ Chemical Methods Oter

500- Carbonate
18%

400+

300+

200+
Sandstone
78%
100

Sandstone Carbonate Other

Figure 2.3 - EOR methods by rock type collected from 1507 international EOR projects (Alvarado and Manrique,
2010). The majority of EOR techniques have been applied to sandstone reservoirs, the most dominant methods
being thermal and chemical injection. In carbonate and other reservoirs, gas injection is seen as the main
governing technique.

2.2 Shale Reservoirs

The focus on heterogeneous carbonate and shale formations is of particular interest to nations
seeing conventional reservoirs mature into their last stage of production. The current development
of the abundant North American tight shale oil resources has become essential to balance their
market situation and economic growth. According to Crawford and Biglarbigi (2008), oil prices are
expected to remain above the threshold for economical production of shale, even though global
prices continue to fluctuate in the presence of technology changes, new discoveries and OPEC
strategies. Oil shale resources of commercial interest are about 2.6 trillion barrels worldwide. The US
holds the largest and most concentrated deposits of nearly 2.0 trillion barrels.

Shale reservoirs are formed by compaction and consolidation of claystones and mudstones, with a
diverse mineralogy from siliciclastic (sandstone) to that of carbonate (dominated by calcite and
dolomite) (Zolotukhin and Ursin, 2000). Shale formations have high organic content, but are difficult
to recover by conventional methods. One characteristic of shale is the extremely low permeability
due to fine textured grains at sizes below 60 micrometer, and porosities less than 10 % (Kuila and
Prasad, 2013).
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Fluid transport is highly dependent on reservoir characteristics, and heterogeneity shows significant
impact on shale recovery (Chen et al., 2014). Primary production rates from shale formations are
generally high, but total recovery factors are predicted to be low (Gamadi et al., 2014). Unlike
conventional reservoirs, water -and gasflooding do not appear to be practical or good investment
due to low matrix permeability and long payback periods. However, new techniques that combine
horizontal drilling with multi-stage hydraulic fracturing have made it acceptable to produce oil from
tight shale formations.

2.2.1 Improved flow through hydraulic fracturing and acidizing

Contrary to conventional reservoirs, shale is usually made of thin horizons of formation beds and
production by vertical well placement is minor. The introduction of horizontal drilling and well
stimulation by hydraulic fracturing has made it possible to expose larger areas to the wellbore
surface. Hydraulic fracturing and the injection of highly pressurized fluids form deep conductive flow
paths inducing oil flow towards the wellbore. The fractures are held open by the presence of
proppants (i.e. sand grains) counteracting the overburden pressure and rock compressibility during
production.

Even with the combination of horizontal drilling and hydraulic fracturing initial production rates
decline fast (Gamadi et al., 2014). It is not given that hydraulic fracturing will be sufficient to keep the
shale permeable in its entire production lifetime. Orangi et al. (2011) confirm through simulation
studies that rock compaction degrades both matrix and fracture permeability. The degradation is a
result of increased overburden stress during reservoir depletion. Small changes in pressure drop can
change the fracture transmissibility by orders of magnitude. As cumulative production decreases,
trapped saturations can be as high as 45 %.

Based on research by Morsy et al. (2013), combined hydraulic fracturing and acidizing was proposed
to improve formation permeability. Acidizing, as stimulation technique, does not always yield
essential conductivity compared to hydraulic fracturing. Morsy et al. suggested that by adding low
concentrations of HCl to the hydraulic fluid, the dissolution of carbonate sediments (calcite and
dolomite) and micro-fractures would improve reservoir permeability. Results have shown
enhancement in oil recovery and also improved shale porosity by the addition of HCI.

2.2.2 Micro-scale pore size distribution

Transport mechanisms and storage capacities in shale reservoirs may be estimated based on a
comprehensive understanding of reservoir pore structure. Shale is composed of complex clay
microstructures aligned locally in aggregates of variable orientation (Kuila and Prasad, 2013).

A correlation between pore volume and pore diameter for shale pallets is provided in Figure 2.4,
where 3 different pore structures are defined. Group A is defined as micro-pores with pore diameter
of ~3 nm related to the pore space between stacks of clay elementary units. Group B are meso-pores
ranging from 20 - 100 nm in pore diameter, corresponding to the pores within clay aggregates. The
last group (Group C) are macro-pores in the micron size region, with diameters >1000 nm. They
represent the fractures or micro-fractures between clay aggregates. As can be seen, reservoir shale is
predominantly composed of group A and B elements, which are micro -and meso-pores (Kuila and
Prasad, 2013)
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Figure 2.4 - Pore size distribution in shale pallets of Wyoming Montomorillonite (Kuila and Prasad, 2013). The
peaks illustrated in the diagram identify the different distribution groups. Group A) Micro-pores with diameter
of ~3 nm, Group B) Meso-pores ranging in diameter from 20 — 100 nm, and Group C) Macro-pores at diameters
>1000nm.

Darcy’s law or modified versions may be used if shale pores lie within the macro-range (Kuila and
Prasad, 2013). However, the Darcy model cannot be directly applied if the small pores are at the
micro -and meso-scale as in tight shale reservoirs. Especially at these scales, gas flow is expected to
be a combination of Knudsen diffusion and/or slip-flow.

2.2.3 Fluid flow in shales

Oil production from shale formations depends on effective flow mechanisms through the porous
rock. Shale reservoirs are typically characterized by gas permeabilities less than 0.1mD, and even
below 0.01mD according to Bodi (2012). The typical low permeabilities in tight formations relate to
matrix structure as the pore volume consists of channels ranging from micron to nanometers (Kuila
and Prasad, 2013). Hence, flow in tight formations compared to conventional reservoirs can be quite
different because pore sizes can be up to thousand times smaller.

Swami et al. (2012) stated that for a given shale pore size, actual permeability will vary with pressure.
They argued that low-pressure regions in tight formations would yield larger differences in terms of
actual -and Darcy permeability compared to high-pressure areas. Their assumption was confirmed by
substantial calculations of actual permeability through empirical correlations provided by literature
research. At approximately 5000 psi, the ratio of actual to Darcy permeability was close to 1. At lower
pressures, around 200 psi, the ratio increased to in between 5-25. This low-pressure effect was also
observed by Sanaei et al. (2014). They confirmed that actual permeability would deviate from Darcy
permeability below pressures of 2000 psi (approx. 150bar).

Studies performed by Sanaei et al. (2014) showed that when pore sizes decrease to nanometre range
the phase envelope (representing the phase conditions of a multi-component hydrocarbon mixture)
shrinks and shifts to the left making fluids behave more like dry gases. In small pores, such as shale
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micro -and meso-pores, flow will to a greater extent be influenced by interactions between gas
molecules and pore walls. This effect is the result of free gas molecules being similar in size to flow
diameter as pore size decrease, causing molecules to strike and slip against the walls. Mechanisms
for transport and flow in nano-confinement will deviate from classic flow mechanics.

In conventional reservoirs fluid velocity is assumed to be zero at the pore wall and Darcy’s law will be
applicable for determining flow capacity. However, in micro -and meso-pores, non-Darcy flow occurs
as the mean free path (the average distance a gas molecule travels before colliding with another) is
decreased causing an increase in effective gas permeability (Sanaei et al., 2014). The effect is
especially evident in small pores at low pressures as observed by Swami et al. (2012) and Sanaei et al.

(2014).

Knudsen number

To correct for effects of non-Darcy flow during permeability measurements in tight shale, the
Knudsen number K, can be used to quantify the effects of increased gas slippage against the pore
walls. The Knudsen number is used to classify flow into different regimes based on increasing
Knudsen numbers (Swami et al., 2012). The numbers describes the deviation from Darcy flow into
transition flow where free molecular diffusion becomes apparent. Figure 2.5 shows the flow regimes
defined in terms of Knudsen number.

The Knudsen number defines four flow systems. Flow in conventional resources generally occur
within the viscous -or slip flow regime, where Darcy’s law for laminar flow or modifications of Darcy’s
law (correcting for non-Darcy behaviour) is valid. Flow in shale reservoirs usually occurs within the

slip -or transition flow regime (Swami et al. 2012).
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Figure 2.5 - Knudsen flow regimes. 1) Viscous flow for K, <0,001 where mean flow path is negligible and
intermolecular forces dominate, 2) Slip flow for 0.001< K,, <0.1 where mean flow path become significant and
viscous flow theory need be modified, 3) Transition flow for 0.1< K, <10 where slip or transition flow becomes
dominant for most shale reservoirs, and 4) Knudsen’s (free molecular) flow for K, > 10 defined by Knudsen’s

diffusion equation (Sanaei et al., 2014).
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Gas permeability in tight shale

Darcy’s law is only to some degree applicable for gas flow through low permeable shale. The law is
valid for a 100 % saturated medium with horizontal laminar (viscous) flow of an incompressible fluid.
In Darcy flow it is assumed that fluid behaves non-chemically with its surrounding rock surface, and
that flow is stationary. The absolute permeability k can then be calculated by the Darcy equation,

g=—— (2.4)

Where q is the applied injection rate [m%/s], M is the average viscosity [ Pa-s], L is the length of
the media [m], Ap is the differential pressure across the core [Pa], A is the area of the cross section
[m?] and Kk is the absolute permeability in [m?] with a factor of 0.987-10'?m* =1D when
converting to Darcy units (Zolotukhin and Ursin, 2000).

Pre-Darcy Zone Darcy Zone Post-Darcy Zone ..-"'

Laminar .t

Turbulent
Forchheimer

Pre-Laminar

No Flow

Figure 2.6 - The different flow regimes by Darcy’s law (Basak, 1977). The “Darcy Zone” represents the viscous
dominated laminar zone where the pressure gradient is linear to flow velocity. In the Post-Darcy zone velocity
increases and flow is dominated by inertia effects (Forchheimer) prior to unsteady laminar and turbulent flow.

Darcy’s empirical law represents a simple linear relationship between flow rate and pressure drop as
shown in Figure 2.6 (Zeng and Griegg, 2006). It does not take into account the effect of inertia or
acceleration forces at high flow rates, as viscous resistance is believed to be the dominating force
(Huang and Ayoub, 2008). Further, gas permeability deviates from Darcy conditions as gas rate
increases beyond the Darcy Zone, and corrections for additional pressure drops have to be made
(zolotukhin and Ursin, 2000).

The Darcy regime reaches its limit when flow velocity becomes so large that effect of inertia and/or
turbulence becomes relevant (Huang and Ayoub, 2008). Inertia occurs gradually with increasing rates
by acceleration and deceleration of gas travelling through the tortuous paths of the porous media. By
inertia, gas will enter into the Forchheimer region Figure 2.6. Darcy’s law will still be valid, but a term
needs to be added to account for the increase in pressure drop (Zeng and Griegg, 2006). Beyond this
region, turbulence will dominate and bring flow out of the viscous and into the slip flow regime, as
illustrated in Figure 2.5, where Darcy’s law will not be valid without considering a Klinkenberg
correlation (Sanaei et al., 2014).
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The slip flow regime is based on Klinkenberg’s discovery of gas slippage along pore walls (Sanaei et
al., 2014). Klinkenberg corrects for the overestimated permeability by defining a mean pressure
correlating gas permeability to absolute fluid permeability. In laboratory practice, the Klinkenberg
effect is assumed effective at gas pressures below 10 bars (Zolotukhin and Ursin, 2000).

If gas permeability is restricted to the laminar flow regime, and pressure drop remains proportional
to flow rate within an experimental error, the pressure drop can be taken to be the average pressure
drop (Ahmed, 2006). Gas permeability Ky can then be calculated using Darcy’s law for compressible
fluids,

2 2
_ kA(pr —p3)
0, == In (2.5)
H LD,

Where Q, is the gas flow rate [ml/s], p, is the average gas viscosity [cP], L is the length of the media
[m], p; is the inlet (upstream) pressure [Pal, p; is the outlet (downstream) pressure [Pa], A is the area
of the cross section [m?], Py is the base (atmospheric) pressure [Pa], and K, is the gas permeability in
[m?].

When conducting miscible CO, injection one objective is to estimate the flow capacity, permeability,
for the shale samples provided. When estimating CO, gas permeability, potential effects of inertia or
slip-flow have to be accounted for as liquid and supercritical CO, are highly compressible through the
micro -and macro pores of the shale network. The modified versions of the Darcy’s law have to be
considered. The assumptions made when accounting for non-Darcy flow are presented in section
9.1.1.

2.3 Enhanced Oil Recovery

During field-scale production, different measures are taken for improved oil recovery (IOR). The term
IOR is defined as economic initiatives that intend to increase oil recovery and/or accelerate reserves
(Skarestad and Skauge, 2012). IOR measures are related to drilling and completion, reservoir
management, production processes, and the implementation of EOR techniques. When applying
EOR, materials not originally present in the reservoir are injected to increase the amount of
recoverable reserves.

The impact of IOR measures is illustrated in Figure 2.7. Accelerating reserves by action 1 (i.e. re-
perforating wells etc.) yield a higher net present value (NPV) and expected ultimate recovery (EUR) at
the economic cut-off rate Q., but cumulative recovery remains unchanged N,. By implementing EOR
techniques by action 2, NPV will decrease, but recoverable reserves will increase providing a higher
EUR at Q. and higher maximum cumulative recovery Ny max.
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Figure 2.7 - Impact of IOR measures. Action 1) Accelerating reserves by production enhancement, Action 2)
Increasing amounts of recoverable resources by EOR methods. Modified from Skarestad and Skauge (2012).

EOR is classified into four categories 1) miscible flooding, 2) chemical flooding, 3) thermal flooding
and 4) microbial flooding (Terry, 2001). The purpose of EOR is to reduce the residual oil saturation
after primary and/or secondary recovery. It seeks to improve the macroscopic displacement by
reducing the mobility ratio between injected and in-place fluids, and/or to eliminate or reduce the
capillary forces to increase microscopic sweep. EOR is frequently referred to as a tertiary recovery
method in extent of the secondary methods such as water -or gas flooding. However, depending on
reservoir conditions, EOR is often used as a supplement to the secondary methods (e.g. in shale
reservoirs).
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3 Low Salinity Waterflooding

Enhanced oil recovery by low salinity waterflooding (LSW) was initially reported by Tang and Morrow
(1997), and further studies on LSW has since been carried forward by research and industry scale
projects, such as the LoSal ® EOR program created by BP (Lager et al. 2008). Where conventional
water flooding uses formation brine or seawater to maintain reservoir pressure, LSW will in addition,
improve microscopic sweep by the injection of diluted water concentrations.

Wettability alteration during LSW is generally detected through indirect changes in relative
permeability or capillary pressure curves (Morrow and Buckley, 2011). Some of the more accepted
hypotheses based on crude-oil/brine/rock (COBR) interactions are multi-component ion exchange
(MIE), electrical double layer expansion or the possibility of fines migration (Tang and Morrow 1999;
Lager et al. 2006; Ligthelm et al. 2009).

A general assumption is that LSW alters reservoir wettability towards a more favourable condition
for oil recovery. By reducing the salt content in the injected water, wettability shifts towards a more
water-wet state improving microscopic displacement, fluid flow and reducing the residual oil
saturation. It has been suggested that more than one mechanism may be present as the low salinity
effect (LSE) occurs under a variety of circumstances (Tang and Morrow 1999). However, a consistent
theory has so far not been established to explain the underlying mechanisms.

3.1 Low Salinity Effect in Sandstones

Chemical and physical properties vary between rock types (e.g. sandstones and carbonates), and the
related effect of LSW has not yet been fully determined. The majority of experiments conducted are
based on core flooding of sandstone, similar to the work by Tang and Morrow (1997). They worked
under the assumption that high salinity brine and injected low salinity water could influence
wettability at reservoir temperature. The wettability modification implied that adsorbed crude oil
components at the rock surface were partially reversed due to the decrease in salinity, hence
shifting surface preference towards water-wet conditions. Results confirmed that wettability
alterations improved oil recovery.

In the field, successful low salinity injections have been observed consistent with laboratory results.
In 2004, a log-injection-log trial was performed through a single well in a sandstone reservoir
showing significant increase in oil production due to low salinity injection (Webb et al., 2004). By
mobilization of residual oil in the near wellbore region, a 25 - 50 % increase in oil recovery was
detected. Ligthelm et al. (2009) also reported a Middle Eastern sandstone reservoir with 4-5 %
increase in oil recovery by LSW.

LSW has been evaluated at the Snorre field for increased oil production on the North Continental
Shelf (NCS) (Skrettingland et al., 2010). However, screening tests from core flooding, and a single well
field pilot, indicated low to marginal effects on oil recovery by low salinity injection in a third and
unconventional stage of production. LSW is at present a potential EOR technique to be tested in full-
scale reservoir performance on the NCS.
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Mechanisms influencing the performance of LSW such as fines migration, multi-component ion
exchange, electrical double layer expansion, and salt-inn effects will be briefly reviewed below.

3.1.1 Fines migration

Tang and Morrow (1999) identified the following necessary conditions for the low salinity effect
(LSE) to be present 1) adsorption of crude oil for mixed-wet conditions, 2) availability of significant
fines -and clay fractions, and 3) the presence of connate brine. It was assumed that crude oil
containing heavy polar compounds would adhere to the rock surface uncovered by connate brine
creating mix-wet conditions. When introducing a change in brine to the system, movable fines and
clays adsorbed with mixed-wet particles would relocate at the oil-water interface resulting in
increased water-wet conditions.

A decrease in permeability and increase in pressure drop also indicated that released particles could
increase microscopic sweep by blocking pore throats and diverting flow into un-swept areas (Tang
and Morrow 1999). However, Lager et al. (2006) questioned the link between particle release and
flow diversion. They argued that even though numerous observations were in agreement,
experiments performed by BP observed additional oil recovery without permeability reduction and
particle migration.

3.1.2 Multi-component ion exchange

One of the more accepted hypotheses was provided by Lager et al. (2006) based on the concept of
multi-component ion exchange (MIE). They postulated that Ca** and Mg”*- cationic exchange
between the mineral surface and injected low salinity water was responsible for the increase in
recovery. Multivalent cations in connate brine adhere to a negatively charged clay surface and bonds
to polar components in the oil phase forming organo-metallic complexes. In addition, organic polar
components may displace cations and adsorb directly onto the mineral surface increasing the oil-
wetness of the rock. During low salinity injection, MIE occurs where un-complex inorganic cations
replace organic polar compounds and organo-metallic complexes at the clay surface. As a
consequence, the system shifts towards increased water-wet conditions.

The MIE theory explains many of the results obtained in literature based on the importance of
connate brine containing divalent cations, and mineral rocks holding certain cationic exchange
capacities (Boussour et al., 2009). The theory of MIE confirms Tang and Morrow’s (1999) conclusion
that refined oil yields no effect to low salinity injection, because no polar compounds are present to
interact with the clay minerals (Lager et al., 2006). It also confirms why LSW gave no results on the
acidized and fired core experiments performed by Tang and Morrow (1999). Lager et al. (2006)
concluded that the removal and stabilization of fines by acidizing and firing reduced sensitivity to low
salinity injection by destructing the cation exchange capacity at the water-clay interface.

3.1.3 Electrical double layer expansion

Ligthelm et al. (2009) confirmed the theory proposed by Lager et al. (2006) that the presence of
multivalent cations in connate brine increase surface oil-wetness, and that LSW with a high cationic
content was partially responsible for the subsequent wettability alteration. However, they reasoned
that the major contribution towards increased water-wetness was the result of reduction in ionic
brine strength. Low brine potential yields an expansion of the electrical diffuse double layers
surrounding clay and oil particles resulting in electrostatic repulsion. Once these repulsive forces
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exceed the binding forces through the multivalent cation bridges, the oil particles will be desorbed
from the clay surface altering the wetting state.

3.1.4 Salt-in-effect and pH elevation

Alternative theories postulated to LSW are the “salt-in-effect” proposed by RezaeiDoust et al. (2009)
and the effect of localized pH elevation by Austad et al. (2010). The proposition by RezaeiDoust et
al. (2009) is based on increased solubility of organic materials due to the presence of two-valent ions
within the low salinity phase. Because of increased solubility, some organic material may desorb
from the clay and improve water wetness. Austad et al. (2010) defines LSE as a consequence of
cation desorption at the clay surface that induces a local pH increase when the cation is substituted
with a H" molecule from the injected low salinity water. A normalized acid-base reaction occurs
between H" and OH  molecules increasing water wetness.

3.2 Low Salinity Effect in Carbonates

Carbonate reservoirs make up to 50% of the world proven hydrocarbon reserves However, due to
the fairly heterogeneous nature in terms of porosity and permeability, recovery factors are observed
to be less than 30% OOIP and the IOR potential from carbonates is therefore high. Carbonate
reservoirs have a high organic content, but recoveries remain low due to a low matrix permeability
generally ranging between 1-10 mD and extensive fracture systems (Hggnesen et al., 2005). The high
permeable fractures in carbonates carry the majority of flow, and the absence of viscous forces
across the matrix are negative for production (Ferng, 2012). Hence, in carbonates, capillary
imbibition remains the main recovery mechanism compared to viscous displacement.

Most carbonate reservoirs are preferentially oil-wet, and the wettability preference reflects the
imbibition potential of the reservoir (Hggnesen et al., 2005; Ferng, 2012). Because of the negative
capillary pressure in carbonates, the water imbibition associated with conventional waterflooding
will not spontaneously displace oil from matrix (Hggnesen et al., 2005). The injection of low saline
water in carbonates will hence experience reduced spontaneous imbibition since reservoirs are
basically oil-wet.

However, research has revealed increased oil recovery from certain carbonates exposed to LSW. The
effect was investigated by Romanuka et al. (2012) through spontaneous imbibition experiments on
oil-bearing outcrop chalk, reservoir limestone and dolomite, resulting in increased recovery from
several of them. It is generally accepted that the increased recovery by LSW in carbonates is due to
wettability modifications of the mixed-oil wet surface. However, due to the fractured nature of
carbonates, it may be questioned to what degree low saline water is able to imbibe into the oil-wet
matrix inducing wettability alterations. Sandengen and Arntzen (2013) proposed osmotic diffusion to
be a driving force in overcoming the negative capillary pressures of oil-wet rock, causing counter-
current flow during spontaneous imbibitions experiments. Hence, small-scale diffusion processes
driven by osmotic pressure gradients can be the mechanism for EOR in carbonates as well as
sandstones.
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3.3 Visualization of Low Salinity Effect

A majority of experimental work on LSW is based on core scale experiments and study of wettability
changes through relative permeability curves and spontaneous imbibition tests. However, present
new developments in micromodel visualization may be used to detect possible fluid-fluid interactions
during low salinity waterflooding directly at the pore level. Parameters for maximum oil recovery
may be investigated, and theories for predicting the performance of LSW can be developed and
further quantified by core flood experiments.

Visualization studies on low salinity injection through micromodel experiments were reported by
Emadi and Sohrabi (2013). During their studies, a mixed-wet micromodel saturated with high salinity
brine and crude oil was utilized. When low salinity water came in contact with crude oil, water micro-
dispersions formed at the oil-water interface and within the oil bulk phase. A hypothesis was
developed, explaining the formation and coalescence of micro-dispersions based on the dual nature
of crude oil surface-active molecules. These surface-active compounds, called monomers, consists of
two functional groups, one hydrophilic (water-soluble) and one hydrophobic (oil-soluble), and work
as natural surfactants (Zoloutkhin and Ursin, 2000). When crude oil is brought in contact with an
aqueous phase these natural surfactants accumulate on the water/oil interface. If accumulation is
increased above a critical concentration, an ordered aggregation of surfactant molecules (micelles)
will form in either the aqueous phase or oil phase depending on salinity content (Zolotukhin and
Ursin, 2000).

Emadi and Sohrabi (2013) explained that when the ionic strength of the injected water was lowered,
the monomers would migrate from the oil-water interface of the low saline water into the oil phase.
The monomers in the oil would further create reverse micelles around water cores found within the
bulk, defined as water micro-dispersions. The concept of connate water swelling occurs as the water
micro-dispersions flow through the oil phase and mix with the connate water, causing the brine
phase to expand. If high salinity water is introduced back into the system, the water micro
dispersions become unstable and collapse, leaving behind droplets of water in the oil phase.

Two mechanisms were credited the increase in oil recovery, 1) wettability alteration towards water-
wet conditions, and 2) connate water swelling. However, Emadi and Sohrabi (2013) did not attempt
to explain what mechanisms could be active in the transport of water micro-dispersions through the
oil phase. With reference to the findings of Sandengen and Arntzen (2013), it could be argued that
the crude oil acts as a semi-permeable membrane transporting water micro-dispersions in the
presence of an apparent salinity gradient. If the salinity gradient is sufficient, an osmotic diffusion
process could be considered as a contributing effect to low salinity waterflooding and oil
mobilization. This effect will be discussed below, emphasizing on mobilization of residual oil by
osmotic diffusion.
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3.4 Osmosis during Low Salinity Waterflooding

In an oil/water/rock system containing high salinity connate brine, the injection of low salinity water
results in a salinity gradient between the two aqueous phases. Due to this salinity gradient, an
osmotic pressure will be present to induce molecular diffusion between the two phases. Molecular
diffusion by osmosis occurs in systems where a semi-permeable membrane separates phases of
different concentration, passing only pure solvents (e.g. water) and no solutes (e.g. salt) (Chang,
2008). Hence, the osmotic pressure gradient causes water molecules to move from areas of low salt
concentration (with a surplus of water molecules), to areas of high salt concentration. The osmotic
process is illustrated in Figure 3.1. Water transport through the membrane will stop up when salt
concentration is the same on both sides.

Low-salinity water High-salinity water

Qsmofi€ gradient — Nacl

— s —> H,0

Semi-permeable membrane

Time

EQUALIZED

Figure 3.1 - Osmotic diffusion through a semi-permeable membrane. Water molecules from a low salinity
concentration diffuse through the semi-permeable membrane into the high salinity phase. The semi-permeable
membrane acts like a fine filter passing only the pure solvent (water), but is impermeable to the solute (NaCl).
Osmotic diffusion ceases as the concentration difference is equalized.

In a given oil/water/rock system, it is plausible that osmotic diffusion will occur with the intermediate
oil layer acting as semi-permeable membrane transporting water molecules from the low-salinity to
the high-salinity side. As a result, the inaccessible connate brine will expand and displace the oil layer
towards the low salinity phase for enhanced oil recovery.

The degree of osmotic diffusion is determined by the amount of water flux through the semi-
permeable membrane. The water flux can be calculated using Fick’s law given as,

Jy :_DAB(%J (3.1)

Where J, is the flux of low salinity water A [moI/st], (0Ca/0X) is the concentration gradient between
the aqueous phases across the diffusion distance [mol/m], and Dag is the diffusion constant of low
salinity phase A to high salinity phase B [m/s] (Berg, 2010).
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The concentration gradient depends on the relative difference in salt concentration between the two
water phases. Water flux through the membrane will generally start to cease as the concentration
gradient is reduced by dilution of high salinity water. Fick’s law also state that the amount of water
flux is proportional to the diffusion constant Dag. This diffusion constant is temperature dependent,
meaning diffusion will increase with increasing temperature. When the diffusion coefficient is
evaluated the Stokes-Einstein equation is used. From this equation the following relationship
between the diffusion constant, temperature and viscosity is,

DABOC; (3-2)

Where T is the absolute temperature and W is the dynamic viscosity of the fluid. The diffusion
constant can be measured through various oil compositions. Lower number alkenes tend to have a
higher diffusion constant, while higher viscosity yields a lower diffusion constant.

Experiments conducted by Ellila (2012) showed that the water flux through the oil phase would
improve with an increase in osmotic gradient. In terms of chemical thermodynamics, the diffusion
process through the oil membrane is a result of the difference in chemical potential between the two
aqueous phases. The chemical potential is an inverse function of concentration. Hence, for low
salinity water the chemical potential will be high, while for high salinity brine the chemical potential
will be low. Equilibrium is established when the difference in chemical potential is reduced to zero. In
a porous medium this equals the point where the high-saline brine is 100% diluted by the low-salinity
water.

3.4.1 Osmotic diffusion in fractured shale formations

The effect of osmotic pressure, caused by salinity contrasts, has also been used to enhance oil
production from unconventional oil-wet shale (Fakoharoenphol et al., 2014). The majority of shale
formations have a diverse mineralogy similar to that of carbonates, and generally high amounts of
clay sediments. Due to the wide pore-size distribution, as defined by Kuila and Prasad (2013), it is
believed that these clay sediments have the potential of acting as semi-permeable membranes,
passing and restricting certain solute particles. The semi-permeable membrane property of clays can
be explained by the electrical double layer expansion theorem of Ligthelm et al. (2009). During
hydraulic fracturing, the injection of low salinity water at high pressures will create a salinity gradient
to the initial high salinity brine. When low salinity water contacts clays, the electrical double layer
between sheets will expand, forming a neutral zone passing only neutrally charged water molecules
to the centre of the porous structure.

It was proposed by Fakoharenphol et al. (2014) that shale swelling during drilling should be
attributed to osmotic pressure. Hence, a theory was presented on osmotic induced flow in shale as
illustrated in Figure 3.2. Initially, oil saturates the larger part of the nano-pores and the high salinity
water is bound to clay laminations. During LSW, the injected low saline water contacts the clay
sediments and the non-polar water molecules flow through the neutral zones in presence of an
osmotic gradient. The increased water saturation within the clay structure causes the clay to swell,
and the pressure within the nano-pore increases until oil is relocated through larger meso-pores.
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Figure 3.2 - Osmotic induced flow in shale (Fakoharenpol et al., 2014). A) Oil occupies most of the pore space
while formation water is bond to clay laminations. B) Low salinity water contacts the clays, and water
molecules enter the nano-pores due to the osmotic pressure gradient. Clay swells and the built up pressure
expels oil through larger pores.

In addition, as shale formations are mainly oil-wet, multivalent bridging of oil molecules to the
negatively charged clay surface adsorb based on the MIE theory by Lager et al. (2006). Water-
wetness and the relative permeability to oil increase mobilizing irreducible oil saturation.
Fakoharenphol et al. (2014) illustrated the effect of osmotic pressure by performing spontaneous
imbibitions experiments on oil-wet shale samples. Results showed significant improvement on oil
displacement when submerged in low salinity water.
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4 Miscible CO, Injection

Carbon dioxide (CO, has been used for EOR since 1972, when the first miscible CO, flood was
performed at the SACROC Unit in Texas, United States (Lambert et al. 1996). It was expected that
miscible CO, injection would yield additional recoveries of 8 — 16 % of OOIP after waterflooding from
the given unit. In 2012, SACROC still produced nearly one million barrels a year, 40 years after EOR
was initialized (Meltzer, 2012). The same year, estimates showed that miscible CO, injection had
reached 5 % of the United States total crude oil production (Enick and Olsen, 2012).

CO, is one of the most abundant gases in the atmosphere. The burning of fossil fuels (i.e. oil, gas, coal
etc.) releases high amounts of CO, into the air, and is a source for carbon-based emissions. CO, is a
factor in global warming and in order to reduce the amount of CO, released to the atmosphere by
fossil fuels, a worldwide carbon capture and storage (CCS) program has been initiated, urging the
petroleum industry to invent more effective ways to integrate the produced CO, in EOR, and/or store
amounts of injected CO, in underground reservoirs (Iglauer, 2011).

The Norwegian petroleum industry has gained significant experience with CO, storage on the North
Continental Shelf (NCS). Since 1996, CO, from the Sleipner Vest field has been recycled into the
Utsira formation for storage (NPD, 2014). The availability for gas storage on the NCS is large, but the
lack of CO, has halted further project development. CO, for EOR remains primarily an active
technique in the US, where 74.4 % of CO, for EOR is available through natural gas reserves (Enick et.
al., 2012).

4.1 CO, Injection in Shales

It has been postulated that osmosis during LSW can act as contributing mechanism in EOR from shale
formations (Fakoharenphol et al. 2014). However, LSW will not be a practical investment in tight-
shale formations because of its low injectivity potential. Even in combination with hydraulic
fracturing, LSW would require a long payback period if osmotic diffusion and LSE was the only
contributing mechanisms. The effect of osmotic diffusion by LSW is still being researched, hence
other methods need be considered for EOR from shale oil reservoirs as a supplement to secondary
water -or gas injection.

Ongoing research at the Dept. of Physics and Technology (UoB) focus mainly on CO, gas for EOR and
carbon storage during production. A wide range of research activities has previously been
investigated, such as CO, foam for mobility control and integrated EOR (IEOR) (Haugen et. al., 2014)
and visualization of CO, diffusion in fractured chalk (Eide et al. 2013). A favorable characteristic of
CO, compared to other gases is miscibility with resident oil at reservoir conditions.

The majority of performance -and evaluation studies on miscible CO, injection for shale oil recovery
are provided by numerical reservoir simulations. Simulation studies conducted on miscible CO,
flooding include both continuous and cyclic injection schemes, and field scale tests (Vega et. al.,
2010; Dong and Hoffman, 2013; Chen et. al., 2014). Some core-scale laboratory studies on miscible
CO, injection in unconventional shale exist focusing on improved oil recovery (Kovscek et al. 2008;
Gamadi et al. 2014).
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4.1.1 Continuous CO, injection

Kovscek et al. (2008), performed core-scale CO, injection into siliceous shale for the purpose of
improving oil recovery. The experiment was conducted at near miscible conditions, and resulted in a
10% increase of OOIP by continuous CO, injection (after initial counter-current production in a closed
downstream system). In 2010, an extension to the study by numerical simulation was conducted by
Vega et al. (2010).They simulated miscible CO, injection into low permeable shale with the same
characteristics as Kovscek et al. (2008) (permeability of 1.3mD, and porosity of 34%). By using the
same production scheme, results yielded an additional recovery of 39 %0OOIP by continuous CO,
injection. The total recovery estimate was 93%.

4.1.2 Cyclic CO; injection

Chen et al. (2014) simulated the potential of cyclic CO, injection as a potential secondary recovery
method for reservoir shale oil. In cyclic injection, CO, is exposed to the formation for a certain
soaking period and recovered due to the pressure build-up caused by oil swelling. Findings showed
that recovery rates from the initial CO, cycle peaked at values above that of primary production.
However, during progressive cycles, the rates declined because the production periods could not
compensate for the recovery loss during injection -and soaking.

The importance of shut-in period on cyclic CO, injection was further investigated by Gamadi et al.
(2014), in addition to enhanced oil recovery. Experiments were performed on core samples in
laboratory and it was discovered that re-pressurization was an important factor for ultimate
production. A higher number of cycles and shorter shut-in periods lead to better recovery. In terms
of oil production, their work provided an additional recovery of 10-29% and 33-85%O0OIP for
different shale types under various operating conditions.

Based on the encouraging results from both simulations and experimental studies, miscible CO,
injection is shown to be a suitable EOR method for shale oil reservoirs. Implementing miscible CO,
during the cyclic injections gave positive recovery results, even if no conclusions were drawn to its
contributing mechanisms (Gamadi et al., 2014). The simulation results of Vega et al. (2010) indicated
the potential of achieving almost 100% oil recovery from siliceous shale by miscible CO, injection.
However, further work needs to be performed on laboratory core-scale to fully explore the potential
of CO, injection in shale formations.

Miscible CO, may increase flow through the shale structure due to the higher mobility of oil when
mixed with CO,. This thesis investigates the possible effect of miscible CO, injection in tight (< 1mD)
low porosity reservoir shale. The objective is to quantify the residual oil production (%0O0IP) by
continuous CO, injection, and determine the effect of displacement, miscibility and flow capacity.
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4.2 Mechanisms during CO, Injection

In miscible CO, injection, pure CO, constitutes over 95% of the overall injected composition (Meltzer,
2012). The gas has shown itself to be a very effective solvent, providing better sweep efficiency than
other lean gases (i.e. CH, or N,) (Zolotukhin and Ursin, 2000). Since CO, is highly mobile, it is often
integrated with other EOR techniques such as water-alternating gas (WAG), or CO, foam (CO, +
surfactant) for mobility control and improved displacement efficiency.

CO, is known to be highly soluble with oil causing it to swell and the resulting miscibility reduces
viscosity and increases oil mobility Figure 4.1. The gas is to a lesser extent soluble in water, but CO,
will increase water-viscosity towards a favourable macroscopic displacement with time (Latil, 1980).
In addition, CO, gas has the capability of extracting heavier components of Cs-C3, from crude oil
compositions, where lean gases only extract intermediates of C,-Cs (Skarestad and Skauge, 2012).
During tertiary recovery, the implementation of miscible CO, will decrease the interfacial tension
between water and residual oil, improving the microscopic sweep efficiency.

o, olL
i

Injected CO2 COz and Oil expands and
encounters oil mix moves towards
trapped oil producing well

Figure 4.1 - CO, WAG process (NPD, 2014). 1) The injected CO, comes in contact with residual oil, 2) The CO,
mixes with the oil phase due to its high solubility, 3) The oil phase swells and mobility increases. Drive water
provides additional displacement of oil towards the production well.

4.2.1 Physical properties of CO,

The physical properties of CO, change with temperature and pressure. At standard conditions (25 °C,
0.987 bar) CO, is in gas phase, but transits into liquid or supercritical state as temperatures and/or
pressures are increased. Figure 4.2 shows a typical phase diagram for CO,. During a miscible injection
CO, is either liquid or supercritical depending on reservoir conditions. At temperatures and pressures
above the triple point (where the three phases coexist), CO, will be in its liquid phase. At the critical
point, CO, will be in supercritical state behaving both as gas and liquid with no phase boundary.
According to NIST (2011), CO, reaches supercritical state at a temperature of 30.98 °C and a pressure
73.8 bar.
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Figure 4.2 - Phase diagram for CO,. The red dots represent the experimental conditions under which CO, was
used in this thesis. Experiments were performed at 1) 100 bar and 25 °C liquid state, 2) 100 bar and 60 °C
supercritical state, and 3) 160 bar and 60 °C supercritical state (1bar = 0.987 atm). Modified from Picha (2007).

Both density and viscosity are pressure dependent variables. As illustrated in Figure 4.3, both
viscosity and density of CO, increase with increasing pressure under isothermal conditions. At low
temperatures (i.e. 20 °C), the phase transition from vapour to liquid is a direct shift where viscosity
and density increase instantly. The instant increase occurs because the system is below the critical
temperature (30.98 °C) when CO, changes from gas to liquid. At higher temperatures (i.e. 60 °C), the
phase transition from gas to supercritical occurs gradually with increasing pressure. This gradual
change from one state to another is due to the similar properties of liquid and supercritical CO,. In
miscible recovery, the higher CO, density and viscosity compared to other gases is favourable. High
density provides less gravity segregation, and higher viscosity provides a positive mobility ratio.
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Figure 4.3 - Viscosity and density of CO, at isothermal conditions (Brattekds, 2014). Graphs show viscosity of
CO, vs. pressure (left), and density of CO, vs. pressure (right). The black dashed curves represent the critical
temperature 30.98 °C where CO, shifts into supercritical state.
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4.2.2 Miscibility of CO,

At given conditions, CO, acts like an effective solvent that extracts light and intermediate
hydrocarbons from the reservoir oil (Skarestad and Skauge, 2012). The resulting miscibility may be
partial or complete depending on fluid properties, temperature and pressure. Miscible CO, floods are
either first-contact, or multiple-contact miscible (Terry, 2001). At first-contact miscibility, CO, is
directly dissolved into the oil phase. By multiple-contact miscibility, intermediate oil components mix
gradually with the CO, across a transition zone. The back of the transition zone is completely miscible
with injected CO,, while the front is miscible with the reservoir oil.

Compared to other gases, CO, has the advantage of low minimum miscibility pressure (MMP), the
minimum pressure required to develop a miscible displacement (Skarestad and Skauge, 2012). By
slim-tube experiments, MMP can be determined by constructing an MMP-curve Figure 4.4 (Yellig and
Metcalfe, 1980). The curve plots recovery factors for a given pore volume CO, injected at various
pressures. The pressure at which the curve levels off determines the MMP. Above this point, further
increase in pressure will not enhance oil recovery as miscibility is obtained.
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Figure 4.4 - MMP curve (Yellig and Metcalfe, 1980). Displacement pressures vs. recovery (%00IP) are plotted
after 1.2 pore volumes (PV) CO, injected. The plateau defines the MMP for the given oil composition.

Ternary phase diagrams determine if, and after how many contacts, miscibility may be achieved at
given pressure (Farouq and Thomas, 1989). Figure 4.5 shows a ternary diagram illustrating first-
contact and multiple-contact miscibility processes. The three corners of the diagram represent
different compositions of the injected gas, from light (C,), intermediate (C, - C¢) to heavy components
(C;). The two-phase line encloses the region at which reservoir composition is both gas and liquid.

The two-phase line is divided into a dew point curve (upper) and a bubble point curve (lower) at the
plait point. Above the dew point curve the reservoir composition is saturated with gas, and below the
bubble-point curve the composition is saturated with liquid. The tangent to the two-phase region at
the plait point is called the critical tie line.
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Figure 4.5 - Ternary phase diagram describing the different miscible processes. I, and J, are oil and gas
compositions respectively. Dilution paths are shown for first-contact miscibility (1,-J3), vaporizing gas drive (I,-J;),
and condensing gas drive (1;-J,). In addition, immiscible displacement with a dilution path crossing the two-
phase region on the same side of critical tie line is illustrated (I;-J;). Modified from (Skarestad and Skauge,
2012).

A dilution path line connects the reservoir oil composition I, to the injected gas J,. If the dilution path
crosses outside the two-phase region, as for (l,-J;) displacement will occur entirely within one phase.
First-contact miscibility is achieved. However, if the dilution path crosses the critical tie line into the
two-phase region, multiple-contact miscibility occurs (Skarestad and Skauge, 2012).

Multiple-contact miscibility can be either a vaporizing gas drive by (I,-J;) or a condensing gas-drive by
(1,-J,) (Skarestad and Skauge, 2012). In a vaporizing gas drive, intermediate components from lighter
reservoir oils are vaporized into the injected dry gas upon contact (Faroug and Thomas, 1989). In a
condensing gas drive, components condense from an intermediate saturated gas into the heavy
component reservoir oil. The latter is the case for miscible CO, injections performed in this thesis, in
addition to first-contact miscibility.

4.2.3 Transport mechanisms during miscible displacement

Miscible displacements are influenced by mechanical transport of solutes (CO,) through dispersion
mechanisms (Perkins and Johnston, 1963). Dispersion is a process in which one phase is distributed
within a bulk phase creating a continuous system due to molecular diffusion and/or convection
transport (Delgado, 2007). During miscible CO, flooding, the bulk phase is the under-saturated
reservoir oil and the dispersed phase is the injected CO,. For low fluid velocities U, were U — 0,
dispersion is solely determined by molecular diffusion (Delgado, 2007). At higher velocities,
dispersion becomes purely fluid mechanical, and is to a greater extent controlled by convection.
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Dispersion is dependent on reservoir heterogeneity, and transport is therefore divided into
longitudinal (direction of fluid flow) and transverse (opposite to fluid flow) dispersion (Perkins and
Johnston, 1963). Transverse dispersion combines the effect of both molecular diffusion and
convection in moving particles across streamlines. In longitudinal dispersion, particles are moved
along streamlines by radial diffusion, but the effects are degraded as velocity profiles accelerate. At
higher velocities, turbulence occurs causing the local fluids to mix. Transverse dispersion is therefore
less effective than longitudinal ((Perkins and Johnston, 1963; Hart et al. 2012; Delgado, 2007).

Molecular diffusion is the constant irregular movement of gas molecules across an interface due to
concentration differences between the phases (Perkins and Johnston, 1963). In a miscible
displacement, the molecules within each phase will be equally attracted to their own kind as to the
molecules within the opposing phase (Zolotukhin and Ursin, 2000). The molecular attraction is,
however, greater in the more dense fluid, and a molecular pressure gradient will appear across the
interface. The pressure gradient causes molecules to move and accelerate and eventually result in
diffusion across the boundary zone. Due to the larger concentration of molecules in gas phase,
diffusion continues until equilibrium is reached between the injected gas and reservoir oil. The
interfaces vanish and miscibility is obtained Figure 4.6.
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Figure 4.6 - Molecular diffusion. A high concentration of gas molecules is in contact with denser oil phase under
miscible conditions. Due to the pressure gradient across the interface, and the irreqular movement of gas
molecules, a molecular diffusion process occurs. Diffusion stops as equilibrium and miscibility is achieved.

Convection occurs due to density gradients within the porous media (Ghorayeb and Firoozabadi,
2001). During miscibility, density will change as gas diffuse and mix with the oil phase. The density of
the oil will decrease and the lighter composition will rise within the reservoir due to gravity forces. As
a result, denser oil will replace the lighter composition, resulting in circulation of fluids from one
region to another (Perkins and Johnston, 1963).

In fractured reservoirs, where channelling is likely to occur during CO, injection, molecular diffusion
will be an important transport mechanism (da Silva and Belery, 1989). The diffusion process provides
means for oil recovery by increased oil pressure due to swelling. For unconventional shale, where
hydraulic fracturing provides the basis of permeability, molecular diffusion during miscible flooding is
likely to have significant effect on enhanced oil recovery.
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In cases of water shielding, where water saturation restricts contact between CO, and oil, molecular
diffusion will contribute to displacement over time. Because CO, has the ability to diffuse through
water, CO, will eventually reach the trapped oil, and swelling will displace the shielding water
(Campell and Orr, 1985). This process is illustrated in Figure 4.7. This particular form of molecular
diffusion through a water membrane is termed osmosis.
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Figure 4.7 - Schematic illustration of oil swelling due to CO, molecular diffusion through water membrane. a)
CO, is injected into the channel, but water shielding blocks contact between CO, and residual oil in dead-end
pore, b) Due to molecular diffusion, CO, diffuse through the water membrane and oil starts to swell, c) The
resulting oil expansion pushes the shielding water into the channel. Modified from (Campbell and Orr, 1985).
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Part 2 — Experimental Setups and Procedures

All experiments presented in this thesis were conducted at the University of Bergen (UoB), Dept. of
Physics and Technology. This part of the thesis lists the fluids and materials used when performing
LSW in micromodels and miscible CO, injection in tight shale. The setup and equipment are
described, and the preparations and procedures for executing the two experiments are reviewed.

5 Fluids and Materials

5.1 Fluids

Fluids used and their characteristics are listed in Table 5.1. Synthetic Brines A, B, and C were made
specifically for the experiments related to low salinity waterflooding and osmotic mobilization.
Mineral oils with different carbon numbers were applied to compare the osmotic effect on various oil
compositions. During CO, injection, brine was not used because initial water saturation was already
present. Shale cores were only saturated with oil. Both sets of experiments were based on refined oil
tests (n-Hexane, n-Heptane and n-Decane) to investigate the effect of osmotic visualization and
miscible CO, injection in systems of simple oil chemistry and single MMPs, before performing
experiments by multi-component Ekofisk crude oil.
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Table 5.1 - Fluid properties of oils, brines and CO, gas at experimental conditions

Fluid Composition Conditions Density [g/cm’]? | Viscosity [cP]?
n — Hexane CeHia 1 bar, 25 °C 0.655 0.296
n — Heptane C;H4 1 bar, 25 °C 0.680 0.388
100 bar, 25 °C 0.734 0.951
n — Decane CioH12
100 bar, 60 °C 0.709 0.609
53 wt.% HC 1 bar, 20°C 0.849 14.5
35 wt.% aromatics
Ekofisk crude oil" 12 wt.% resins 3
1 bar, 60 °C 0.829£0.014 -
0.90 wt.%
asphaltenes
Brine A (high
. 5 wt% NaCl 1 bar, 25 °C - -
salinity water)
Brine B (high
o 20 wt% NaCl 1 bar, 25°C - -
salinity water)
Brine C (low .
o Distilled water 1 bar, 25 °C 0.997 0.890
salinity water)
100 bar, 25 °C 0.818 0.0739
CO, gas o
. >99.999 % CO, 100 bar, 60 °C 0.290 0.024
(5.0 purity)
160 bar, 60 °C 0.638 0.050

7 Composition of Ekofisk crude oil obtained from (Graue et al., 1999). I Density and viscosity values are
gathered from (NIST, 2011). 3 Density of Ekofisk Crude at 60°C was experimentally measured. The uncertainty
was calculated by equation A5, Appendix A.

CO, was used at various pressures and temperatures affecting its physical state. In experiments
performed by CO, injection for oil production from low permeable shale, liquid CO, and supercritical
CO, for miscible and multiple-miscibility displacement processes were applied.

5.2 Sandstone Micromodels

Sandstone micromodels representing a 2D porous media were used for visualizing pore scale
mechanisms, such as fluid distribution and displacement processes, during osmotic mobilisation. The
micromodels were constructed by etching structures from thin section analysis of Berea sandstone
into Silicon wafers. The resulting pore structures and flow paths manufactured at specific depths
were bonded to a glass plate allowing fluid flow and interactions to be studied through a microscope.

The high-resolution micromodels were constructed at the Stanford Nanofabrication Facility (SNF)
using specialized imaging, etching and bonding techniques to represent a two dimensional section of
a real porous media (Hornbrook et al., 1991; Woody et al., 1996). Detailed descriptions of the steps
involved in manufacturing the micromodels are published by Hornbrook et al. (1991). The procedure
consists of five steps; photography, digital manipulation, image mask construction, image
transfer/etching, and model construction. A specialized deep-reactive ion etching (DRIE) technique is
used to etch the two-dimensional pore network of Berea sandstone into the silicon wafer creating
surface roughness on the vertical wafer walls (Buchgraber, 2012). The strongly water-wet
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characteristic of the micromodel is obtained by a thin oxide layer that develops on the surface of the
structure during bonding of the etched silicon wafer to its glass cover plate.

As described by Rangel-German and Kovscek (2006), four ports for either injection or production
were drilled into the glass plate to connect with the porous network. In addition, two fractures were
etched into the silicon wafer for observing matrix-fracture interactions. These fractures were located
between the fluid distribution ports, one in the upper and one in the lower part of the porous media.

The two-dimensional silicon wafer micromodels fully represent typical Berea sandstone at a 1:1 scale
(Rangel-German and Kovscek, 2006). Figure 5.1 shows a schematic of a fully constructed micro
model. It visualizes the etched pore network, with the location of the four distribution ports relative
to the lower and upper fractures. The grains within the pore network appear as “islands” and the
etched pores and throats appear as “channels”. The coordination number, i.e. the average number of
flow entrance/exit paths from the pores, range from 1 — 5 (Gauteplass et al., 2013).

o Upper fracture ‘l. I P |
57 et NS © O S KoV Wk .

VAR A=A A < ¥ &aal ﬁI’
) A A ) ] S Y B

/ K IRE dha [ UF )

\

A\ Y )
1

Etched porous
> network

S 3 > S =
A= Ga\ X
8 T o
Lower facture

1 2

Figure 5.1 - Schematic of a micro model. The etched pore network is connected to the lower and upper fracture,
which in turn is connected to the fluid distribution ports. Distribution ports are numbered 1-4. Either one of the
ports can be used for injection or production depending on the boundary conditions for the experiments.

Scanning electron microscopy (SEM) images of the silicon micro models, show flow channels to be 25
um deep, as shown in Figure 5.2 (a) (Rangel-German and Kovscek, 2006). Figure 5.2 (b) shows
measured grain dimensions performed by Follesg (2012). The results ranged from 214.45 um to 9.55
pum in a Berea sandstone micro model.

Figure 5.2 — (a) Depth measurements of a Berea sandstone silicon micro model by Scanning Electron Microscopy
(SEM) images (Rangel-German and Kovscek, 2006), (b) Grain size measurements taken at 20x magnification to
identify the grain size range in a Berea silicon micro model (Follesg, 2012).
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Two types of silicon wafer models are used depending on pressure regime. These are titled
respectively as low-pressure and high-pressure micromodels. The low-pressure models have low
strengths and only small differential pressures (2-3 bars) can be applied across the models (Follesg,
2012). The high-pressure models can in theory withstand pressures up to 150 bars and be applied
under a wider range of experimental conditions. The general properties regarding etching depth,
grain size and coordination number are fundamental for size while porosity and permeability vary.

5.2.1 Low-pressure models

A picture of the low-pressure micromodel can be found in Figure 5.3 (a). The micromodel has a 5x5
cm? etched pore network (matrix), containing 3.5x10° pores distributed across the area with a flow
distribution channel (fracture) width of 1250 um (Gauteplass et al., 2013). The porosity measured on
microscope images is 52 %, and the average matrix and fracture permeability are 700mD and
1500mD respectively (Follesg, 2012).

Etched pore
network

Figure 5.3 - (a) Low-pressure micromodel with specified dimensions, (b) Low-pressure silicon micromodel
mounted in aluminium-Plexiglas holder. The aluminium part has a window for studying the porous network,
while the Plexiglas has distribution ports for injecting and producing fluids.

When performing experiments with low-pressure micromodels, specially designed holders
manufactured at the UoB Dept. of Physics and Technology are used (Follesg, 2012). These
micromodel holders consist of two plates, one made of aluminium for positioning the model, and
one made of Plexiglas with holes (ports) for injection and production. The aluminium plate is
designed with a window through which the porous network can be studied, and the distance
between the microscope objective and the model has been minimized. Small gaskets are located
around the distribution ports in the Plexiglas plate to prevent leakage. The Plexiglas is placed on top
of the micromodel and fastened. NPT fittings and tubing are connected to the four holes for injecting
and producing fluids. A low-pressure silicon micromodel mounted in a holder is visualized in Figure
5.3 (b).

5.2.2 High-pressure models

A picture of a high-pressure micro model can be seen in Figure 5.4 (a). The dimensions of the pore
network are 2,76x2.16 cm and the estimated porosity is approximately 60% (Hgyland, 2014). The
width of flow distribution channel is 715.5 um. Permeability measurements were performed on fully
assembled high-pressure micromodels by water injection using Darcy’s law (cf. equation 2.4, section
2.2.3). One assumption was made when calculating the matrix permeability: a radial displacement
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was assumed and the length of the diagonal network was hence divided in two too represent the

length of the matrix cross-section. The matrix permeability was calculated to be 3.3+0.1*10™ D and

fracture permeability 67.8+0.3 D (cf. equation A2, Appendix 2 for uncertainty calculations).

f———

2.76 cm

Etched pore
network

——

a) Channel width 715.5 pm

Figure 5.4 - (a) High-pressure micromodel with specified dimensions, (b) High-pressure micromodel mounted in

aluminium micromodel holder. The bottom part has a window for studying the porous network, and the top
part seals off the micromodel and has distribution ports for injecting and producing fluids.

Specific guidelines issued by the manufacturer were followed when assembling the high- pressure
micromodels in their holders as shown in Figure 5.4 (b). Figure 5.5 shows the steps in assembling a

1.7mm high-pressure model. The mounting of the micromodel and the specific equipment used are

described below.

AR A

4

6

Figure 5.5 - lllustration of high-pressure micromodel assembly. 1) The top part of the aluminium holder is placed

with the housing facing up. 2) Nano-ports are positioned in their respective holes. 3) Gaskets are located around

the holes of the nano-ports. 4) The micromodel is placed with the silicon wafer facing up. 5) The bottom of the

holder is positioned above the model, and fastened with screws. 6) A complete micromodel assembly is shown

with 1/16 Peek tubing connected.
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Step 1: All parts used in assembling the micromodel are thoroughly cleaned before mounting.
Isopropanol is used to clean the different parts and compressed air is used to dry and blow away dust
and particles.

Step 2: The female NanoPorts are placed in their respective holes in the top of the holder, and the
bottoms of the NanoPorts are levelled with the surface of the micromodel chamber.

Step 3: 0.5 mm thick port gaskets (N-124-02) are placed into the recess surrounding the holes at the
bottom of the NanoPorts. These gaskets are installed to prevent leaks and provide pressure
resistance for the micromodel when mounting the parts together.

Step 4: The micromodel is placed on top of the gaskets with its silicon side facing up, precisely
levelled with the edge of the aluminium holder.

Step 5: The bottom part of the holder, providing the window for observation, is placed on top of the
silicon micromodel. Eight stainless steel screws are carefully finger-tightened to assemble the two
aluminium parts, starting in adjacent corners.

Step 6: After finger-tightening the screws, a torque key is used to apply a momentum of 0.5 Nm,
securing the two aluminium parts together. This is the maximum force that can be applied in order to
not break the model.

Step 7: Male nuts with 360 um O.D. capillary peek tubing were then finger-tightened to the female
NanoPorts for fluid injection and production.

Time, testing and failures had to be taken into account when working with the high-pressure models.
In assembling the holders the micromodels revealed great sensitivity to torque when securing the
two aluminium parts together. When the micromodels were initially mounted, injection tests had to
be performed to ensure that the models were assembled correctly (no leakage). Several pressure
tests were also conducted to confirm that the models could withstand pressure at experimental
conditions. In addition, manufacturing deficiencies were detected such as brittle distribution holes
and misaligned fluid ports.

5.3 Tight-Shale Core Samples

Experiments investigating miscible flow and oil production from low permeable shale were
conducted on three 1.5inch diameter reservoir shale samples received from a formation in the US.
The samples were extracted from a formation of three structural layers, a middle-section of sand-and
siltstones, a lower section source rock and an upper section seal of high organic content. Two of the
shale cores, sample 3i and 4i, were unpreserved upon arrival, while shale core 12iA was kept semi-
preserved in wax. It was assumed that the sample porosity ranged between 4-5%. All reservoir cores
were measured and weighed upon arrival, and permeability values were estimated. The geometric
properties can be seen in Table 5.2.
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Table 5.2 - Geometric properties measured for the various shale cores

Core ID | Length [cm] | Diameter [cm] | Bulk volume | Porosity | Pore volume | Initial weight
+ 3£-03" + 2€-03" [em’] [%] [em’] [g] £ 0.01
12iA 2.450 3.820 | 28.08 +0.05 ~5.0 1.40 +0.05 70.35
3i 3.798 3.796 | 42.98 +0.07 ~4.8 2.06 + 0.07 111.27
4i 3.923 3.796 | 44.40+0.07 ~4.5 2.00+0.07 114.45

U Uncertainties are calculated based on equation A3, Appendix A.

Computed tomography (CT) scans of the rock structures for the three shale samples were obtained
by the use of a medical CT scanner at Haukeland University Hospital (HUH) (Graue et al., 2014). The
high-resolution, X-ray computed tomography (CT) creates 2D sequential images of a given thickness,
providing a 3D visualization of the media’s structural composition when compiled together (Ketcham
and Carlson, 2001). The 2D slices are created based on variation in X-ray attenuation from different
angles, closely related to the objects density (Ketcham and Carlson, 2001). Regions and structures of
higher density are identified by increased X-ray attenuation, while lower density regions are
recognized by lesser amounts of reflected X-ray beams (Graue et al., 2014).

The following image series, Figure 5.6, 5.7 and 5.8, are montages of CT-scans provided for shale cores
3i, 4i and 12iA respectively. The dark grey areas on the scans are lower-density regions, while the
lighter areas are zones reflecting higher density (Graue et al., 2014). The images are vertical slices of
the samples taken continuously throughout the length of the cores. Only six slices from each shale
sample are shown.

Shale core 3i

Figure 5.6 - Image montage of the CT-scans for shale 3i, each slice a 0.6mm thick representation of the sample.

Low-density regions are observed as dark grey, while lighter areas reflect high-density regions. No distinct high-
density zones are observed within the core. However, straight laminations dominate the sample, changing
direction towards the end. Modified from (Graue et al., 2014).
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Shale core 4i

Figure 5.7 - Image montage of the CT-scans for shale 4i, each slice a 0.6mm thick representation of the sample.
Low-density regions are observed as dark grey, while lighter areas reflect high-density regions. Both laminations
and regions of high density are observed. Laminations are constant throughout the core. Modified from (Graue
etal.,, 2014).

Shale core 12iA

Figure 5.8 - Image montage of CT-scans taken for shale 12iA, each slice a 0.6mm thick representation of the
sample. Low-density regions are observed as dark grey. Patchy zones of lighter grey high-density areas are

prominent throughout the core. Modified from (Graue et al., 2014).

Generally, CT-scans can help indicate the presence of fluids within the rock structure. However,
because of the tight shale matrix it cannot be concluded whether there are intitial fluids present
from the images gathered.
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6 Low Salinity Waterflooding in Sandstone Micromodels
In studying the effect of osmotic mobilisation by LSW, the experimental setup designed for pore scale

micromodel flow and visualization at the Microfluidic Laboratory in Dept. of Physics and Technology,
was used.

6.1 Setup and Equipment

A sketch of the experimental setup is shown in Figure 6.1. All experiments during osmotic diffusion
were performed with the micromodel placed horizontally on the microscope.
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Figure 6.1 — Schematic of the microfluidic setup used for visualizing osmotic diffusion by low salinity water
injection. The black lines are plastic tubing, and the arrows indicate fluid flow. The green lines are data cables
connecting pressure transducers and high-resolution camera to computer for logging and monitoring.

6.1.1 List of equipment
e Nexus 3000 KR Analytical syringe pump
e Pharmacia LKB P-500 pump
e ESI Digital USB Pressure Transducers, range 0 — 4 barg (+0.10 %FS)
o Nikon Eclipse Ti-U Inverted Microscope
e Nikon Intensilight C-HGFI External Light Source
e Nikon DS-Fil Camera Head
e Nikon DS-U3 DS Camera Control Unit
e NIS-Elements D-Imaging Software 4.0
e Computer for controlling camera and pressure logging
e 1/16” plastic tubing and Swagelok fittings
e NanoPort assembly
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6.1.2 Detailed description

After the initial mounting of the micromodel holder (cf. section 5.2) the model was placed on the
rectangular mechanical stage of the Nikon Eclipse Ti-U inverted microscope (cf. Figure 6.1). The
micromodel was positioned with observation window facing down, and distribution ports facing up.
The field of view was operated by moving the mechanical stage in X and Y directions when turning
the stage knobs. When the micromodel was placed on the stage, the inlet side of the micromodel
was either connected to a Nexus syringe pump or a Pharmacia syringe pump for fluid injection.

The Pharmacia pump with two synchronized syringes was mainly used for injection rates of 1ml/h or
higher during the initial saturation of the porous media. For all injection rates below that, the Nexus
syringe pump was used as it had the ability to inject fluids at constant rates of minimum 0.00225
ml/h. Even though the Nexus pump provided a maximum injection limit of 3261.66 ml/h, the syringe
had to be refilled manually as it contained only 25 ml. The Pharmacia pump was therefore used when
continuous injection was required.

An ESI USB pressure transducer was connected to the setup on the inlet side of the micro model, and
the differential pressure was logged on the computer. This was mainly to record the differential
pressure across the model during the various injection steps and to monitor that pressures remained
under the 2 bar limit for the low-pressure micromodels.

For studying the displacement processes within the micromodel, four different lens objectives were
installed under the mechanical stage of the microscope. These four objectives had different
magnification capabilities, providing 2x, 5x, 10x and 20x zoom respectively. In addition, 30x
maghnification was possible as the inverted microscope had a build-in 1.5x zoom, which could be
added to the different objectives. The height and width of field of view for different objectives can be
found in Table 6.1. An external light source was also connected to the microscope through an optic
fibre cable. This light source delivered light to the microscope by an incorporated shutter, with six
levels of adjustable light intensity ranging from 3%-100%.

Table 6.1 - Study areas for different objectives installed on the microscope (Follesg, 2012).

Objective lens Height (um) Width (um)
2X 4629.6 6167.3
5x 1854.3 2470.3
10x 929.7 1238.5
20x 470.6 626.9

To study osmotic mobilisation during low salinity waterflooding, a field of view 5x-zoom was
generally chosen. The Nikon camera head captured the processes studied by taking time-lapse image
sequences controlled by the Nikon NIS-Element D Imaging Software and camera control unit. The
camera head was a 5-megapixel CCD camera, taking pictures at a maximum of 1 frame per second
when capturing images of 1280 x 960 pixels with 8bit RGB pixel depth. Generally, time-lapse images
would vary between 10 seconds or 15 minutes depending on whether it was initial saturation,
primary drainage or osmotic diffusion that was recorded.
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6.2 Preparations and Procedures

The experimental work performed on micromodel visualization of osmotic gradient was done in
collaboration with fellow master student Arthur Uno Rognmo and PhD candidate Jarand Gauteplass.

6.2.1 Experimental conditions

Several experiments were conducted on both low -and high-pressure micromodels to study osmotic
mobilisation by LSW. Different experimental conditions were applied, such as changing the oil and
brine compositions between experiments. Table 6.2 lists an experimental overview of fluids injected
for the different displacement processes during the experiments.

Table 6.2 - Overview of experiments and the various fluid injections for the different displacement
processes during osmotic diffusion

Micromodel ID High salinity Primary drainage Low salinity Baseline
brine flooding water injection
LPM 1 Brine B n-Heptane Brine C Yes
LPM 2 Brine A n-Heptane Brine C No
LPM 3 Brine A n-Hexane Brine C No
LPM 4 Brine B n-Hexane Brine C No
LPM 5 Brine A Crude oil Brine C Yes
HPM 1 Brine A Crude oil Brine C No
HPM 2 Brine A Crude oil Brine C No

As can be seen from Table 6.2, two different brine compositions were used in the refined-oil
experiments (Brine A and B), while the brine for the crude oil experiments was kept constant (Brine
A). Two different sets of baselines were performed. The first baseline was based on osmotic diffusion
through a refined oil membrane (n-Heptane and n-Hexane), while the second was through a crude oil
membrane.

6.2.2 General boundary flow conditions

Different port configurations were applied for the various steps performed during LSW. The opening
and closing of injection and production ports depended on the pressure differences across the
porous network, and whether or not air was trapped within the micromodel. The different port
combinations controlled fluid displacement through the model. The most frequently used boundary
flow conditions and their effect on displacement are illustrated and described below. All injections
were performed with the micromodel positioned horizontally on the surface.

Diagonal production (DP)

The diagonal production port is opened to induce flow through matrix (cf. Figure 6.2). The injected
fluid displaces initial gases and/or liquids first along the lower fracture. As pressure builds up forced
imbibition is induced into the matrix and the initial phase is diagonally displaced by co-current flow
towards the upper right production port.
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Production port

Injection port

Figure 6.2 - Diagonal production. Fluid enters the micromodel through the lower left injection port, displacing
fluids in the lower fracture into matrix as indicated by blue arrows. Fluids are then displaced diagonally across
the matrix visualized by green arrows.

Horizontal production (HP)

The horizontal production port is opened to displace initial phase from the lower fracture, and
continuously from matrix by spontaneous imbibition and counter-current displacement (cf.Figure
6.3). Both production ports in upper fracture are closed so only the lower part of the matrix is
affected by the counter-current displacement back into lower fracture.
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Figure 6.3 - Horizontal production. Fluids enter the micromodel through the lower left injection port, displacing
the initial phase in the lower fracture (blue arrows) followed by spontaneous imbibition and counter-current
displacement indicated by green arrows.

Horizontal and diagonal production (HDP)

Both the horizontal and diagonal production ports are opened so high injection rates can be
implemented without creating large differential pressures across the micromodel. The injected fluid
displaces the lower fracture first and then the matrix by spontaneous imbibition. The initial phase is
displaced both co-currently towards upper the right production port, and counter-currently towards
the lower right production port.
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Figure 6.4 - Horizontal and diagonal production. Fluid enters the micromodel through the lower left injection
port, displacing the lower fracture and the matrix through spontaneous imbibition. Blue arrows illustrate
displacement of initial fluid through the lower fracture and counter—current flow in matrix. The green arrows
visualise co—current displacement through the matrix.

Gravitational displacement

The micromodel is placed vertically to induce gravitational displacement. The method is applied if
residual air is left within the model after initial saturation, or if unwanted air bubbles are injected
into the model. Gravitational displacement is effective in displacing air due to the density difference
between the fluids inside the porous network. Air will rise to the upper fracture and be produced
through the upper right production port in favour of the other fluids present.

6.2.3 Initial high salinity water saturation

Due to the water-wet nature of the silicone micromodels, the injected brine displaced air from the
fracture while spontaneously imbibing into the matrix by HDP. Water breakthrough was observed
seconds after injection-start due to the small pore volume of the models. Injection rates are listed in
Table 6.3. For improved sweep across the matrix DP was applied to force the waterfront to move
diagonally through the porous media, and finally to obtain 100% saturation, capillary-trapped air was
removed by GP.

Depending on experimental conditions, high salinity Brine A or B was used for the initial saturation
process. 100% saturation was generally achieved after 24 hours, depending on the boundary flow
conditions and injection rates applied. For all injections into the low-pressure micromodels, the 2 bar
pressure limit were maintained. Hence, the initial saturation time was longer compared to the high-
pressure micromodels. Average injection rates applied and their corresponding boundary flow
conditions are listed in Table 6.3. 100% water saturation was visually verified through the inverted
microscope.
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Table 6.3 - Average injection rates applied during initial high salinity saturation and their
corresponding BFC

Micromodel HDP DP Gravitational displacement
Low-pressure 2 ml/h 1 ml/h 0.2 ml/h
High-pressure 5ml/h 3 ml/h 1 ml/h

6.2.4 Primary oil drainage

After initial water saturation with high salinity brine, primary oil drainage was performed on the
micromodels by HDP. After oil breakthrough in the lower fracture, the horizontal production port
was closed and DP applied. The injection rate was set to 0.7 ml/h for oil injection in both low -and
high-pressure micromodels, controlling the propagation of oil through the porous network. By
keeping a constant injection rate, the oil pressure within the lower fracture would increase until it
exceeded the threshold pressure of the porous media. Oil would then start to enter the largest
accessible pores first where the capillary pressure would be lowest, displacing the initial high salinity
brine co-currently.

Primary drainage was completed when the lower part of the matrix was predominantly saturated
with oil, while the upper part of matrix contained a high brine concentration. This continuous oil
layer represented the semi-permeable membrane separating the initial high salinity brine from the
injected low salinity water during osmotic diffusion. The primary drainage process took 10-30
minutes depending on the pore volume of the micro models.

6.2.5 Secondary high salinity waterflooding

High salinity brine at original concentration was re-injected into the partially saturated micromodel
by HP. The brine spontaneously imbibed into the matrix due to the strongly water-wet wettability
preference. High salinity water saturation increased while oil was counter-currently displaced and
produced through the lower fracture.

Secondary high salinity water flooding was initially performed at 2 ml/h to displace oil from the
fracture. When sufficient amounts of oil had been produced, the injection rate was lowered to 0.1
ml/h allowing spontaneous imbibition to act as the main driving force. As spontaneous imbibition
seized and capillary pressure reached zero, secondary recovery was completed. The process of re-
injecting high salinity brine lasted approximately 24 hours for both high -and low-pressure micro
models.

6.2.6 Low salinity water injection into lower fracture

High salinity brine in the lower fracture was then replaced by injecting low salinity water, Brine C in
Table 5.1 by HP. Only high salinity water within the fracture was displaced due to ceased
spontaneous imbibition. In addition, lack of differential pressure across the matrix by HP created no
oil mobilization during brine exchange in the fracture. However, an osmotic gradient was formed
between the high salinity brine in the matrix and the low salinity water in fracture, separated by the
continuous semi-permeable oil membrane. Low salinity injection lasted at average for 3 hours at a
rate of 0.5 ml/h.
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6.2.7 Osmotic diffusion and oil mobilization

After establishing an osmotic gradient, the diffusion process was monitored by the inverted
microscope. Time-lapse pictures were taken every 15 minutes within a chosen field of view. By HP
the injection rate was lowered to 0.042 ml/h, equivalent to 1 ml/day, in order to maintain a “fresh”
flow of low salinity water to preserve the osmotic gradient. In addition, a constant flow of low salinity
water prevented direct transport of salt ions between the different water concentrations. The only
contact possible between the high salinity brine and the low salinity water would be by osmotic
diffusion through the semi-permeable oil membrane. The diffusion process was set to develop for 7—
14 days.

Prior to performing osmotic mobilisation experiments, baseline tests were carried out. The purpose
was to document the absence of an osmotic gradient. It is predicted that when implementing an
osmotic gradient, the mobilization of oil will be an effect of osmotic diffusion only. During the
baseline tests, high-salinity brine at 0.042ml/h replaced low salinity water in lower fracture. Baseline
tests were performed on micromodels primary drained by refined oil, the results representative for
all experiments conducted under these conditions. In addition, when introducing Ekofisk crude as the
oil phase, new baselines were performed. The baseline experiments were set to last approximately
the length of the osmotic diffusion experiments.
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7 Miscible CO, Injection in Shale Core Samples

An experimental setup was constructed at the Dept. of Physics and Technology with the purpose of
performing high-pressure miscible CO, injections into low permeable shale. The setup was assembled
using appropriate Swagelok tubing, fittings, and high-pressure Autoclave valves for executing high-
pressure injections. The rig was build inside a heat cabinet to simulate reservoir conditions.

7.1 Setup and Equipment

A schematic illustration of the high-pressure setup is shown in Figure 7.1. All experiments were
conducted by horizontal CO, injection. The Back Pressure Regulator (BPR) was placed inside the
cabinet to avoid large pressure and volume fluctuations as liquid and supercritical CO, converts back
into CO, gas at ambient pressure and temperature.
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Figure 7.1 - Schematic illustration of the high-pressure setup for liquid and supercritical CO, injection into low
permeable shale. The red square represents the heating cabinet in which the experimental setup was build. All
the equipment, except for pumps, gas tanks and the production cylinder was positioned inside the cabinet. The
black lines illustrate the tubing and the various flow lines. The arrows show the flow path through the tubing
and core. Valves labelled 1 — 9 are illustrated in blue. The green lines are data cables connecting pressure
transducers and pumps to a computer for logging, and operational purposes.
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7.1.1 List of equipment
e Autoclave valves and crossings for high-pressure injections
e 1/8” steel tubing and Swagelok fittings
e Qiltech EHP2-5-0010-210-100 stainless steel piston accumulator (Max. volume 1.2L, max.
pressure 375 bar)
e Equilibar HC276-5 Precision Back Pressure Regulator (Max. pressure 200 bar)
e N, tank (Max. pressure of 160 bar)
e CO, tank (Max. pressure of 60 bar)
e Computer for controlling pumps and pressure logs
e 3 x ESI Digital USB Pressure Transducers, range 0 - 400 barg (£0.10%FS)
e 1.5” Hassler type core holder - RCHR series (Max. pressure 7000 psi, max. Temp. 350°F).
e Quizix SP 5200 pump
e Quizix QX-6K-SS pump
e Web camera monitoring production
e 50 and 10 ml production cylinders

7.1.2 Detailed description

When an experiment required elevated temperatures, the cabinet was set to desired heat. In
addition, a backpressure of either 100 or 160 bars N, was set during this period to investigate
potential leaks at the BPR (valve 7 closed) in Figure 7.1. An ESI USB pressure transducer was
connected to the line from the nitrogen-tank, logging the backpressure P; for verification purposes.
When the system was stabilized the shale sample was mounted within the 1.5“ Hassler core-holder.
The shale core was isolated by closing inlet-valve 4 and outlet-valve 6. A confinement pressure was
then applied by the Quizix QX pump located outside the cabinet. The pump injected distilled water
into the confinement through valve 8 with valve 9 closed, until an initial confinement pressure was
reached. Distilled water was used in confinement instead of pump-oil to avoid mixing of oils (pump-
oil and crude oil) if leaks were to be detected through the sleeve.

CO, was injected from the tank located outside the cabinet through valve 3, and (the two-way) valve
2 into the accumulator. As CO, filled the accumulator, the CO, pressure displaced the piston towards
the bottom of the buffer, displacing all excess pump-oil located below through valve 1. Valve 1 was
then closed, and the CO, tank shut off. By opening valve 2 towards the system, with bypass valve 5
open (inlet valve 4 and outlet valve 6 still closed), CO, pressure was logged by the inlet P, and outlet
P, ESI USB pressure transducers. Any leaks through fittings or crossings would be evident at this time
and hence sealed. The CO, system would be left to thermodynamically stabilize for experiments at
elevated cabinet temperatures.

After reaching equilibrium, the inlet 4 and outlet 6, valves to the core holder were opened. The CO,
was now in direct contact with the inlet and outlet ends of the shale core. CO, was then pressurized
to BPR pressure by injecting pump-oil from the Quizix SP pump into the bottom of the accumulator
where the oil and CO, were separated by a moving piston. As the CO, pressure exceeded the BPR
pressure, CO, escaped through the BPR and into a water bath located outside the cabinet. The
bypass (valve 5) was then closed. The CO, pressure was further increased at the inlet, setting up a
differential pressure across the core to induce flow through the sample. The net confinement
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pressure was always maintained at least 60 bars above inlet CO, pressure to ensure CO, flow through
the core.

As CO, penetrated the core sample, it mixed with the resident oil and the mix was displaced towards
the outlet. Produced oil was collected outside the cabinet in the production cylinder, and monitored
by web camera. For long injection tests the accumulator was re-pressurized several times to continue
CO, injection and oil recovery, or for logging CO, injection rate at different conditions.

After completing the experiment, the system was depressurized by stopping the Quizix SP pump.
With the inlet, outlet and bypass valves open, valve 1 at the base of the accumulator was carefully
opened. Pump-oil was drained as the piston was pushed to the bottom of the buffer. Net
confinement was also decreased simultaneously during this step. As the accumulator was emptied,
the N,-tank maintaining backpressure was closed, and the pressure was carefully released by valve 7.
As the backpressure fell below the system CO, pressure, CO, was produced through the BPR. This
continued until the backpressure reached atmospheric pressure and there was no CO, left in the
system.

After the shale core was removed from the holder, end-pieces, tubing and BPR were cleaned. Tubing
and end-pieces were flooded by n-Decane, which was then displaced by compressed air followed by
CO, gas. The BPR was opened and excess oil removed manually.

7.2 Preparations and Procedures

The experiments conducted on miscible CO, injection and oil production from reservoir shale were
carried out together with master student Arthur Uno Rognmo.

7.2.1 Experimental conditions

CO, injection was performed on n-Decane and crude oil saturated shale cores under various
temperature- and pressure conditions investigating flow capacity and potential oil production. Table
7.1 lists the experimental conditions under which the various experiments were executed, in addition
to saturation fluid and the physical state of the injected CO, gas.

All injections were performed at constant differential pressure, inducing flow through the core,
knowing that the low permeability of shale could result in extremely high-pressure levels if exposed
to constant injection rates. The induced CO, injection rate was logged during the experiment to be
used when estimating the effective CO, permeability. The constant pressure injections were held
within the pressure limitations of the experimental equipment.
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Table 7.1 - Experimental conditions as performed for the various shale cores, including saturation

fluid and CO, state.

Differential | Confinement | Absolute pore
Saturation Temp. pressure pressure pressure
Core ID . CO, state . .
fluid [°C] [bar] (above inlet) (inlet) [bar]
+0.57" [bar] £0.83 +0.4
12iA_1 | n-Decane 25 | Liquid 55.49 73.96 162.1
77.86 82.10 183.9
12iA_2 | n-Decane 25 | Liquid 58.64 59.96 160.0
79.74 59.81 180.2
12iA_3 | n-Decane 60 | Supercritical 72.33 59.41 169.6
12iA_4 | Ekofisk 60 | Supercritical 70.04 90.10 222.9
crude oil
68.93 91.08 221.9
3i 1 Ekofisk 60 | Supercritical 70.48 80.42 222.9
crude oil
70.19 82.28 229.6
39.90 112.39 199.6
29.52 122.48 189.5
29.49 122.47 189.5
3i 2 Ekofisk 60 | Supercritical 68.18 90.00 222.0
crude oil
67.82 87.95 222.0
70.88 89.90 225.1
4i 1 Ekofisk 60 | Supercritical 67.74 90.43 229.6
crude oil
67.76 90.38 229.6
4i 2 Ekofisk 60 | Supercritical 69.16 89.91 2231
crude oil

1 Uncertainty is calculated by equation A4, Appendix A.
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Shale core 12iA was the only sample that was saturated by n-Decane, with experiments performed at
room temperature and liquid CO, injection (cf.Table 7.1). The main purpose of saturating sample 12iA
with n-Decane was to investigate whether it was possible to obtain oil recovery from tight reservoir
shale by first-contact miscible CO, injection. For 12iA_1 and 12iA_2, miscible CO, injection was
performed at differential pressures of approximately 60bar until oil production ceased. The pressure
was then raised to 80bar for additional oil recovery. Subsequently, for injection 12iA 3, the
temperature was elevated to 60°C to examine the effect of elevated temperature on recovery.

After conducting the initial experiments with n-Decane, supercritical miscible CO, injection was
performed on all samples saturated with Ekofisk crude oil (cf. Table 7.1). The temperature was kept
constant at 60°C with a differential pressure of approximately 70bar for all injections, and a net
confinement pressure of at least 60bar. For experiment 3i_1, the differential pressure was lowered
to 40 and 30 bar respectively to maintain a continuous CO, injection over time. Some discrepancies
are seen for the average differential pressures applied in the crude oil experiments. In Table 7.1, the
differential pressures range between 67-71bar for the different CO, injections. The variations are
caused by instabilities in the backpressure regulator (BPR).

7.2.2 CO; gas permeability estimates in tight shales

During miscible CO, injection, one objective was to estimate sample permeability by CO,. When CO,
is injected for potential oil production, it will flow through the core with relative permeability to the
oil phase until miscibility is achieved. At the end of recovery, when the majority of the residual oil has
been produced, CO, will be the only phase flowing through the porous network. Hence, an end-point
effective permeability can be calculated for CO, equivalent to shale flow capacity.

7.2.3 3D saturation of shale cores

Previous studies conducted by Opdal (2014) and Bg (2014) within the Reservoir Physics group at the
Dept. of Physics and Technology (UoB) addresses a “best practice” re-saturation method for
saturating dry reservoir shale cores. The procedures investigated were based on dynamic and static
re-saturation, the results yielding 7-9% increased oil saturation for cores subjected to the static
approach (Opdal, 2014; Bg 2014). Compared to dynamic saturation, where fluids are flooded through
the core, the static method provides 3D-saturation covering the whole surface of the core increasing
contact area and hence saturation of the sample. In re-saturating shale cores used in this thesis,
static saturation was therefore conducted on all samples before miscible CO, injection was
performed.

In the static approach shale cores were placed within an accumulator and immersed with the desired
saturation fluid. Depending on whether the saturation fluid was n-Decane or Ekofisk crude oil, the
accumulator was placed at room temperature or in a heating cabinet at elevated temperatures.

At ambient temperature, shale cores were saturated with n-Decane by pressurizing the accumulator
to 100bar. No temperature elevation was required as viscosity and density of n-Decane at room
temperature was sufficiently volatile in entering the porous media. Shale cores saturated with
Ekofisk crude oil were pressurized to 200bar at 60°C inside a heat-cabinet to maintain its reservoir
composition, as crude oil is known to precipitate wax at room temperature. In addition, elevated
temperature and pressure yields reduced viscosity and density for crude to penetrate the porous
network.
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When determining the oil saturation of the shale cores, the accumulator containing the samples was

depressurized and the saturated cores were weighed. When the samples had obtained a constant

weight increase, it was concluded that maximum oil saturation was reached. To calculate the

saturation, the dry and saturated weights of the shale cores were measured. Oil saturation was then

determined by the following equation,

S, =M (7.1)
V- $- P,

Where S, is the calculated oil saturation, my is the dry weight of the sample [g], m; is the saturated

weight [g], V} is the sample bulk volume [m/], poi is the density of the oil [g/ml], and ¢ [%] is the

porosity of the sample.

The properties of the different shale core samples are listed in Table 5.2. The saturation process took
approximately 2-4 days before maximum saturation was reached.

7.2.4 Oil recovery by weight and volumetric production

It was attempted to record oil production during both liquid and supercritical CO, injection by
measuring the oil production flashed at the outlet as a function of time. A web camera was placed
next to the production cylinder, illustrated in Figure 7.1, to record oil production. In logging recovery
versus time, CO, injection commenced when experimental conditions had stabilized after the initial
CO, pressurization. The differential pressure across the core at this point created flow through the
sample, mixing the CO, phase with the oil and displacing it towards the outlet. In addition, the
injected CO, pore volume was recorded against the oil volume produced. Profiles illustrating dynamic
production were made from the collected data.

Continuous miscible CO, injection into low permeable reservoir shale is assumed to yield little oil
recovery due to low injectivity and low permeability of the rock. To provide a better estimate of oil
recovery compared to what was visualized through volumetric production, weight measurements
were recorded both before CO, injection and after. From Equation 7.1, the total oil saturation
produced was calculated, and further oil recovery in terms of percent original oil in place (%00IP)
was determined by,

Sz) _So,after
R, (400IP) ==— 22 100% (7.2)

o

Where Ry is the recovery factor, S, is the oil saturation after 3D-saturation and Sg e is the oil
saturation after miscible CO, injection. When calculating oil recovery it is assumed that all reductions
in weight are solely the result of oil production during CO, injection.
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Part 3 - Experimental Results and Discussion

This part, presents results and discussions from the experiments performed in this thesis. Chapter 8
describes the observed water growth and oil mobilization by LSW in sandstone micromodels. Chapter
9 presents the permeability measurements and oil recovery factors obtained by miscible CO,
injection in tight shale. Uncertainties are also presented and discussed.

8 Osmotic Diffusion during Low Salinity Waterflooding

Two alternative scenarios for osmotic diffusion by LSW were investigated. The first set was based on
a refined oil membrane to investigate osmotic behaviour through a one-component oil phase. These
experiments involved two different refined oils and various high salinity brines. The second set was
based on Ekofisk crude oil to observe osmosis through a crude oil membrane. Baselines were
established for each scenario. The results are captured in image sequences, zoomed-in and cropped
to focus on fluid-fluid interactions in specific parts of the micromodels. Images are in some cases
modified to highlight contrasts between water, oil and solid grains.

The following sections 8.1 to 8.4 describe the results from performing LSW. First, baseline tests in
absence of a salinity gradient are presented for both the refined and crude oil experiments.
Subsequently, results of osmotic diffusion are presented for the two different systems (i.e. refined oil
and crude oil) when injecting low salinity water. The effects of using different high salinity brines and
oil compositions are described in detail during the refined oil experiments. The experiments with
crude oil are then reviewed and finally an overall summery is presented in section 8.5, where results
are compared to relevant literature data.

8.1 Baselines - No Salinity Gradient

A baseline test was carried out to establish fluid movement without an osmotic gradient present. The
same conditions were used as during low salinity water injection (cf. section 6.2.6), but high salinity
brine replaced low saline water in the fracture. It was anticipated that there would be no movement
of interfaces or mobilization of oil in matrix and fracture in the absence of an osmotic gradient.

8.1.1 Refined oil baseline

Figure 8.1 shows the results from the refined oil baseline with a resident (connate) brine
concentration of 20wt% NaCl (Brine B, Table 5.1). The images were taken before (at O hours) and
after (at 3 days 20 hours) continuous injection of Brine B. No change in saturation distribution was
observed. The 20wt% NaCl was the highest salinity brine concentration investigated and was set to
represent the refined oil baseline for subsequent LSW tests. No expansion of oil phase was detected
when lowering the injection rate to osmotic diffusion rate (0.042 ml/h).
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Figure 8.1 - Refined oil baseline. The islands are grains and the fluid interface in lower fracture is the boundary
between oil (yellow/green) and water. Brine B (same concentration as the brine in matrix) was injected through
lower fracture at a rate of 0.042 mi/h. No mobilization or movement of interfaces were observed within field of
view during the baseline.The length-scale in the lower right corner of the images represent 500 um. The area in
red is the region where water droplets will coalescence and adhesion will be observed in subsequent LSW tests.

8.1.2 Crude oil baseline

A baseline was also created for Ekofisk crude oil. The crude oil was first run through a 40um, and
then a 15um filter to remove particles that could potentially block pore throats and channels in the
micromodel. The micromodel was saturated with Brine A as salinity concentration. Contrary to tests
with refined oil, tests with crude did show a response to injection rate. It was observed that the
crude in the lower fracture expanded as the rate was reduced down to the osmotic diffusion rate
(0.042 ml/h). Another test was therefore run with step-wise reduction in injection rate. This was
done to minimize the influence of the expanding oil phase on baseline results investigating potential
diffusion transport. With this approach, no movement was observed through the crude oil in the
fracture or matrix during the baseline test. The results are shown in Figure 8.2.
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Figure 8.2 - Crude oil baseline. The brown phase is crude oil, the grey islands are grains, and the transparent
phase is water. No mobilization or movement of interfaces were observed in field of view during the baseline
test. The length-scale in the lower right corner of the images represent 1000 um.

57



8.2 Water Dispersions and Droplet Growth in Matrix

8.2.1 Salinity gradient and osmotic diffusion

After conducting the refined oil baseline tests, LSW was performed by injecting low salinity water
through lower fracture into the system initially saturated with high salinity Brine B (Table 5.1) and
primary drained with n-Hexane. The low salinity waterflood established a high salinity gradient
between the aqueous phases. Osmotic diffusion was allowed to progress and monitored through the
microscope.

0 hours 13 days 19 hours

Figure 8.3 - Water dispersions and droplet growth. The blue areas are water dispersions and droplets, the grey
islands are grains and the green/yellow phase is oil. With an osmotic gradient water droplets are mobilized
through the semi-permeable oil into the matrix and grow along pore walls in surface roughness. The matrix
distribution of water droplets before LSW (0 hours) and after (13 days 19 hours) are illustrated in blue. The area
shows a region where continuous water droplet growth was observed. The length-scale in the lower right corner
of the images represent 500 um.

During the approximately 14 days of LSW, osmotic diffusion occurred through the semi-permeable oil
membrane resulting in increased amounts of water dipersions within the oil phase across field of
view. The results showed both water dispersion and droplet growth along the pore walls. Figure 8.3
shows the increased water dispersion and droplet growth from time 0 to 13 days and 19 hours.

The increased amount of water dispersions in matrix oil confirms that the continous oil layer works
as a semi-permeable membrane transmitting water moelcules to high saline water-in-oil, validating
the osmotic effect visualized throught the capillary tube experiments of Sandengen and Arntzen
(2013).

In addition, as the porous media is strongly water-wet, low salinity water will flow along the pore
walls of the matrix and reach inaccessible regions of high salinity brine through waterfilm diffusion.
When encountering surface roughness the water phase will accumulate and droplet growth is
observed. The water droplet growth will eventually displace the residual oil of the originating pore to
more conductive areas in matrix.

8.2.2 Continuous water droplet growth

When carrying out LSW in the previous system, composed of Brine B and primary drained with n-
Hexane, increased diffusion resulted in water dispersion -and water droplet growth. Osmotic activity
was seen across the matrix field of view, and the continuous water droplet growth along pore walls
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displaced on the surrounding oil phase. In addition, oil production was observed through the lower
fracture from outside field of view.

Figure 8.4 shows an image sequence of a continuous water droplet growth within matrix. The
location of field of view is indicated in Figure 8.3. In Figure 8.4 image |, 2 hours and 15 minutes after
initiating low salinity injection, a water droplet A appears within the angled corner of the right pore
wall inside the hightlighted oil phase. In Figure 8.4 the water droplet is colored blue and the
sourrounding oil interface is highlighted in red. Water droplet A starts to grow as low salinity water
diffuses through the intital high salinity brine coating the pore walls. The waterfilm expands and a
water droplet forms. The droplet expands until it reaches a maximum size, image IlI-1ll (5 hours and
30 minutes), where the droplet snaps-off and returns as a waterfilm along the pore wall.

15 hours 15 min
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Figure 8.4 - Continuous water droplet growth. The blue color indicates the growing water droplet and the red
highlights the oil phase. The dark blue lines are shadows and interfaces between oil and grains. Image 1) Water
droplet A appears at the grain surface. Image ll-1ll) The water droplet grows and pushes on the surrounding oil
phase until it reaches maximum size and snaps back into a waterfilm. Image V) The water droplet reappears
and starts to grow. Image V-VI) Water droplet grows to maximum size and displace the oil phase. Image VII-IX)
The water droplet snaps back to a waterfilm, but grows back again to displace the surrounding oil phase into
the interconnected pore channels. In addtion, two more water droplets have emerged as B and C, and water
dispersions are evident in the adjacent pore encircled in green. The length-scale in the lower right corner of the
images represents 100 um.
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Repeatedly, after 9 hours and 30 min in image IV, the waterfilm starts to expand again pushing on
the surrounding oil phase. After 21 hours and 30 min, image VI, the water droplet reaches its
maximum size and snaps. The water droplet continues to grow and snaps-off 5 times during the
osmotic process. After 47 hours, image IX, the water droplet has managed to displace the
surrounding oil into the interconnected pore channels. In addition, a water droplet B has emerged
along the near-by pore wall, and in the adjecent pore to the right, a water droplet C and several
water dispersions have formed. The water dispersions are circled in green.

It is believed that the main mechanism for water droplet growth along the pore wall is water
diffusion of low salinity water through the high salinity water film coating the grains. When water
encounters areas with rougher surface it will accumulate until it exceeds the barrier and diffuse on.
Hence, the water droplet will grow continously until it snaps-off. The direction of flow after snap-off
is unknown due to the dark shadows along the grains. No direct change or movement is seen in the
vicinity or in the adjacent pore.

Droplet size versus diffusion time was measured for the continuous growth of water droplet A. The
size of the droplet was measured using the NIS-Elements D-Imaging Software importing the time-
lapse images taken during the osmotic process. Figure 8.5 illustrates how the measurements were
performed.

Figure 8.5 - Measurements of water droplet growth. The values were obtained by using the NIS-Elements D-
Imaging Software and the length-scale function within the program. This function allowed the measurement of
length from one fixed point. The fixed point was set at the grain surface, and the opposite end of the scale was
moved according to the droplet size. The numerical value is shown next to the scale.

Figure 8.6 shows the growth of the expanding water droplet compared to diffusion time. During the
time the experiment progressed, the water droplet grew to a maximum of 41.7 um in five different
sequences. The growth occurred continuously for the first 2.5 days, but as the diffusion process
progressed the growth diminished. After approximately 5 days, water droplet growth was
significantly reduced. During the next 8 days until the diffusion process was terminated the water
droplet was unable to reach its maximum size.

60



50 ‘ ‘ 6.0

-e-n-Hexane (20wt% NaCl) -&-Snap-off time ——Poly. (Snap-off time)
. - 5.0
40
40
'd
&
T 307 )
= ()
9 30 £
N =
u Q
a 20 Q
o 2
o 20 ¥
10 +
1.0
0 - S / 0.0
0.10 0.50 2.50 12.50

Diffusion time log[days]

Figure 8.6 - Water droplet size as a function of diffusion time. The blue graph represents water droplet growth
and the repeated sequences during the length of osmotic diffusion. The red dots and the polynomial trend line
represent the water droplet snap-off time to the duration of diffusion. The trend line increases exponentially
and the water droplet will eventually be unable to reach maximum snap-off size due to the diminishing effect of
the osmotic gradient.

A polynomial approximation was provided to relate the water droplet snap-off time to the duration
of the diffusion process. The red dots on Figure 8.6 illustrate the time in days between each snap-off
compared to diffusion time. The trend line shows a positive exponential curve. The increased
exponential development indicates that the driving force for the water droplet growth decreases as
the time span between each snap-off increases.

During the first two days, snap-off time occurred at high rates. However, during the last droplet
growth, it took approximately 4 days before the droplet reached maximum size as the diffusion
process and salinity gradient slowly declined by dilution (cf. Figure 8.6). The droplet growth
eventually stopped as equilibrium between the aqueous phases was established

8.2.3 Water droplet coalescence and adhesion

To investigate the effect of water dispersion and droplet growth through an oil membrane of higher
carbon number, the system was re-established with Brine B, but primary drained with refined oil n-
Heptane before implementing LSW.

During the osmotic diffusion process water droplets started to grow within the largest pores of the
network marked red in Figure 8.1. An image sequence documenting water dispersion and water
droplet growth, coalescence and adhesion is shown in Figure 8.7. In image | pore A, taken after 8
hours and 30 minutes, water dispersions have emerged in the oil bulk due to osmotic diffusion of low
salinity water into high salinity water-in-oil. Water droplets have also occurred on pore walls due to
water diffusion. In images II-IV the water dispersions continue to grow and coalesce into larger
accumulations. Image IV represents status after 35 hours.
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8 hours 30 min 22 hours 30 min

Figure 8.7 - Water droplet coalescence and adhesion. The dark blue lines are shadows and interfaces between
water and oil. The grains are within the sharp-edged side of the blue lines. Image I-IV) Water dispersions
coalesce in the large oil pore A, and water droplets grows along the pore wall. Image V) Due to differences in
fluid density the water dispersions descend and adhere to the water-wet glass observation window. VI) Water
adheres to the glass window and in the near-by pore B to the right a water-core has continuously grown
towards the water-wet glass surface. The length-scale in the lower right corner of the images represent 100 um.

Due to density differences, the larger accumulations of water dispersions descend within the oil
phase and relocate underneath the oil bulk as seen in image V. As the dispersions relocate within the
porous media, the strongly water-wet nature of the glass observation window causes the water to
adhere to and spread across the surface. This effect is clearly shown in image VI after 7 days and 21
hours. In the neighbouring pore B to the right, water-in-oil can be seen continuously growing towards
the water-wet surface of the window, image IV-VI. The diffusion mechanism transporting low saline
water into the brine concentrated water-in-oil could clarily be that of osmosis.

When increasing the carbon number of the oil by using n-Heptane, the viscosity of the oil membrane
will increase. From the observed diffusion process, water dispersion and water droplet growth was
reduced through the oil phase compared to the n-Hexane membrane. From the Stokes-Einstein
equation (cf. equation 3.2), the diffusion constant of low saline water is inversely proportional to
viscosity which should reduce the waterflux through higher viscosity membranes as seen across the
field of view.
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8.3 Residual Oil Displacement and Mobilization in Matrix and Fracture

8.3.1 Movement of interfaces in matrix

After studying the effect of changing the composition of the refined oil membrane, it was decided to
alter the concentration of the initial high salinity brine to one with lower salt content. To study the
effect of brine salinity on osmotic diffusion the system initially saturated with Brine B was changed to
Brine A (5wt% NaCl) (cf. Table 5.1).

The porous media was primary drained using the refined oil compositions previously applied. Figure
8.8 shows the results of osmotic diffusion in a matrix primary drained by n-Heptane and initially
saturated with Brine A. After 6 days and 21 hours, oil displacement and movement of interfaces were
observed within matrix. The shift can be seen by the relocations of the oil phase encircled green in
the figure. Water dispersions were not detected, and only some areas were found with water droplet
growth. No mobilization of oil to fracture or production was observed.

6 days 21 hours

Figure 8.8 - Oil movement and redistribution of interfaces. The grey islands are grains and the dark lines
between the grains are interfaces between water and oil. After 6 days and 21 hours, a shift and relocation of
the oil phase can be seen in the green encircled areas. The area highlighted in red indicates a region where oil
displacement occurred (See Figure 8.9 for details). The length-scale in the lower right corner of the image
represent 100 um.

8.3.2 Inaccessible water expansion and oil displacement in matrix

From the system established in section 8.3.1, where a lower salinity gradient is applied
through a high carbon numbered oil (i.e. n-Heptane), an oil displacement process in matrix is
documented in Figure 8.9. Initially, inaccessible high salinity brine resides within a cul-de-sac
“dead-end” pore in image |. The blue color represents the aqueous phases (brine and low
salinity water) while the red represent the oil phase. Residual oil droplets are also located
inside the inaccessible pore.

63



6 hours 15 min 10 hours 45 min 24 hours

50 pm

2 days 6 hours 2 days 13 hours 4 days 2 hours

Figure 8.9 - Inaccessible water expansion and oil displacement in matrix. Blue color indicates the aqueous
phases and red indicates the oil phase. The dark blue lines are shadows and interfaces between water, oil and
grains. Image 1) Cul-de-sac pore with inaccessible brine and residual oil droplets are observed. Image 11) Oil
phase B is displaced through matrix from events outside field of view into the cul-de-sac pore. Image Ill) Brine A
inside the pore is displaced by film flow to water phase C. The advancement of oil B stops due to capillary forces
inside the pore. Image IV-V) Low salinity diffusion increases water saturation C (from outside field of view), and
forces water back into the inaccessible brine A through film flow. The growth in A leads to relocation of oil
phase B. Image VI) The displacement process cease when high salinity brine A is diluted by the low saline water
from C.

After 10 hours and 45 minutes, image Il, oil phase B is displaced from matrix outside field of view into
the cul-de-sac pore. As oil phase B is enforced into the pore, initial high salinity brine A is displaced
into the pore channel through film flow. In image lll, the oil phase B has reached the residual oil
droplets within the pore, but further advancement is stopped due to capillary pressure. Outside the
pore, water saturation C stops swelling as film flow from A ceases.

In image IV, after 2 days and 6 hours of low salinity water injection, water phase C starts to grow. The
expansion is a result of water diffusion between low salinity water and brine outside field of view. In
image V (after another 7 hours) water from C travels back into the inaccessible pore A through film
flow. The high salinity brine A expands relocating oil phase B. The displacement process continues
until low saline phase C has fully diluted the brine concentration inside A. The oil displacement
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process ends after 4 days and 2 hours, image VI, and the saturation distribution remains stagnant
until the diffusion process is terminated after a total of 6 days and 21 hours.

The main transport mechanism leading to oil displacement was diffusion of low salinity water
through the high salinity water-film coating the matrix grains. The dilution of high salinity water in
the matrix causes the water phase to expand and the oil phase to displace as observed in Figure 8.9.
Extensive water dispersion due to osmotic diffusion was not apparent through the oil phase in this
low salinity gradient system, but occational water droplet growth along pore walls was observed due
to water diffusion film flow.

8.3.3 Oil displacement and mobilization to fracture

Another experiment was performed changing the oil composition to n-Hexane creating a lower
viscosity oil membrane. The brine concentration was kept at 5wt% NaCl, i.e. low salinity gradient,
and low salinity water was injected. During LSW, both water dispersion and droplet growth was
observed several places within the matrix. High salinity brine expansion by diffusion of low salinity
water through film flow caused oil displacement and oil mobilization from matrix to fracture. In
addition, oil was produced from fracture on two occasions within the field of view.

Figure 8.10 - Field of view indicating the areas of observed matrix - fracture interactions. Grains are coloured
grey, and the dark lines between the grains are shadows or interfaces between water and oil (green/yellow
phase). The red and blue boxes indicate the regions where oil displacement and oil mobilization were observed
respectively. The length-scale in the lower right corner of the image represents 500 um.

Figure 8.10 shows the field of view and outlines two regions of interest (red and blue) where oil
displacement and mobilization to fracture was observed. The oil displacement to fracture within the
red region is explained in more detail in the following section, introducing the mobilization process of
oil to fracture and subsequent oil production in section 8.3.5.

8.3.4 Oil displacement to fracture

Figure 8.11 documents the process of oil displacement to fracture from two pore channels in
connection to matrix oil (cf. field of view indicated in Figure 8.10). Image | shows the initial conditions
when displacement was observed after 4 days and 20 hours of LSW. Phase A is the low salinity water
in fracture, and phase B is inaccessible high salinity brine in a dead-end pore. Phase C is the
displacing oil droplet. In image Il, low salinity water A diffuses by film flow into the inaccessible brine
phase B. The brine expands and displaces oil droplet C towards the fracture.

65



4 days 20 hours 5 days 8 hours

6days 5 h 6 days 20 hours

Figure 8.11 - Oil displacement to fracture. Blue colour indicates the aqueous phases and red indicates the oil
phase. The dark blue lines are shadows and interfaces between water, oil and grains. Image 1) An oil droplet C
occurs through a pore throat. Inaccessible brine B is located within a “dead-end” pore and low saline water A
fills the fracture. Image Il) Low saline water A diffuses from fracture into the high saline water B. Water phase B
expands and displaces the surrounding oil e.g. droplet C towards the fracture. Image Ill) Oil C moves towards
fracture by displacement from upper matrix, and an oil droplet D is displaced into the same pore channel from
the adjacent pore throat. Image V) Location of oil droplets C and D as LSW is terminated. The length -scale in
the lower left corner of the image represent 100 um.

As oil droplet C is in contact with matrix oil outside field of view, the oil is further displaced towards
fracture by an above displacement process. In addtion, an oil droplet D is also displaced into the
same pore channel from an adjacent pore throat. The displacement of the two oil droplets C and D
continues until the diffusion process is terminated after 6 days and 20 hours. At this time , image IV,
the two oil droplets are in close contact, and further diffusion could have caused the dropelts to mix
and mobilize into the lower fracture. This process of oil displacement indicates that water diffusion
transport may provide enough driving force to produce oil to fracture in the presence of a low
salinity gradient.
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8.3.5 Oil mobilization to fracture

Oil mobilization from matrix to lower fracture was observed several times during the LSW scenario
with Brine A (5wt% NaCl) by water diffusion transport. Two of the mobilization processes occurred
within field of view originating from the same pore throat, blue region in Figure 8.10. The first oil
mobilisation occurred after 21 hours and 15 minutes of low salinity injection. Figure 8.12 documents
the process. Mobilization was not observed during the first 21 hours and 15 min, image |. After
additional 15 min as shown in image Il, an oil droplet A emerged from a pore throat in direct contact
with the fracture. After 57 hours, image IlI-1V, the oil droplet continues to grow from the pore throat.
In addition, a second oil droplet B in proximity to A has appeared on the outside of the grain. In the
next image V, mobilized oil from a region outside the field of view fills the fracture flowing towards
the production port. The oil phase in fracture adheres to the matrix-fracture boundary, and oil
droplet A mixes with the oil phase and is produced with the bulk flow, image VI. Qil droplet B was not

produced, as the bypassing oil was not in direct contact with the droplet.

T

Buli flow
—
m 21 hours 30 min m 57 hours 30 min 57 hours 45 min

Figure 8.12 - Oil mobilization from matrix and fracture production. Red color represents the oil phase, the grey
islands are grains. The dark blue lines are shadows and interfaces between water, oil and grains. Image 1) The
initial situation before oil mobilization. Image 1) An oil droplet A emerges from the pore throat. Image IlI-1V) Oil
droplet A continues to grow from pore throat to fracture. In addition, an oil droplet B emerges in vicinity of A.
Image V) Oil phase produced from outside field of view bypasses the observed area. The red arrow indicates
flow direction. The oil phase adheres to the matrix-fracture boundary. Image VI) Oil droplet A is produced
together with the bypassing bulk. Droplet B is not mobilized as it was not in direct contact with the passing oil.

A second mobilization process occurred after 99 hours and 15 min shown in Figure 8.13. In image |,
oil droplet B is located as left after the first mobilization. In addtion, two more oil droplets C and D
are defined on opposite side of the grains. After 96 hours, and prior to the second mobilization of oil
droplet A, a flow of mobilized oil passes the field of view, image Il. The bypassing oil adheres to the
matrix, image lll, and oil droplet C is produced, image IV. An immobile oil droplet E is left behind in
facture and increased oil saturation at D is observed. After 99 hours and 15 min, image V, an oil
droplet A reemerges.

Oil droplet A grows over the next time span, image V- VI, before it is produced together with a bulk
of mobilized oil after 118 hours, image VII. The bulk of mobilized oil produces in addition droplets C,
D and E, but droplet B remains in place.
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Figure 8.13 - Repeated oil mobilization from matrix. Red color represents the oil phase. The dark blue lines are
shadows and interfaces between water, oil and grains. Image 1) Indicates the initial situation and localization of
oil droplets B, C and D. Image Il) A stream of mobilized oil from outside field of view enters the region. Image Ill)
The mobilized oil adheres to the matrix-fracture boundary. Image V) The bypassed oil bulk has produced with it
oil droplet C, but has left behind oil droplet E and oil saturation at D. Image V-VI) An oil droplet A emerges from
the pore throat and grows into the fracture. VII) Another stream of mobilized oil passes the observed area. Vlli)
All oil droplets A, C, D and E are produced. Oil droplet B remains in place. The length-scale in the lower right
corner of the image represent 100 um.

The counter-current oil production from matrix to fracture illustrated in figure 8.12 and 8.13 is
important in enhanced oil production from heterogeneous fractured reservoirs. During LSW, the
water will channel through the fracture system but due to the salinity gradient, water will diffuse into
matrix especially in mixed-wet carbonate reservoirs where spontaneous imbibtion is reduced. The
high salinity brine will expand and displace movable oil through the matrix. The oil will be mobilized
into fracture through paths of least resistance, as observed in the above image sequences where the
droplet appears from the same pore throat twice. As larger bulks of oil are produced along the
matrix-fracture boundary mobilized droplets will mix with the growing oil phase and flow with the
current.
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8.4 Crude Oil Displacement and Water Dispersion Growth

8.4.1 Crude oil displacement in matrix

After completing the frist set of experiments documenting the influence of different brine salinities
and refined oil compositions on osmotic diffusion, it was decided to investigate the influence of an
Ekofisk crude oil membrane. Because viscosity of crude oil is larger than that of water, the effect of
osmosis at room temperature was assumed to be minor. The crude was filtered through a 40um and
15um filter to sieve out larger particles, and two different scenarios were considered. The first was to
establish a continuous crude oil membrane through the matrix as in the refined oil experiments. The
second was to create a residual oil system. The initial high salinity brine concentration was 5wt%
NaCl for all crude oil tests. This was based on the refined oil experiments since the majority of water
dispersion, droplet growth, oil displacement and mobilization had occurred at that salinity.

A continuous Ekofisk crude oil membrane was established through the matrix as illustrated by the
brown oil phase in Figure 8.14. In this system, low salinity water (Brine C) was injected into the lower
fracture after completing the second baseline test. As a result, osmotic diffusion of low saline water
induced displacement of oil within the matrix, and crude oil was mobilized into the channel at several
occasions. The red, blue and green areas will be described in detail below.
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Figure 8.14 - Continuous crude oil membrane within field of view. The brown phase is crude oil, the grey islands
are grains, and the transparent phase is water saturation. The red, blue and green regions of interest indicate
the areas where oil displacement was observed during osmotic diffusion. The length-scale in the lower right
corner of the image represent 1000 um.

The displacement process within the red region is illustrated in Figure 8.15 below. After 2 days and
10 hours the oil and brine distribution was as illustrated in image I. As low salinity water diffuses into
matrix it reaches pore A, image Il, and the intitial crude oil is displaced. The low salinity water
diffuses by film flow further into pore B containing intital brine. The high salinity brine in pore B
expands and displaces oil from the interconnected pore C, image Il. In image Ill, the water further
invades the surrounding pore channels D, E and F from pore C. An equal displacement process has
also occurred at G, image llI.
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Figure 8.15 - Crude oil displacement by low salinity diffusion in matrix. The brown phase is crude oil, the grey
areas are grains, and the transparent phase is water saturation. The dark blue lines are shadows and interfaces
between water, oil and grains. Blue arrows indicate water flow. Image 1) Intital fluid distribution in the observed
area dfter 2 days and 19 hours of osmotic diffusion. Image Il) Low salinity water diffuses from pore A by film
flow into pore B. The high salinity brine in pore B expands and displaces oil from the interconnected pore C.
Image Ill) Water phase continues to displace oil from the surrounding pore channels D, E and F. The same
displacement process is observed in pore G.

The second oil displacement was observed in the region of interest indicated in blue in Figure 8.14.
The process is described in Figure 8.16. In image |, pore A and B is filled with brine and pore C is filled
with crude oil. During the next hour, image Il, a shift and re-location of phases occur as oil is suddenly
produced from lower matrix into fracture (cf. Figure 8.18). Pore C is now filled with water, image II.
The initial oil was displaced down towards fracture during the re-relocation of fluids. Simultaneously,
in pore A and B, crude oil is displaced from the upper part of matrix refilling the pores.

There is a contact between pore B and C through pore D containing crude oil, image lll. As crude oil
refills pore B, the inititial brine pushes on the oil phase in pore D. As a result crude oil is displaced
into pore C. After 6 days and 3 hours, image IV, crude oil has refilled most of the pore space in C. The
displacement of crude oil from the upper part of matrix into pore A and B has ceased.
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Figure 8.16 - Redistribution of fluids and crude oil displacement in matrix. The brown phase is crude oil, the grey
islands are grains and the transparent phase is water. The dark blue lines are shadows and interfaces between
water, oil and grains. The red arrows indicate oil flow and the blue arrows indicate water flow. Image 1) Initial
saturation as observed after 1 day and 18 hours of osmotic diffusion. Pore A and B contains high salinity brine,
and pore C contains crude oil. Image Il) Oil produced into lower fracture causes the fluids to redistribute within
matrix. Pore A and B are drained by crude oil from upper part of matrix and the crude oil in pore C is displaced
by water. Image lll) As pore B fills with oil the initial brine phase pushes on the oil saturation in pore D. Crude oil
is drained from pore D into pore C and water is displaced out of field of view. Image VI) After 6 days and 3 hours
the drainage of oil to pore A and B has ceased, and pore C is partially refilled with crude.

In Figure 8.17, 7 days and 4 hours after start of injection, pore C from Figure 8.16 is again completely
filled with crude oil, image I. During the next 7 hours, image II-1V, the crude oil within the pore is
gradually displaced by low salinity diffusion. In image II, the water film along the pore wall starts to
expand as low saline water diffuses through pore throath A from outside field of view. After 6 hours,
image Ill, the water phase starts to displace the resident crude oil down pore channel B. In image IV,
low salinity water has emptied the entire pore.
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Figure 8.17 - Crude oil displacement by water film diffusion. The brown phase is crude oil, the grey islands are
grains, and the transparent phase is water saturation. The dark blue lines are shadows and interfaces between
water, oil and grains. Image 1) Pore in matrix filled with crude oil. Image 1) Low salinity water diffuses through
pore channel A by film flow. Image Ill) Expanding water film displaces oil through pore channel B towards
fracture. Image 1V) Water phase has displaced all the crude from the pore.

In addition to oil displacement within the matrix, crude oil was mobilized to fracture during the
diffusion process. As crude oil is suddenly produced from the matrix, a shift occurs and the
subsequent relocation of fluids takes place as described in Figure 8.16. Figure 8.18 illustrates the
following process of crude oil production to fracture. The apparent region is illustrated green in
Figure 8.14.
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Figure 8.18 — Crude oil production. The brown phase is crude oil, the grey islands are grains, and the transparent
phase is water saturation. Image |) Water-paths channel through crude oil in the fracture as indicated by the
blue arrows. A region is circled in green where low salinity water from the fracture is in contact with matrix
pores A and B. Image 1) Oil is mobilized from the matrix through pores A and B into the fracture mixing with the
crude already present. Ill) Crude oil from the matrix and fracture merge together forming a continuous phase.
IV) Low salinity water starts to channel through the crude located along the matrix-fracture boundary towards
production.
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After 6 days 3 hours and 30 min, image |, low salinity water flows through the fracture in water-paths
through the oil phase as indicated by the blue arrows. Inside the green circle, low salinity water from
the fracture is in direct contact with the matrix and a continous water path connects with pore A and
B. After 15 min, image II, pore A and B fills with oil and crude is mobilized into the fracture. In the
fracture oil mixes with crude already present, and after another 15 min, image lll, crude oil from the
matrix has merged with oil in the fracture forming a coherent phase. More oil is produced into the
fracture and after 6 days and 6 hours, image IV, a continuous oil phase is established along the
matrix-fracture boundary. Low salinity water may again find its way through the oil and create water-
paths towards production.

Oil displacement and mobilization take place within the continuous crude oil system in a high
viscosity oil membrane. Water diffusion through film flow is the main transport mechanisms in the
system as water dispersion and droplet growth are not observed. Water in the lower fracture is
channells through the oil phase because of higher mobility. The oil remains immobile, but expands
continuously as crude is displaced from the matrix.

8.4.2 Crude oil water-dispersion growth

To investigate the effect of LSW and osmosis in a system of residual oil saturation, a micromodel was
prepared as in the previous crude oil experiment with Brine A. However, instead of creating a
continuous oil membrane the process of secondary high salinity waterflooding was performed to
establish residual oil saturation. Fluid distribution after the secondary waterflooding is shown in
Figure 8.19. By creating a system of residual oil, the diffusion transport mechanism of low salinity
water will first be dominated by water diffusion to dilute the initial high saliniy brine in matrix.
Afterwards, the main mechanism will be osmotic diffusion mobilizing the residual oil saturations by
water flux through the oil membrane. However, based on the experience with water flux through
high viscosity refined oil membranes, the osmotic effect is expected to be reduced.
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Figure 8.19 - Residual oil distribution after secondary waterflooding. The brown phase is crude oil, grey islands
are grains, and the transparent phase is water saturation. The red box indicates the area where accumulations
of water dispersions were observed. The blue box indicates the area where oil displacement developed. The
length-scale in the lower right corner of the image represent 500 um.
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Following preparations, low salinity waterflooding was performed. The results are illustrated in
Figure 8.20. The area observed lies on the matrix-fracture boundary marked red in Figure 8.19. The
initial conditions at 0 hours is depicted in image |. Traces of high salinity brine are located within the
residual oil phase as water-in-oil. After 11 hours and 45 minutes, image Il, increased amounts of
water dispersions have occurred within the crude oil. The same effect as observed in Figure 8.4 is
detected. As the water-in-oil coalesce into larger water dispersions, the density difference between
the crude oil and water relocates the droplets down towards the water-wet glass surface of the
micromodel. When the droplets reach the glass the water spreads out and adheres to the surface. An
example of this behavior is observed by the two droplets encircled red in image Il. During the course
of LSW the two water-in-oil coalesce and subsequently disappear due to surface adhesion.
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Figure 8.20 - Crude oil water-dispersion growth. The brown phase is crude oil, the grey islands are grains, and
the transparent phase is water saturation. Image 1) Initial conditions with water-in-oil observed within the
crude. Image II) Water micro-dispersions have started to grow within the crude. The droplets encircled in red
will coalesce and disappear by the next frame. Image Ill) Extensive water dispersion growth has caused the
crude oil to expand towards the fracture. The length-scale in the lower part of the image represent 100 um.

After 5 days, image lll, the accumulations of water dispersions have grown extensively within the
crude oil by osmotic diffusion. The initial water-in-oil expands as low salinity water diffuses through
the oil membrane. The water-in-oil merge and form larger water disperisions. The increased water
phase within the crude causes the oil phase to expand, moving the crude oil-water interface towards
the fracture.

8.4.3 Crude oil displacement by water dispersions

Expansion of residual crude oil is also apparent within matrix due to osmotic transport of low salinity
water through an oil membrane as illustrated in Figure 8.21. The residual oil saturation in question is
located within a pore connected by four pore throats surrounded by high saline brine, blue region in
Figure 8.19.

In Figure 8.21 image |, water-in-oil is observed within the oil phase near pore throat A. After 1 day
and 3 hours, image Il, possible osmotic diffusion of low saline water into the initial water-in-oil form
water dispersions within the crude and the oil phase expands towards the left adjacent pore by
throat A. The supply and diffusion of water into the crude oil is observed through pore throat B. By
image lll, the pore is almost filled by growing water dispersions, and at image VI, almost 50 % of the
oil surface area is displaced into the neighbouring pore.
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1 day 3 hours

Figure 8.21 - Crude oil displacement by water dispersion growth. The brown phase is crude oil, the grey islands
are grains, and the transparent phase is water saturation. Image 1) Water cores are observed within the crude
oil phase at pore throat A. Image Il) Water dispersions grow within the crude supplied by low saline water
through pore throat B. The oil phase starts to expand. Image 1ll) Continuous water dispersion growth occurs
within the oil phase. Image IV) A greater part of the oil phase is almost displaced into the adjacent pore through
A. The length-scale in the lower part of the image represent 100 um.

After creating a crude oil membrane in the matrix, continuous or residual, mobilization of oil is
detected. The difference in the effective transport mechanisms between scenarios seems to be
related to the magnitude of the oil membrane. In a continuous crude oil system, the high salinity
brine is mainly distributed along the water-wet grains of the matrix, and water diffusion by film flow
is a major mechanism. This is a slow process as illustrated in Figure 8.15. In a residual oil system,
larger surfaces are covered with brine and direct dilution takes place when low salinity water is
injected. As the water saturation in matrix reaches equilibrium, the remaining high salinity brine
resides within the crude phase as water-in-oil. Osmosis becomes the main transport mechanisms,
and increased water dispersion is observed.
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8.5 Observed Mechanisms during Osmotic Diffusion

When implementing a salinity gradient in a system primary drained with oil, effects resembling
osmotic diffusion were observed. From the baseline experiments provided for both refined oil and
crude oil experiments, no fluid interactions were detected in the absence of an apparent salinity
gradient (cf. Figure 8.1 and 8.2).

The first set of experiments was performed using refined oils n-Heptane and n-Hexane to investigate
the effect of osmosis when applying a salinity contrast between the aqueous phases. According to
Sandengen and Arntzen (2013), oil exhibits the characteristic properties of a semi-permeable
membrane transporting non-polar water molecules, no ions, through the oil phase.

As the baseline tests showed no sign of fluid-fluid interactions or oil mobilization, it was assumed
that the potential osmotic effect would be one of the primary mechanisms present during a tertiary
waterflood of reduced salinity concentration. In the micromodel, the generally accepted LSE by
wettability alteration is not applicable to the strongly water-wet system as oil droplets will not
adhere to or spread across the surface of the water-wet grains. The proposed effects of fines
migration, MIE or electrical double layer expansion by Tang and Morrow (1999), Lager et al. (2006)
and Lightelm et al. (2009) are not evident as they rely on mixed-wet to oil-wet conditions for
favourable oil mobilization and recovery.

When implementing LSW to a refined oil system, two processes were observed 1) increased water
dispersions and water droplet growth in matrix and 2) residual oil displacement and mobilization in
both matrix and fracture.

8.5.1 Water dispersions and water droplet growth in matrix

The highest salinity gradient was established between the brine and injected low salinity water in
systems initially saturated by Brine B. Based on research by Ellila (2012) a high difference in salinity
concentration will yield a high chemical potential between the aqueous phases increasing water flux
through the oil membrane. The increased water flux cause water dispersions to grow within the oil as
low salinity water diffuses through the membrane from areas with high chemical potential (low
salinity) to areas of low chemical potential (high salinity). The difference in chemical potential
induces water transport until equilibrium is reached and the contrast is reduced to zero by dilution.

In addition to water dispersions, water droplet growth along the pore wall was observed across the
matrix field of view, as the low salinity water travelled by diffusion film flow coating the matrix
grains. In surface roughness, transport was obstructed and droplets continued to grow until the
water film coated the surface. As long as there was a significant driving force for water to accumulate
and grow into droplets, i.e. osmotic gradient, water droplet growth would repeatedly occur as
observed in Figure 8.5. As the osmotic gradient diminished, the growth ceased as illustrated in Figure
8.7.

The presence of water dispersions and droplet growth in matrix was sensitive to oil composition. The
refined oil with higher carbon number, n-Heptane, showed less effective water flux compared to the
refined oil of lower carbon content, i.e. n-Hexane. In the experiment conducted with n-Heptane only
some larger pores exhibited water dispersion growth and coalescence as shown in Figure 8.4. Water
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dispersions and water droplet growth was seen to greater extent in the n-Hexane oil membrane (cf.
Figure 8.5).

The greater water flux through the n-Hexane membrane is confirmed by the Stokes-Einstein
equation (cf. section 3.4, equation 3.2). The equation states that the diffusion constant Dag, for fluid
A through B, is inversely proportional to membrane viscosity. Oil compositions with lower carbon
numbers have lower viscosity and water through n-Hexane will therefore have a higher diffusion
constant than for n-Heptane. Fick’s law (cf. equation 3.1, section 3.4) shows that water flux is
proportional to the diffusion constant. The water flux, or water dispersion and droplet growth,
should therefore be greater in the system primary drained by n-Hexane.

In addition, another important observation can be made from the system mentioned. Due to the
density difference between oil and water, as water-in-oil coalesce into larger dispersions, the drops
descended towards the water-wet glass window and adhered to the glass surface. This loss of larger
water dispersions within the oil phase, when water was spread across the glass surface, reduced the
potential for oil expansion.

8.5.2 Oil displacement and mobilization in matrix and fracture

For systems initially saturated by Brine A, a low osmotic gradient was established between the
aqueous phases. In the presence of a lower salinity gradient, water dispersions and droplet growth
were to a lesser extent seen. However, movement of interfaces, oil displacement and mobilization
was observed to the fracture.

The low saline water injected to the system travelled along the water-wet pore walls of the grains
into regions of high salinity brine. This film-flow caused the initial brine phase to expand, and the
surrounding oil was displaced as illustrated by the inaccessible brine expansion in matrix of Figure 8.9
and near fracture in Figure 8.11. The movement of interfaces and displacement processes caused the
change seen in Figure 8.8.

Oil production through lower fracture was also observed, and two mobilization processes of oil to
fracture were visualized from the same pore throat in Figure 8.12 and 8.13. When oil was produced
through the lower fracture it flowed with the rate of the injected low salinity water (0.042 ml/h)
towards the production channel. As the water-oil interface swept the matrix-fracture boundary,
mobilized oil droplets were produced together with the rest. In some cases, capillary retained oil
droplets (cf. Figure 8.13 droplet B and D), or immobile droplets were left in the fracture (cf. Figure
8.13 droplet E).

8.5.3 Crude oil water-dispersion growth and displacement

The results obtained from the refined oil experiments were extended to investigate the effect of
osmotic diffusion through a reservoir composite crude oil. Brine A (5wt% NaCl) was used to represent
formation brine, implementing a relatively low osmotic gradient when injecting low salinity water.
Brine A was chosen as the majority of oil displacement and mobilization processes occurred at low
brine concentration in the refined oil experiments. Two different experiments were performed, one
with a continuous crude oil membrane across the matrix, and another with a discontinuous residual
oil membrane.
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In the continuous oil membrane experiment (cf. Figure 8.14) oil production to fracture was observed
within field of view together with redistribution of fluids in matrix. Crude oil pores were relocated
with brine, and brine filled pores became drained by crude oil from connected pores as documented
in Figure 8.16. Water diffusion was also evident through the water film coating the matrix grains.
Crude oil displacement processes inside matrix are illustrated in Figure 8.15 and 8.17. In addition,
crude oil was produced to fracture as seen in Figure 8.18.

By creating a discontinuous crude oil membrane within matrix the residual oil was to a greater extent
surrounded by high salinity brine as presented in Figure 8.19. Water diffusion through film flow
would hence have lesser effect on oil mobilization. During LSW it was observed that diffusion of low
saline water through the residual crude oil membrane was the main mechanism for oil expansion and
mobilization. Because water is to a certain degree soluble in oil, initial brine as water-in-oil was
located within the crude oil phase. When injecting low salinity water, an osmotic gradient was
established between the water surrounding the residual oil saturation and the water-in-oil inside the
crude. This caused increased diffusion of low saline water through the oil membrane into the high
saline brine. The water-in-oil expanded and accumulated into water dispersions. As the water
dispersions coalesced, the oil phase expanded as observed in Figure 8.19 and 8.20. The growth of
water dispersions due to low salinity diffusion is assumed to be the same as the water micro-
dispersions detected by Emadi and Sohrabi (2013). The osmotic diffusion mechanism transports low
salinity water into high saline water-in-oil through the oil membrane, were they grow into water
dispersions and coalescence into water droplets.
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9 Miscible CO, Injection in Tight Shales

Continuous miscible CO, injection was performed to document potential oil production from tight
reservoir shale saturated with n-Decane and Ekofisk crude oil. Eight experiments were conducted
and representative recovery factors were obtained by calculating the cores’ weight before and after
CO, injection, and by measuring volumetric oil production at the outlet. From the visualized recovery
history, dynamic production profiles were made to investigate both the effect of miscibility and
displacement, and production potential in terms of pore volume CO, injected. The flow capacity of
the shale samples was also determined by accounting for compressible Darcy flow at test conditions.

9.1 CO, Gas Permeability in Tight Shales

During miscible CO, injection one objective was to estimate the effective end-point permeability for
CO, related to shale flow capacity. From laboratory experiments, shales are found greatly sensitive to
changes in confinement pressure also known as overburden stress (Heller and Zoback, 2013). Both
measurements of fracture and matrix permeability depend greatly on confinement pressure. As
mentioned earlier by Organi et al. (2011), induced hydraulic fractures in shale reservoirs degrades in
consequence of increasing overburden pressure influencing the permeability of the rock matrix.

Matrix permeability decreases in pore size under high confinement pressures. From results
presented by Heller and Zoback (2013) on measuring shale permeability, matrix reductions were
observed to improved gas permeability through the network. The observed improvement was
associated with increased gas slippage and Knudsen diffusion as the porous network was reduced to
micro-pore level. Estimates provided by Heller and Zoback (2013) showed slip-flow to be significant
for total flow capacity at pore-pressures below 400 psi, supposedly exceeding Darcy flow through the
low permeable shale.

Wasaki and Akkutlu (2014) investigated the complexity of matrix permeability in organic-rich shale of
dual porosity. Effects were found related to; 1) stress dependent permeability transport in inorganic
slits and 2) “free” diffusion transport in organic- rich pores. The Knudsen number (cf. section 2.2.3)
determines gas transport. Stress dependent permeability is induced when confinement pressures
increase and the inorganic slit-pores (i.e. micro-fissures and fractures) close. The surface area
associated with pore walls is reduced and the previously negligible effect of adsorbed gas increases
as mean path decreases. The inorganic pore network moves out of the Darcy regime at K, < 0.01,
into slip -and diffusion-flow. In organic-rich pores holding significant volumes of adsorbed and
dissolved hydrocarbons, diffusive transport is induced as inorganic pores close with increased stress
(Wasaki and Akkutlu, 2014).

Methods commonly used for determining permeability of shale are core-scale laboratory gas
injection, crushed samples or mercury intrusion (Cui et al., 2009). The practical use of gas injection in
shale is however reduced due to low injectivity, time scale and complexity of measuring small
pressure drops and flow rates. Cuttings or crushed samples are more commonly used. However, one
disadvantage of performing permeability measurements on crushed samples is loss of the naturally
occurring micro-fractures in shale (Heller and Zoback, 2013). The most accurate method would be
that of mercury intrusion on whole unconfined samples.
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Choice of gas composition for measuring permeability is dependent on pore size distribution in tight
shale. As surface area decreases within micro -and meso pores, contact area for gas molecules will
increase. Some shales have well-developed micro-pore systems with unique transport capabilities
related to specific gases (Cui et al., 2009). Hence, permeability measurements vary for gases of
different molecular composition and size. Because the main components in shale are hydrocarbons,
natural gas i.e. methane (CH,) is the preferred choice. This is because methane molecules exhibit a
stronger molecular sieving effect than molecules of the normally applied N, -or Helium gases.
However, when using methane kerogen adsorption effects have to be accounted for (Cui et al.,
2009).

In this thesis, gas permeability for shale is measured in relation to miscible CO, injection for oil
production. When applying CO, gas for measuring permeability, certain assumptions and corrections
have to be made. These are discussed further in section 9.1.1.

Opdal (2014) and Bg (2014) performed effective gas permeability measurements on shale using CO,
gas at the Dept. of Physics and Technology. The calculated permeabilities were based on measured
values by Darcy’s law for incompressible fluids, and showed great variations in the mD-range.
However, one important observation was reported. Originally, shale cores were wrapped in
aluminium foil to protect the core-holder’s rubber-sleeve from CO, damage. When visualizing CO,
flow through PET/CT images at Haukeland University Hospital (HUH), it was observed that the
injected CO, bypassed the core along the aluminium foil. Hence, permeability measures were
conducted without foil and the permeability values improved significantly in the uD-range. Opdal
(2014) and Bg (2014) also confirmed the importance of high net confining pressures to enforce CO,
flow through the core.

9.1.1 Assumptions when estimating shale permeability
The following assumptions were made when estimating shale permeability during miscible CO,

injection.

Non-Darcy flow

Because pore sizes in tight shale formations are a thousand times smaller than in conventional
reservoirs e.g. sandstone, gas flow is expected to be a combination of Knudsen and/or slip-flow.
Hence, Darcy’s law cannot be used directly and modified versions are generally applied accounting
for non-Darcy behavior. The Knudsen number quantifies the effect of increased gas slippage against
pore walls due to reductions in mean free path. Laminar flow by Darcy’s equation resides within the
viscous flow regime by Knudsen number. If slip-flow occurs, flow transitions from the viscous into the
slip-flow regime require corrections by the Klinkenberg equation. These corrections are generally
made at gas pressures below 10 bars (Zolotukhin and Ursin, 2000).

Effects of inertia and turbulence will alter the conditions for laminar Darcy flow if high flow rates are
applied in the viscous regime. At high rates, increased pressure drops across the core identify the
presence of inertia. Gas permeability will in this case deviate from Darcy conditions, and versions
modified by the Forchheimer equation are applied. When estimating CO, gas permeability, potential
effects of inertia or slip-flow has to be accounted for as liquid and supercritical CO, are highly
compressible through the micro -and macro pores of the network.
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The miscible CO, injections performed in this thesis were applied at constant differential pressure
and at low flow rates ranging from 2.1 ml/h — 26.2 ml/h. It was reasoned that with induced rates
being this low the effects of inertia would be insignificant. In addition, all injections were performed
at absolute pressures above 160bar (2000 psi), which should make the Klinkenberg effect negligible.
These assumptions are supported by the findings of Swami and Clarkson (2012), and Sanaei et al.
(2014), who report deviations from Darcy permeability at pressures below 5000 psi and 2000 psi
respectively. Above these levels, the ratio of apparent gas permeability to Darcy permeability is
observed to be close to 1. The experiments performed in this thesis apply pressures above 2000 psi
which is the lower limit estimated by Sanaei et al. (2014). Hence, the permeability measurements by
CO, injection were only modified for compressibility applying Darcy’s law for compressible gases (cf.
equation 2.5, section 2.2.3).

Gas Compressibility Factor

Darcy’s law for compressible gases assumes ideal gas behaviour at low pressures for a mean pressure
relationship to be valid (Ahmed, 2006). However, CO, is a real gas, and real gases behave differently.
The deviation from the ideal gas law increases with increased pressure and temperature, and varies
with the composition of the gas (Ahmed, 2006). A change from moderate to high pressures will
hence influence its volumetric properties, and corrections have to be made for compressibility. A
correction factor called gas-compressibility factor (Z-factor) is introduced to account for real gas
behavior.

By applying the gas properties for CO,, the Standing-Katz chart can be used to determine the Z-factor
(Skarestad and Skauge, 2012). However, the chart is generally related to natural gases and can only
be applied if the fraction of non-hydrocarbons is less than 5%.The CO, used in this thesis is a non-
hydrocarbon gas with purity > 99,999% CO, (cf. Table 5.1 section 5.1) and a correction factor for
compressibility is therefore not accounted for. It is assumed that the Z-factor is equal to 1 and that
CO, behave as an ideal gas.

Effective End-point Permeability of CO,

Darcy’s law for gas compressibility was applied to calculate the end-point effective permeability for
CO, (cf. Equation 2.5). The permeability was calculated using the 50 last readings of injection rate and
differential pressure (logged by the SP-pump and ESI-transducers) after oil production had ceased.
The geometric shale properties are found in Table 5.2, section 5.3.

When calculating the effective end-point permeability changes in viscosity and density of CO, across
the core were accounted for. As the pressure is lower at the outlet, the rate of CO, will be higher
downstream. Hence, the end-point effective permeability was calculated at both upstream and
downstream conditions, and an effective permeability value across the core was calculated for each
sample.
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The absolute permeability of a porous medium is related to effective and relative permeability by the

equation,
Ke
K= X, (9.1)

Where K is the absolute permeability of shale (D), K, is the CO, effective end-point permeability (D),
and K, is the CO, relative permeability (D) (Zolotukhin and Ursin, 2000).

To relate the calculated effective end-point permeability of CO, to the absolute permeability of shale,
assumptions were made regarding the end-point relative permeability. Generally, relative
permeability values lie in the range 0-1 depending on the distribution of the saturating phase.
Because CO, is the only phase flowing at the end of production, an end-point relative permeability
can be assumed.

Shale formations are mainly oil-wet (Fakoharenphol et al., 2014), and in oil-wet reservoirs the end-
point relative permeability of water at residual oil saturation is generally greater than 0.5 (Zolotukhin
and Ursin, 2000). Because mobility is higher for gas than water, end-point relative permeability of gas
(Kyg) is assumed to be 0.5 > K,.; > 1. Hence, a minimum and maximum range is provided for the
absolute shale permeability at 0.5 and 1 respectively. The results of the permeability calculations are
shown in Table 9.1, section 9.1.2.

9.1.2 Evaluation of shale permeability measurements

Unconventional shales correspond to source rocks of low permeability, overlaying or underlying
hydrocarbon reservoirs. The low matrix permeability and diffusivity potential creates a mass-
transport barrier between the ~2.0 um pore throat size of reservoir rock and ~0.05 um size of low
permeable shale (Nelson, 2009). The characterization of permeability in terms of pore throat size is
given in orders of magnitude, and a reduction in throat size corresponds approximately to two orders
of reduction in permeability (Nelson, 2009). In this thesis, if the pore throats are assumed to be
maximum 1 um (macro-pores by Kuila et al., (2012) section 2.2.2), the permeability values will be in
the range from micro -to nano-Darcy.

Table 9.1 lists the absolute permeability values for the 8 experiments conducted. The average
permeability value for each sample is highlighted in red, blue and green for shale core 12iA, 3i and 4i
respectively.
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Table 9.1 - Absolute permeability measurements of shale cores 12iA, 3iand 4i

Differential Absolutt shale permeability [uD]
Core ID pressure [bar]

+0.57 Maximum (K, = 0.5) Minimum (K, =1.0) | Uncertainty"
12iA_1 77.86 0.0055 0.0028 *+ 3.0E-5
12iA_2 79.74 0.0027 0.0014 *+ 1.0E-5
12iA_3 72.33 0.0038 0.0019 *+ 2.0E-5
12iA_4 70.04 0.0013 0.00064 + 1.0E-5
12iA =0.0033 =0.0017 =+ 3.0E-5
3i 1 29.52 0.025 0.013 +2.0E-4
3i 2 70.88 0.020 0.010 *+ 6.0E-5
3i =0.023 =0.011 =t 2.0E-4
4i 1 67.76 0.0077 0.0038 + 4.0E-5
4i_2 69.16 0.0081 0.0041 *+ 4.0E-5
4i =0.0079 =0.0039 =t 4.0E-5

1) Uncertainty is calculated by equation A3, Appendix A. Uncertainty is set as the highest individual error.

Shale absolute permeabilities were estimated to be in the 10~2uD-range. Shale sample 12iA was
calculated to have the lowest absolute permeability with a maximum value of 0.0033+3E-5uD (cf.
Table 9.1). Sample 4i showed a moderate value of 0.0079+4E-5 uD, and sample 3i yielded the highest
permeability of 0.023+2E-4 uD (uncertainty values associated with instrumental errors are calculated
to be low). The varying permeability values for the 12iA n-Decane experiments in Table 9.1 are due to
the high oil recovery during CO, injection. When the gas flow is obstructed by less residual oil, the
effective end-point CO, permeability will increase.

Some conclusions can be drawn between shale flow capacity and structural compositions by
comparing the results to the CT-scans provided by Graue et al. (2014) in section 5.3. An image
montage of CT scans for shale 3i is shown in Figure 5.6. The image shows straight laminations
dominating throughout the sample, and no distinct high-density zones are observed. For shale
sample 4i (cf. Figure 5.7) regions of higher density are seen together with laminations progressing
through the core. Shale 12iA however (cf. Figure 5.8) shows a structural composition of patchy high-
density zones in a tight texture without the prominent laminations of shale 3i and 4i. This is in
agreement with the samples being extracted from different sections or layers of the shale formation.

The high permeability values in cores 3i and 4i indicate that their laminated structures favor fluid
flow. In addition to laminations, core 4i has areas of higher density, which in turn may hinder flow
resulting in the moderate permeability. For 12iA the absence of laminations and the presence of
patchy areas of high density appears to be responsible for the low permeability. As shale 3i exhibits
the highest flow capacity, recovery potential from this reservoir region is assumed to be highest.
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Based on the formation structure from which the samples were extracted (cf. section 5.3) it is
suggested that shale 3i may be related to the middle section of producible sand -and siltstone
reservoir rock where permeability is sufficiently high to induce flow. Shale 4i of moderate
permeability may originate from the lower section constituting a source rock of high organic content.
Hence, the composition of the tight textured matrix in shale 12iA of lowest permeability, with no
structures for flow, may belong to the upper shale layer, composing a seal for the two underlying
formations.

To have knowledge of the estimated permeability values, will be of importance when describing flow
behavior during miscible CO, injection and oil recovery performance. Darcy’s law for compressible
fluids is further applied by making the assumptions of section 9.1.1 when calculating the effective
CO, permeability during miscible CO, injection in section 9.4.

9.2 Repeated Oil Saturation of Shale Cores

The shale samples had to be re-saturated between the experiments prior to performing miscible CO,
injection. The three samples were re-saturated several times, mainly by crude oil (shale 3i and 4i) but
also with n-Decane (shale 12iA).

The results of the 3D-saturation of shale cores are shown in Table 9.2. Maximum saturation in terms
of 100% pore volume for shale core 12iA appears to be overestimated for all re-saturations: more oil
enters the core than theoretically possible. This overestimation was not observed in shale cores 3i
and 4i. The uncertainty associated with saturation values for 12iA is related to the core porosity. The
porosity was set to 5% because accurate porosity data was not provided. Based on the achieved oil
saturations from weight measurements listed in Table 9.2 a porosity of 5% looks underestimated in
this case.

For shale cores 3i and 4i the estimated porosity values (74.8% and “4.5% respectively) shows better
agreement. From Table 9.2 the first re—saturations by crude oil yields 79% and 77% oil saturation
respectively for core 3i and 4i. During miscible CO, injection, it is unlikely to obtained 100% oil
recovery and small amounts of residual oil within the porous network may exist after production. The
achieved re-saturations depend on the amount of oil present before the re-saturation step. This may
be observed from the saturation values during the second re-saturation of shale 3i and 4i: 4% and
15% lower oil saturation was achieved compared to the first saturation.
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Table 9.2 - Results from re-saturations of shale cores, including saturation fluid and temperature

conditions
Core ID Saturation fluid | Temperature [°C] . Yolume ol ) oil saturaf)ion
injected [ml] [%PV]
12iA_1 n-Decane 25 1.57 £+ 1E-02 112 + 1E-02
12iA_2 n-Decane 25 1.72 + 1E-02 123 + 1E-02
12iA_3 n-Decane 60 1.75 +1E-02 125 + 1E-02
12iA_4 Ekofisk crude oil 60 1.58 + 1E-02 113 + 3E-02
3i 1 Ekofisk crude oil 60 1.63 + 3E-02 79 £ 2E-02
3i 2 Ekofisk crude oil 60 1.54 + 3E-02 75 £ 2E-02
4i 1 Ekofisk crude oil 60 1.54 + 3E-02 77 £ 2E-02
4i 2 Ekofisk crude oil 60 1.23 + 3E-02 62 + 2E-02

U Uncertainties are calculated by equation A4 and A5 in Appendix A.

The samples were also exposed to some damage and fragmentation during the experiments, and
may have reduced bulk -and pore volumes. This will reduce the volume accessible during re-
saturation. The saturation values were used when calculating oil recovery during miscible CO,
injection, and the estimated recoveries are presented as follows.

9.3 Oil Recovery by Mass Balance and Volumetric Production

During miscible CO, injection, estimates of oil recovery were calculated and quantified by both mass
balance and volumetric production. The production results are tabulated in Table 9.3.

The oil displaced during miscible CO, injection is flashed at the outlet when measuring volumetric
production, and the amount of oil produced is recorded as a function of time. However, because of
the small pore volumes containing oil in shale (< 2.00 ml, cf. Table 5.2) potential recovery at the
outlet is associated with large uncertainty. If the oil produced by miscible CO, is obstructed within
tubing and fittings, or if there are leakages in the system, small quantities of oil might be lost and
remain undetected at the production outlet. To provide a separate, independent estimate of oil
recovery, the cores were weighed before and after CO, injection to calculate oil production from
changes in mass. The difference in recovery between the two methods is called “production
difference”.
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Table 9.3 - Oil production calculations with mass balance and volumetric measurements during

miscible CO; injection in tight shale

By mass balance” By volume” Production
Core ID Oil produced R [ Oil produced o difference”’

(ml] + [%00IP] (ml] R¢ [%00IP] [%00IP]
12iA_1 1.79 £+ 3E-02 | 114.04 + 2E-02 | 1.40 + 5E-02 99.7+5.2 143+5.4
12iA_2 1,79 + 3E-02 | 104.00 + 2E-02 1.45 + 5E-02 103.3+5.3 0.7+55
12iA_3 1.68 + 3E-02 | 96.06 + 2E-02 1.00 + 5E-02 71.2+45 24.8 + 4.7
12iA_4 1.49 + 4E-02 | 92.37 £+ 4E-02 0.45 + 5E-02 32.1+38 60.3+5.2
3i 1 1.58 + 4E-02 | 97.04 + 3E-02 1.60 + 5E-02 77.5+3.6 19.5+4.8
3i 2 1.39+4E-02 | 89.84 + 3E-02 0.40 + 5E-02 19.4+2.5 70.5+3.9
4i 1 1.17 + 7E-02 | 75.78 + 3E-02 0.40 + 5E-02 20.0+£2.6 55.8+3.9
4i 2 1.27 £ 3E-02 | 102.94 + 3E-02 | 0.45 + 5E-02 225126 80.4+453

U Uncertainties are calculated by equation A4 and A5 in Appendix A.

Continuous miscible CO, injection in tight shale is commonly assumed to yield little oil recovery due
to low injectivity and low permeability of the rock. As seen from Table 9.3, high recovery factors were
obtained by the measured weight differences ranging from 76-114% while recovery factors obtained
by visually reading off the volume exhibited a larger range. The oil recoveries listed in Table 9.3 is
discussed in detail below, focusing on the difference between oil recovery calculated by mass
balance and volumetric measures. Temperature effects and influence of oil phase is also discussed.

9.3.1 Recovery by Mass Balance

The recovery factors obtained by weight reduction of shale cores 12iA_1 and 12iA_2 (cf. Table 9.3)
appear to exceed 100%0O0IP. In both tests the core was saturated with n-Decane and CO, injection
was conducted at room temperature (25°C). It was observed that the produced oil phase was not
clear, indicating that the n-Decane may have mixed with heavier compounds from residual crude oil.
This may have mobilized previously immobile residual oil and resulted in a production higher than
100%.

A density measurement of the produced n-Decane/crude oil mix would provide a better estimate of
recovery, but the small volume produced made accurate density measurements difficult. By
correcting for n-Decane density the remaining uncertainty would be related to porosity. More
accurate porosity values could then be estimated for 100% saturation in terms of PV (cf. equation
7.1).

Shale core 4i_2 also shows a recovery value exceeding 100%00IP. Contrary to the experiments
performed with n-Decane, it was observed that the produced oils during the crude oil experiments
were lighter in composition than the crude oil injected during saturation. Ekofisk crude is a black and
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heavy-component oil (cf. Table 5.1), but the oil phase produced was light brown. One explanation
could be that the small pores and tight matrix of the shale samples acted as filters during saturation,
passing only the lighter volatile components of the crude, excluding the heavier components. If a
lighter crude composition was initially present, the saturation values calculated in section 7.2.3 could
be underestimated (cf. Equation 7.1). Hence, more oil could be recovered as more oil saturated the
sample.

The filter-theory was later abandoned by new experiments in a modified setup with shorter tubing
and improved cooling system (ref. master student Arthur Uno Rognmo).This was done after finding
oil components in downstream tubing and the back pressure regulator during inspection, i.e. the
heavier components had precipitated on the tube wall during de-pressurization, which corresponded
with the observation of light brown oil being produced. Experiments performed in the modified
setup resulted in production of black crude of initial composition. Hence, the high recovery value for
shale 4i_2 appears to be the result of increased miscibility and mobilization of residual crude oil rater
than uncertainties in oil density/saturation.

Oil recovery estimations based on mass reduction have a higher uncertainty from experimental
inconsistency compared to instrumental uncertainty. In these cases, the uncertainties are more
related to the density and porosity values when calculating oil saturation before and after CO,
injection. The uncertainty in density, especially for experiments with n-Decane, has not been
guantified and the porosity values were only estimated. In addition, several re-pressurizations and
injections of CO, were performed during the experiments resulting in varying recovery performance
(%00IP) proportional to the amount of CO, injected.

9.3.2 Volumetric Oil Recovery

Estimation of recoverable oil during CO, injection in shale by volumetric production indicated lower
recovery factors (%0O0IP) compared to mass balance calculations (cf. Table 9.3). In addition, the
volumetric values exhibit higher instrumental uncertainty to the values obtained by weight
reduction. As the volumetric oil recovery was related to the pore volume of the given sample, not the
change in saturation, higher uncertainties were associated with measuring the small volumetric
qguantities by instrumental and human errors than by the experimental uncertainties during mass
balance. The discrepancy in recovery by volume and mass balance is indicated by “production
difference” in Table 9.3. The production difference shows a greater dependence on the instrumental
uncertainties related to the volumetric recovery than to those by mass balance.

Production difference
The bar diagram in Figure 9.1 shows total recovery by volume superimposed on recovery by mass

balance for the various tests. The y-axis shows recovery factor (%OOIP) for the 8 CO, injections
performed on the three shale samples. The red bars represent recovery from tests with shale sample
12iA, and the blue and green show recovery from samples 3i and 4i, respectively. The production
difference is mainly related to precipitation of heavier components as the system pressure sinks
below individual MMPs for the miscible phase.
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Figure 9.1 - Total oil recovery during CO; injection for the three shale samples by mass balance and volumetric
production. The red bars show the recoveries from shale 12iA, both n-Decane and crude oil. The blue bars
represent crude oil recovery from shale 3i, and green bars represent the same for 4i. Total recovery by weight
difference is illustrated by the overall height of the bar. The section in heavy color is recovery obtained from
volumetric production marked with representative values. The lighter areas on the bar graphs illustrate the
production difference between the two methods

N — Decane production

The two n-Decane tests on shale 12iA at 25°C show less production difference than the n-Decane and
crude oil test at 60°C. At room temperature n-Decane will be first-contact miscible with the injected
liquid CO, at pressures above 90 bar (Ahmed, 2013), and will remain in solution at 150 bar until they
are produced to atmosphere through the BPR.

As mentioned previously, the injected n-Decane seems to be soluble with residual crude inside the
porous network, and hence the amount of oil recovered by mass balance exceeds OOIP. The
difference between mass and volumetric production for shale 12iA_1 is greater than for 12iA_2,
which might be attributed to higher amounts of heavy components being released as the crude and
n-Decane mixture consists of hydrocarbons with various MMPs. The second n-Decane test 12iA_2
represents a better correlation between recovery by mass balance and produced volume because
residual crude oil has already been partially produced.

A CO, injection test Shale 12iA_3 with n-Decane was also performed at 60°C to investigate the
miscibility effect on recovery at elevated temperature. The result shows a reduced oil recovery
compared to results at 25°C and an increase in production difference. Miscibility with residual crude
increases with temperature hence the heavier components are separated by the reduction in
pressure and temperature when produced.
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Crude oil production

Experiments with Ekofisk crude oil saturated cores were performed on all shale samples at 60°C to
determine recovery potential closer to reservoir conditions. Pressures above 200bar were applied
during all CO, injections to obtain miscibility between supercritical CO, and crude oil. The results
from CO; injection in crude oil saturated cores are shown in the Figure 9.1 for tests 12iA_4, 3i 2,4i_1
and 4i_2. The trend observed for all crude oil experiments is that total recovery in terms of mass
balance is high, between 75% (4i_1) to 103% OOIP (4i_2), but recovery in terms of volumetric
production is low, between 19.4% (3i_2) to 32% OOIP (12iA_4). The difference in production is
mainly related to the different MMPs for the various crude oil components.

One exception to the crude oil trend was observed for shale 3i_1. This sample gave oil recovery of
97%00IP by mass balance, and 77% by measured volumetric production (cf. Table 9.3). When
performing miscible CO, injection a leak was detected through the inlet valve 4 (cf. Figure 7.1). In
pressurizing the system with CO, the inlet and outlet valves 4 and 6 were closed until opened for
applying a differential pressure across the core. Molecular diffusion may have occurred because of
this valve leakage, mixing CO, with crude oil until miscibility is achieved before opening the valves.
When production is initiated the miscible bank of crude and CO, is displaced towards production.
Hence, some heavy crude is lost due to MMP variations (cf. Figure 9.1), but a higher recovery is
achieved because of the established miscibility.

Production profiles for both n-Decane and crude oil experiments are discussed in the following
section to investigate displacement efficiency during the miscible CO; injections.

9.4 Dynamic Production

Oil production was recorded during both liquid and supercritical CO, injection by measuring oil
flashed at the outlet as a function of time and injected CO, pore volume. Time zero was set at the
first sign of production at the outlet.

Profiles illustrating dynamic production are presented below for 5 experiments were production data
was collected. Note that total recovery for the dynamic production profiles are not consistent with
recovery measured by volumetric production. The dynamic production data gives the amount
produced during CO, injection, while the volumetric data includes the additional amount obtained
when de-pressurizing the system. Fundamental n-Decane tests are described prior to the crude oil
experiments, the latter at simulated reservoir conditions.

N — Decane production

Tests were performed with n-Decane to investigate oil production from low permeable shale by first-
contact miscible CO, injection. The injected CO, was liquid at 100bar and 25°C with a mobility ratio
close to one with n-Decane. Subsequently, system temperature was increased to 60°C to create a
less favourable mobility ratio. These tests were performed as a foundation for subsequent crude oil
experiments, where mobility ratio between supercritical CO, and crude would deviate further from
unity.
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Figure 9.2 shows the recovery profiles for the first-contact miscible CO, and n-Decane displacements
at 25 °Cand 60 °C (12iA_2 and 12iA_3) versus the pore volume liquid CO, injected.
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Figure 9.2 - n-Decane recovery performance for shale 12iA_2 and 12iA_3 versus pore volume CO, injected. The
experiments were conducted at 25 °C and 60 °C, respectively. The solid squared graphs, in purple and red, show
recovery factors for 12iA_2 and 12iA_3 respectively. The secondary y-axis on the left shows the effective
permeability of CO, for each miscible displacement illustrated by the circled dots in light purple and light red.
Error bars are presented indicating uncertainty in recovery and pore volume injected. The errors are higher at
the end of recovery as oil production decreases and the injected pore volume CO, increases.

12iA 2

The total recovery for 12iA_2 at 25 °C was observed to exceed 100% with maximum recovery
observed after approximately 12 pore volumes (PVs) of liquid CO, injected. Because liquid CO, was
first contact miscible with n-Decane the two liquids were produced together as one hydrocarbon
phase. The mobility ratio between the phases was close to unity, providing optimal microscopic
displacement.

By direct miscibility, the front saturations flowed with constant velocity illustrated by the linear
performance during the first 1-4 PVs CO, injected (Figure 9.2). Near 80% recovery (%OOIP) was
obtained at this time. From 4-12 PVs CO, injected, the recovery entered a transition zone producing
decreased amounts of n-Decane. The injected CO, eventually dominated the pore space when the
bulk part of recoverable oil was produced. Over 100% recovery (%OO0IP) was obtained for the test.
Section 9.3.2 explains the reason for the overestimation. Effective permeability of CO, remained
relatively constant throughout the displacement process. The minor decline indicates that the CO,
injection rate and differential pressure were reaching a steady state after initial pressurization.
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12iA 3

An adverse mobility ratio was established by increasing the temperature to 60°C in a subsequent
injection test (12iA_3). Total recovery of 70%00IP was observed after approximately 58PVs CO,
injected. This equalled 46 PVs CO, more compared to n-Decane at 25°C (12iA_2). The curve (cf.
Figure 9.2) indicates that the experiment was terminated before maximum recovery was reached.

At elevated temperature, the mobility ratio exceeds one as the viscosity of n-Decane is decreased (cf.
Table 5.1) and the viscosity of liquid CO, increases (cf. Figure 4.3/Table 5.1). The unfavourable
mobility ratio causes a long tail production. After breakthrough in Figure 9.2, 6PVs of CO, were
injected before a continuous production developed. Subsequently, the production moved into a
transition zone. After approximately 28PVs CO, injected the recovery showed a linear relationship
indicating that constant amounts of n-Decane were being produced.

At 60°C, the higher effective CO, permeability (cf. Figure 9.2) indicated that the CO, injection rate
was increased through the core and channelling had most likely occurred prior to miscibility. Because
of the reduced viscosity of n-Decane and increased viscosity of CO,, the CO, flowed through the
channelled paths in favour of displacing the surrounding oil. With continuous CO, injection molecular
diffusion will serve as the main recovery mechanism. A shift in recovery is observed by the transition
zone (cf. Figure 9.2) and n-Decane production increases due to molecular diffusion. Sudden increases
and decreases in CO, injection rate caused variations in the effective CO, permeability. The reason is
unclear but assumed to be related to fluctuations in the SP-pump when injecting CO,. However, the
development remained stable.

CO, Quantities Injected
To obtain the presented recoveries for 12iA_2 (>100%00IP) and 12iA_3 (70%00IP), substantial
amounts of CO, had to be injected. For 12iA_1, over 10PVs CO, were flooded before production

ceased, and equivalently for 12iA_3 58PVs were required. In view of the small pore volume of oil in
shale, it would be of interest to know why so large quantities (PVs) of CO, are needed for maximum
oil recovery. The quantity of oil produced from shale is determined by the distribution and
connectivity of organic matter, and it is widely accepted that shale has a matrix with varying degrees
of interconnectivity between organics and inorganics (Vega et al. 2013). Storage for hydrocarbons lie
within the porosity of the organic matter (Curtis et al. 2014), but for flow to occur the organics have
to be connected to some degree.

Vega et al. (2013) assumed that the different density areas in shale could indicate predominantly
organic and inorganic matter matrices. Research was performed applying full field transmission X-ray
microscopy (TXM), and organic and inorganic matter was identified based on the relationship
between X-ray adsorption and density.

In section 5.3 (cf. Figure 5.8) an image montage of CT-scans taken for shale 12iA is provided. The
sample consists of a tight-textured low density matrix with patchy regions of high-density. If the
zones of higher density consitiutes the organic content of the rock, the long tailed recovery could be
explained based on molecular diffusion into these low permeability high-density regions, hence
explaining the amount PVs of CO, required for recovering the producible oil. Results from Vega et al.
(2013) however, indicated that the darker low-density areas were organic kerogen, while the lighter
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high-density areas represented inorganic pyrite. Hence, the slow diffusion process could not be
concluded based on reduced accessibility to oil saturated high-density regions in shale.

However, shale 12iA exhibited the lowest flow capacity with CT-scans revealing a tight textured
matrix. If unidentified micro-fractures exist through the core (cannot be concluded based on the CT-
scans) channelling may be induced. Because of the tight texture, molecular diffusion will be slow and
high supplies of CO, are required for counter-current production. In laminated shales i.e samples 3i
and 4i, the recovery process may be favoured by molecular diffusion occurring faster between
laminations. However, fundamental experiments with n-Decane were not performed for shale 3i and
4i, and the issue cannot be concluded without further experimentation.

Based on the n-Decane experiments, oil was produced by first-contact miscible CO, injection. To
assess recovery at reservoir conditions, molecular diffusion was investigated in crude oil saturated
cores by supercritical CO, injection.

Crude oil production

Due to positive results from the fundamental n-Decane tests, the experimental conditions were
changed to simulate reservoir by saturating the samples with Ekofisk crude oil. The CO, injections
were performed at pressures above 200bar and 60°C. Hence, under these conditions, CO, was in
supercritical state (cf. Figure 4.2, section 4.2.1). Due to composition and temperature, the viscosity of
crude oil is greater than n-Decane (12iA_3) and a larger mobility ratio was expected. This could lead
to early breakthrough with molecular diffusion being the main recovery mechanism. The
experimental objective was to determine displacement, quantities of oil produced and CO, required
for maximum oil recovery.
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The following graphs represent the dynamic production of crude oil from shale cores 12iA 4, 3i_2
and 4i_2 at 60 °C by supercritical CO, injection illustrated in Figure 9.3.
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Figure 9.3 - Crude oil recovery performance for shale cores 12iA_4, 3i_2 and 4i_2 versus pore volume
supercritical CO, injected. The experiments are performed at 60 °C. Recovery performance for 12iA_4, 3i 2 and
4i_2 are shown by the squared dots in yellow, blue and green respectively. The secondary y-axis on the left
shows the effective permeability of supercritical CO, for miscible displacement 4i_2 illustrated by the circled
dots in light green. Error bars are presented indicating uncertainty in recovery and injected pore volume. The
errors are higher at the end of recovery as oil production decreases and the injected pore volume CO, increases.

12iA 4,3i 2and4i 2
From section 9.3.2, the recovery factors for the representative experiments 12iA 4, 3i_2 and 4i_2

showed a great difference in production measured by mass balance compared to volumetric
recovery. This production difference is also observed in the dynamic production profiles of Figure 9.3.
Compared to the earlier n-Decane experiments (12iA_2 and 12iA_3), a greater production difference
was observed with crude oil.

Miscibility between supercritical CO, and crude oil is not immediately achieved upon first contact
when injecting CO,. To obtain miscibility, the supercritical CO, and crude rely on a process of
chemical exchange between the phases called multiple-contact miscibility (Terry, 2001). During
multiple-contact miscibility, a transition zone occurs at the boundary between the CO, and crude oil
where the two phases are miscible. As the injected supercritical CO, contacts the crude oil a chemical
exchange of intermediate components takes place through molecular diffusion. The intermediate gas
components diffuse into the crude oil creating a lighter oil phase, which to a greater extent is
miscible with the crude. Behind the transition zone a constant supply of supercritical CO, mix with
residual crude, and in front, the crude continuously change composition until mobility is established
towards the production outlet.
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The type of multiple-contact miscibility described above is called condensing-gas-drive. If there are
sufficient amounts of CO, available to supply condensing intermediates to the displacement process,
there is a great potential for oil not to be left behind at the end of production (Terry, 2001).
However, the low recoveries indicated by the production profiles in Figure 9.3 suggest that
substantial amounts of CO, are required to produce crude from the small pore volume of shales.

Describing recovery performance in terms of displacement efficiency is difficult based on the
obtained production profiles in Figure 9.3. Initially, the dynamic production increased steadily for
injections 3i_2 and 4i_2 until 10PVs of CO, injected. For test 4i_2, the effective permeability of CO,
showed a stabile flow until injection was stopped due to shortage of CO,. For tests 12iA_4 and 3i_2
the accumulator was re-pressurized to increase recovery in a second CO, injection test.

The system was isolated (inlet valve 4 was closed) when refilling the accumulator (cf. Figure 7.1), and
the effective permeability for CO, could not be determined as observed from the permeability graphs
3i_2 and 12iA_4 (cf. Figure 9.3). However, assuming that the CO, rate was zero within the system,
there was still a differential pressure across the core to induce flow towards production and produce
oil, as observed in the recovery profiles for shale 12iA_4 and 3i_2. When restarting the CO, injection
after refilling the accumulator, no additional oil production was observed from either shale core
because the majority of crude components had precipitated out of the condensing-gas-drive solution
due to pressure decrease below MMPs.

Another trend is seen in Figure 9.3. 12iA_4 showed a higher recovery performance compared to 3i_2
and 4i_2. In earlier discussions, it was assumed that molecular diffusion in 12iA would occur at a
slower rate than for 3i and 4i due to abscence of laminations. Based on the current graph correlation,
the tight matrix and low permeability of shale 12iA seems to develop better multiple-contact
miscibility. The results of Figure 9.3 suggest that molecular diffusion across laminations might be a
slower process.

3i 1

One exception to the dynamic crude oil trend was observed for test 3i_1. The supercritical CO,
experiment was discussed earlier in section 9.3.2 because it obtained a high volumetric recovery
compared to the other crude oil experiments. It was suggested that molecular diffusion was the main
mechanism behind the high recovery through a leaking inlet valve. During initial pressurization the
supercritical CO, came in contact with the crude oil creating miscibility. Because the system was
securely closed downstream, the miscible oil phase was first produced when the outlet valve was
opened. Oil recovery exhibits a linear increase after breakthrough between 2-4PVs injected, similar
to the first-contact miscible n-Decane test (12iA_2). After this, a transition zone is developed where
molecular diffusion aids recovery through a long tail production until 24PVs are injected. The crude
oil recovery performance for shale 3i_1 is illustrated in Figure 9.4.
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Figure 9.4 - Crude oil recovery performance for shale cores 3i_1 versus pore volume supercritical CO, injected.
The experiment was performed at 60 °C. The squared dots in turquoise show recovery performance. The
secondary y-axis shows the effective permeability of supercritical CO, for the miscible displacement illustrated
by the circled dots in light turquoise. Error bars are presented indicating uncertainty in recovery and pore
volume injected. The errors are higher at the end of recovery as oil production decreases and the injected pore
volume CO, increases.

From Figure 9.4 it can be seen that the first sign of production is observed before CO, reached a
stabilized effective permeability condition through the core. Because miscibility is achieved prior to
opening the valve, the pressure build-up moves the miscible solution with constant velocity and the
curve shows linear recovery before reaching the transition zone.
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9.5 Evaluating Possible Recovery Mechanisms

During the fundamental n-Decane experiments, oil was produced through the small pore volume of
shale 12iA by miscible CO, injection. At experimental conditions of 25°C and 100bar, first contact
miscibility was established with a mobility ratio close to one. Under these conditions, 12 PVs CO,
were injected before reaching maximum recovery and optimal microscopic displacement efficiency
(cf. Figure 9.2). By changing test conditions to 60°C and 100bar for the next n-Decane test, an
adverse mobility ratio was established between CO, and n-Decane, having respectively increased and
decreased viscosity. Maximum recovery was not obtained after 58 PVs CO, injected and the
experiment was ended (cf. Figure 9.2). Early breakthrough was observed at both 25°C and 60°C and
recovery shifted into a long tailed production when the mobility ratio between the phases was
increased. Large quantities of CO, were required to recover the producible oil by molecular diffusion.

Crude oil tests were carried out at 60°C and minimum 200bar to develop miscibility between the
composite crude oil and supercritical CO,. At experimental conditions, mobility ratio between the
supercritical CO, and crude oil was assumed to be more unfavourable compared to the 60°C n-
Decane experiment (12iA_3). All three tests (12iA_4, 3i_2 and 4i_2) showed early breakthrough and a
slowly increasing recovery due to molecular diffusion and developed multiple-contact miscibility.

Descrepancies were observed when describing displacement efficiency for crude oil experiments
12iA_4 and 3i_2. When the systems were isolated during refilling of CO,, the differential pressure
slowly decreased and heavier crude oil components precipitated out of the condensing-gas-drive as
pressures declined below MMPs. By the second CO, injection, no additional recovery was observed.
However, during the shutdown period, oil was still recovered (cf. Figure 9.3) because of the apparent
differential pressure across the core.

During crude oil recovery, 12iA showed higher production potential compared to 3i and 4i, even with
significantly lower matrix permeability. Discussions regarding molecular diffusion were re-evaluated,
and it was proposed that a tight-textured low-permeable matrix provided better means for multiple-
contact miscibility. In addition, high recovery was observed when molecular diffusion was set to
develop miscibility in a closed downstream crude oil system. The additional pressure build-up caused
increased recovery when the miscible phase was eventually produced prior to continuous CO,
injection.

By recording oil recovery as a function of time and PV injected, the effect of molecular diffusion as a
potential oil recovery mechanism was evaluated through both miscible n-Decane and multiple-
contact miscible crude oil experiments. The total production in terms of %OOIP is shown collectively
for both n-Decane and crude oil experiments versus time in Figure 9.5.

Due to first contact miscibility, endpoint recovery is higher for n-Decane experiments than for crude
oil, with the exception of shale 3i_1 (cf. Figure 9.5). The recovery performance indicates that the
molecular diffusion process is significantly time dependent, especially through the small pore volume
of shales. Accurate representation of crude oil recovery is required without heavy component
release, to determine the effective crude oil displacement process. Generally, and based on the
recovery efficency estimates, mass balance measurements show miscible CO, to be an effective oil
recovery mechanism with the ability to provide high oil recovery factors for shale.
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Figure 9.5- N-Decane and crude oil recovery for all 5 cores documented during dynamic production. The graph
shows recovery factor (%0O0IP) as a function of time (hours). Error bars are presented indicating uncertainty in

recovery.
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Part 4 - Conclusions and Future Work

10 Conclusions

Based on the experimental study of diffusive oil recovery techniques during LSW in sandstones and
miscible CO, injection in shales the following conclusions were made.

10.1 Osmotic Diffusion during Low Salinity Waterflooding

e Diffusive water transport was observed in micromodels of Berea sandstone when visualizing
potential low salinity effects by LSW in a system initially saturated with high salinity brine.
The diffusive water transport was observed as both film-flow along water-wet grains and
osmotic diffusion through the oil phase.

e In the absence of a salinity gradient no fluid-fluid interactions or diffusive water transport
was observed. With a salinity gradient between the initial high salinity brine and the injected
low salinity water, effects of osmosis were observed through the oil phase depending on the
difference in chemical potential and salinity concentration. The oil appeared to behave as an
effective semi-permeable membrane for transporting low salinity water into high salinity
regions, confirming the findings by Sandengen and Arntzen (2013).

o The first set of tests through a refined oil membrane revealed two effective processes by the
diffusive water transport, 1) increased water dispersion and droplet growth in matrix and 2)
residual oil displacement and mobilization in both matrix and fracture.

e The higher salinity gradient (i.e. high salinity brine of 20wt% NaCl) gave increased water
dispersions -and droplet growth in matrix by osmotic diffusion and water film-flow between
the high and low salinity phases. However, sensitivity to oil compositions of higher carbon
number reduced the growth effect (i.e. n-Heptane). The lowest salinity gradient (i.e. high
salinity brine of 5wt% NaCl) gave increased movement of interfaces, displacement and oil
mobilization to fracture by water film-flow. Less sensitivity to oil composition was observed,
but the processes occurred more frequently in less viscous oil (i.e. n-Hexane).

e The second set of tests with Ekofisk crude oil showed both diffusive water film-flow and
osmotic diffusion through a continuous oil membrane and residual oil membrane
respectively. Oil was mobilized and produced to fracture and fluids were re-distributed in
matrix of the continuous crude oil system, while oil expansion and consequently
displacement was observed through the residual oil membrane.
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10.2 Miscible CO, Injection in Tight Shales

e Permeability estimates by Darcy’s law for compressible fluids, under the discussed and
provided assumptions for gas flow in shale, provided absolute permeability values in the
10pD-range for the tight shale samples. The maximum average permeability was calculated
to 0.023+2E-4 uD for shale 3i, 0.0079+4E-5 uD for shale 4i, and 0.0033+3E-5uD for 12iA.
Correlating permeability values for the presented shale samples to structural CT-scans
favoured structural laminations for increased flow capacity and lower flow in structures with
high-density zones and tight textured matrixes.

e Two independent estimates of recovery were performed to quantify oil production 1) mass
balance and 2) volumetric production during miscible CO, injection. Qil recovery by mass
balance proved to be the better method based directly on change in sample weight before
and after miscible CO, injection.

e Qil recovery by mass balance yielded high recovery factors from 76% to 114%0O0IP. Recovery
exceeded 100%00IP for the n-Decane experiments because of additional production of
immobile residual crude oil. Errors associated with density of the produced fluids and the
porosity estimate of the cores provide basis for large experimental uncertainties. Volumetric
production exhibited a greater range of recovery from 19.4%0O0IP by crude oil to
103.3%00IP by n-Decane production. The overall recovery was less compared to mass
balance results because of large uncertainties relating to visualization of the small oil
volumes produced (< 2.00ml).

e Fundamental CO, injections in n-Decane tests show high recovery by both mass balance
(from 96% to 114%0O0IP) and volumetric production (from 71.2% to 103.3%00IP) due to
system pressures above MMP for n-Decane. Crude oil recovery show great differences
between mass balance (from 75% to 103%0O0IP) and volumetric production (from 19.4% to
32%00IP) due to variable MMPs for heavy crude oil components.

e  Miscibility by molecular diffusion is an effective recovery mechanism by CO, injection during
both first-contact experiments with n-Decane and multiple-contact experiments with crude
oil in shale. This conclusion is based on mass balance values. The effect of molecular diffusion
is especially important for enhanced recovery if an unfavourable mobility ratio causes early
gas breakthrough.

e Experiments performed were influenced by experimental uncertainties related to fluid
density, rock porosity, precipitation of crude components and low solution gas drives, during
miscible CO, injection. The difference between mass balance and volumetric production is a
result of precipitation of heavier components from the miscible phases in the downstream
system when pressure sinks below individual MMPs. Improvements were made by adjusting
the setup to shorter lengths of tubing and by adding a more effective cooling system.
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11 Future Work

The following future work should be considered based on the presented results by LSW in sandstone
micromodels and miscible CO, injection in shale:

11.1 Low Salinity Waterflooding

e The effect of elevated temperature on osmotic diffusion in brine/oil -systems by LSW should
be studied for increased water flux through the semi-permeable oil membrane. When
increasing temperature, the viscosity of the oil membrane will be reduced leading to
improved mobility of water dispersions and droplet growth, especially important with high
viscosity crude oils. An interesting observation would be if the transport mechanisms
reported here would cause increased oil expansion and mobilization in systems more equal
to reservoir conditions. Direct changes in matrix saturation and quantities of mobilized oil
could be evaluated.

e Osmotic effects and water diffusion by LSW should be documented in shorter time frames to
examine fluid-fluid interactions more accurately. This will assist in describing the abrupt
changes of oil displacement and mobilization in more detail.

e By aging crude oil in micromodels and establishing a mixed-wet to oil-wet surface
preference, the LSE of wettability alterations can be investigated relative to osmotic diffusion
making an attempt to verify the LSE of Tang and Morrow (1997), Lager et al. (2006) and
Ligthelm et al. (2009) and determine contribution.

e Low salinity brine with some degree of salinity should be considered to investigate the effect
on osmotic behavior.

e The diffusion constant, D, for the low salinity water through various oil membranes should be
calculated to quantify the extent of osmotic diffusion.
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11.2 Miscible CO, Injection

e Quantification of oil recovery by miscible CO, injection in tight shales should continue in the
re-designed laboratory setup to obtain better correlation between the mass balance and
volumetric quantities of produced oil. Especially important will be to document the injected
PVs CO, required to reach maximal oil recovery. The quantities of CO, required could be a
factor when deciding on continuous miscible CO, injection for EOR in tight shale reservoirs.

e To develop better miscibility between injected CO, and crude oil, longer cores should be
considered compared to the 1.5” cores applied in this thesis. Longer cores will give larger
volumes for developing multiple-contact miscibility before breakthrough occurs. Using for
example stacked cores will lead to improved miscibility. Research is currently ongoing at the
Dept. of Physics and Technology.

e Based on experimental observations (valve leakage), molecular diffusion will to a degree
establish miscibility before continuous CO, injection. The effect of shut-in periods prior to
continuous CO, injection should be investigated for CO, in direct contact with crude
saturation. The amount of PVs CO, needed to reach maximum recovery could be
determined. Such a system might be more feasible in the field than one with direct
continuous CO, injection.

e More accurate ways of determining gas permeability in shale should be considered. By CO,
injection better values can be obtained by correcting for gas compressibility. In addition, the
Forchheimer equation can be applied to correct for inertia effects, assuming that the small
cross-sectional area of the shale pores induce larger local rates than what is recognized by
the CO; injection rate.

e Other gases such as CH,; or N, can be applied to determine permeability based on their
affinity to the pore space distribution in shale. Results with re-assessed permeability values
can be compared to the values for shale flow capacity presented here.

e To investigating the effect of molecular diffusion by miscible CO, injection, both liquid and
supercritical CO, can be applied for both first-contact and multiple-contact miscibility
through micromodel visualization. Visualization may reveal the effect of precipitation of
heavy components as system pressures drop below individual MMPs for the miscible phase.
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Appendix A — Uncertainty Estimation

A calculated measurement e.g. y is generally a function of different measures x4, x5, x3, ..., x; with
related uncertainties Sy , Sy, Sx,, -, Sx;: Yy = f(x1, %5, X3, oo, X;).

Calculating uncertainty: Mean

Independent variables x, y, z, ..., i have arithmetical means x,¥, Z, ..., .
For a data set containing the measured values x4, x5, X3, ..., xy an arithmetic value X can be
calculated by:

= _ XqHXpt+XztetXN 1 onN

Where N is the number of values within the data set.

When calculating mean the uncertainty can be estimated using the max-min theorem. By the max-
min theorem uncertainty Sy is calculated by:

~ WN _ Xmax—Xmin
Sy~ U = Imerdinin for3 < N <11 (A2)

Calculating uncertainty: Addition and subtraction

If a value R is calculated by either addition or subtraction of independent variables x,y,z, ..., i,
where each independent variable provides an additional uncertainty Sy,Sy,S;, ...,Sx; then the
uncertainty for the calculated variable R, denoted Sj, can be calculated by:

5, = J(g_gsx)z (2,) 4 (Es,) e (Bs,)’ (A3)

This is the general form for calculating uncertainty related to addition and subtraction.

The above equation partially derived in respect to x, y, z, ..., i gives the simplified version:

SR = J(Sx)z + (Sy)z + (Sz)z + et (Si)z (A4)

This is the compiled form applied when calculating uncertainty in this thesis.
Calculating uncertainty: Quotient or product

If a value R is calculated as either a quotient or product of the independent variables
a’x,b%y,c?z, ...,n?i, given that a? b?,c?,...,n?are constants and x,y,z, ..., i are the independent
variables, where each independent variable provides an additional uncertainty Sy, S, S, ..., S; then
the uncertainty for the calculated variable R, denoted S , can be calculated by:

2 [T oD "
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Instrumental and Experimental Source of Errors
A total uncertainty estimate is generally caused by various errors. These can be either instrumental
or experimental.

Instrumental uncertainties

Instrumental uncertainties are determined by the precision of the instrument in use. Errors related
to instrumental uncertainties are random effects that occur in operating the instrument or in relation
to how well the instrument is calibrated.

Table Al - Instrumental uncertainties used in this thesis.

Parameter/instrument Uncertainty
Caliper +0.002cm
Pressure Transducers (ESI-USB) 10.10% FS (400bar)
Weight +0.01gr
Injection rate accuracy (Quizix SP-5200) 0.20%
Pressure accuracy (Quizix QX-6K-SS) +0.83
Cumulative vol. inj. Accuracy (Quizix SP-5200) 0.20%
Production cylinder +0.05ml

Experimental uncertainties

Experimental uncertainties are generally determined by errors that afflict experimental measures.
One important experimental uncertainty is related to systematic errors that influence or produce
consistent deviations in a set of measurements.

The following experimental uncertainties were observed in this thesis related to the miscible CO,
injections in shale:
e Estimates of porosity affecting the value of 3D-oil saturation.
e Variation in density of the produced n-Decane during miscible CO, injection.
e The precipitation of heavy crude oil components from the miscible 0il/CO, phase during oil
production.
e Reduced solution-gas drive during crude oil production.

In this thesis, the above systematic errors are much larger than the instrumental uncertainties
calculated. Hence, the instrumental uncertainties become overall insignificant in estimating
measured values.

Assumptions
The effect of assumptions may also contribute to uncertainty. This is especially the case for the

absolute permeability measurements performed on shale in this thesis were Darcy-flow, ideal gas
behavior and effective end-point permeability of CO, were assumed. This type of uncertainty is not
easy to recognise, and generally one has to determine the relative effect of the assumption, whether
it increases, decreases or randomly affects the results presented.
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Appendix B — Nomenclature

E Reservoir displacement efficiency

Ep Microscopic displacement efficiency
Evol Macroscopic displacement efficiency
Ea Area sweep

Ev Vertical sweep

N Capillary number

Denoting displacing fluid

j Denoting displaced fluid

\ Fluid rate (ml/s)

V1 Viscosity (Pa - s)

o Interfacial tension

0 Wetting angle

M Mobility ratio

A Mobility of fluid

K; Relative permeability (D)

K, Knudsen number

K Absolute permeability (D)

q Injection rate (ml/h)

L Length (m)

Ap Differential pressure (Pa)

D Darcy (unit for permeability)
Oy Gas flow rate (mi/h)

A Cross-sectional area (m?)

Kq Gas permeability(D)

p Pressure(Pa)

Q. Economic cut off rate

Npi Cumulative recovery

Ny, max Maximum cumulative recovery
J Flux of low salinity water (mol/s-m?)
Dag Diffusion constant for” A” in “B” (m/s)
6C,/6x Concentration gradient for” A” across distance “x” (mol/m)
z Diffusion distance (m)

u Fluid velocity (ml/s)

S Oil saturation

My Dry weight (g)

ms Saturated weight (g)

Vy Bulk volume (ml)

1) Porosity core angle (%)

Do Density of oil (g/ml)

Yowt Weight percent

Ke Effective permeability (D)

Krg Gas relative permeability (D)
R¢ Recovery factor (%)
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Appendix C — Abbreviations

oolp Original oil in place

EOR Enhanced oil recovery

LSW Low salinity waterflooding

LSE Low salinity effect

UoB University of Bergen

us United States

OPEC Organization of oil producing countries
PVT Pressure, volume and temperature
IOR Improved oil recovery

NPV Net present value

EUR Expected ultimate recovery

BP British Petroleum

COBR Crude-oil/brine/rock

MIE Multi-component ion exchange
NCS Norwegian continental shelf

CCs Carbon capture and storage

WAG Water alternating gas

MMP Minimum miscibility pressure

SEM Scanning electron microscopy

CcT Computed tomography

BFC Boundary flow condition

DP Diagonal production

HP Horizontal production

HDP Horizontal and diagonal production
BPR Back pressure regulator

2D Two-dimentional

3D Three-dimentional

PV Pore volumes

TMX Transmission X-ray microscopy
DRIE Deep-reactive ion etching
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